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Contact I nfor mation

The Natural Gas Transmission and DistribntModule (NGTDM) of the National Energy
Modeling System is developeddamaintained by the Energy Information Administration (EIA),
Office of Integrated Analysis and Forecastir@general questions abouethse of the model can
be addressed to Michael Sché#02) 586-5590, Director of th@il and Gas Division. Specific
guestions concerning the NGM may be addressed to:

Joe Benneche, EI-83

Forrestal Building, Room 2H026
1000 Independence Ave., S.W.
Washington, DC 20585
(202/586-6132)
Joseph.Benneche@eia.doe.gov

This report documents the archived versiothefNGTDM that was used to produce the natural
gas forecasts presented in fual Energy Outlook 2006, (DOE/EIA-0383(2006)). The
purpose of this report is to prald a reference document for modehlysts, users, and the public
that defines the objectives oftimodel, describes its basjgpaoach, and prodes detail on the
methodology employed.

The model documentation is uped annually to reflect sigfiicant model methodology and
software changes that take place as the modelags. The next version of the documentation
is planned to be releasgdthe first quarter of 2007.

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 i



Update I nfor mation

This edition of the model documentation oé tRatural Gas Transmission and Distribution
Module (NGTDM) reflects changes madethie module over the past year for thaual Energy
Outlook 2006. These changes include:

» Extension of the NGTDM projection horizon to 2030

* Endogenous specification of costs associati¢tl liquefied natural gas (LNG) imports

* LNG regasification build decision made or thasis of a net present value calculation

» Addition of a measure of the increased price of LNG necessary to attract supplies to the
United States

* Adjustment of historical production andsdrepancy data to amaent for an announced
over-reporting error in Texanatural gas production

* Projection of pipeline capacity expamsicosts based on historical averages

* Newly estimated equations forgpecting distributor tariffs fothe industrial, commercial,
and residential sectors

» Accounting for LNG imports in the Bahamas as pipeline imports into the United States,
not LNG imports

* A new equation for projecting cdsd methane prodtion in Canada
* Inclusion of a representation forgpecting LNG imports into Canada
* A new equation for setting the basépron the short-term supply curves

» Addition of gas production from oil shale.
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1. Background/Overview

The Natural Gas Transmission and Distribution Module (NGTDM) is the component of the National
Energy Modeling System (NEMS) that is used to represent the U.S. domestic natural gas
transmission and distribution system. NEMS wasetigped by the Office of Integrated Analysis
and Forecasting of the Energy Information Administration (EIA). NEMS is the third in a series of
computer-based, midterm energy modelingsystused since 1974 by the EIA and its gcedsor,

the Federal Energy Administration, to analymd project U.S. domestic energy-economy markets.
From 1982 through 1993, the Intermediate Futureéasting System (IFFS) was used by the EIA
for its integrated analyses. Prior to 1982, Mhidterm Energy Forecasting System (MEFS), an
extension of the simpler Project Independencaliation System (PIES), was employed. NEMS
was developed to enhamand update EIA’s modeling capability. Greater structural detail in NEMS
permits the analysis of a broader range of energy issues.

The time horizon of NEMS is the midterm periodttbxtends approximately 25 years to year 2030.
In order to represent the regional differencesnargy markets, the cgqunent modules of NEMS
function at regional levels paropriate for the markets peesented, with subsequent
aggregation/disaggregation to tensus Division level for reporggrpurposes. The projections in
NEMS are developed assuming that energy markets are in equifibuging a recursive price
adjustment mechanisfrgs were earlier EIA projection models. For each fuel and consuming sector,
NEMS balances energy supply and demand, a¢cmufor the economic competition between the
various fuels and sources. NEMS is orgadiand implemented as a modular systéthe NEMS
modules represent each of the feepply markets, conversion sexd (e.g., refineries and power
generation), and end-use congtion sectors of the energy system. NEMS also includes
macroeconomic and interfi@nal modules. A routine was alsdded to the system that simulates a
carbon emissions cap and trade system wittual fees to limit carbon emissions from energy-
related fuel combustion. The primary flows oformation between each tfese modules are the
delivered prices of energy to the end userthadjuantities consumed pyoduct, Census Division,
and end-use sector. The delivefadl prices encompass alletlactivities necessary to produce,
import, and transport fuels to the end user. Tharnmation flows also incide other data such as
economic activity, domestigroduction activity, anthternational petrolen supply availability.

The integrating routine of NEMS controls teeecution of each of theomponent modules. The
modular design provides the capability to exeocubelules individually, thuallowing independent
analysis with, as well as development of, individuadules. This modularity allows the use of the
methodology and level afetail most appropriate for each egesector. Each forecasting year,
NEMS solves by iteratively callingach module in sequence (onceach NEMS iteration) until the
delivered prices and quantities of each fuel in @aglon have convergedtin tolerance between
the various modules, thus achieg an economic equilibriunof supply and demand in the
consuming sectors. Module solutions argoréed annually througthe midterm horizon. A
schematic of the NEM$s provided inFigure1-1, while a list of the associated model

Markets are said to be in equilibrium when the quantities déethequal the quantities supplied at the same price; thais, at
price that sellers are willing to @ride the commaodity and consumers are willing to purchase the commodity.

%The central theme of the approach used is that supply and demand imbalances will eventually be rectified through ariradjustment
prices that eliminates excess supply or demand.

*The NEMS is composed of 13 modules including a system integration routine.
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Figure 1-1. Schematic of the National Energy Modeling System
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documentation reports is in Appdix C, including a report providing an overview of the whole
system.

NGTDM Overview

The NGTDM module within the NEMS represetite transmission, distribution, and pricing of
natural gas. Based on information receivedifather NEMS modules, the NGTDM also includes
representations of the end-usendad for natural gas, the prodwactiof domestic natural gas, and

the availability of natural gas traded on the international market. The NGTDM links natural gas
suppliers (including importergnd consumers in the lower 48 States and across the Mexican and
Canadian borders via a natural gas transmissidniatribution network, whildetermining the flow

of natural gas and the regional market clearinggsrbetween suppliers and end-users. Although the
focus of the NGTDM is on domestic natural gas ratgka simplified representation of the Canadian
natural gas market is incorporated within the model to project U.S. natural gas imports from Canada.
For two seasons of each forecast year, the NGTBtdrmines the productioftiows, and prices of
natural gas in an aggregate representatiothefU.S./Canadian pifsee network, connecting
domestic and foreign supply regions with 12 @&l 2 Canadian demand regions. Since the NEMS
operates on an annual (not a sea) basis, NGTDM results agenerally passed to other NEMS
modules as annual totads quantity-weightedranual averages. Since tBkectricity Market Module

has a seasonal component, peak and offpedes are also provided for natural gas to electric
generators.

Natural gas pricing and flow patterns are derived by obtaining a market equilibrium across the three
main elements of the naturghs market: the supply elemetite demand element, and the
transmission and distribution network that linkerth End-use demand is represented by sector
(residential, commercial, industrial, electric genetand natural gas vehicles), with the industrial

and electric generator sectors further distingeasby core and noncaegments. The methodology
employed allows for the analysis of impacts of regional capacity constraints in the interstate natural
gas pipeline network and the idéication of primary pipelineand storage capacity expansion
requirements. Key componentsioferstate pipeline tariffs are gjected, along with distributor
tariffs.

The lower 48 demand regions re@eted are the 12 NGTDM regiorfagure 1-2). These regions

are an extension of the 9 Census Divisions, with Census Division 5 split into South Atlantic and
Florida, Census Division 8 split into Mountand Arizona/New MexicaCensus Division 9 split

into California and Pacific, andlaska and Hawaii handleaddependently. Within the U.S. regions,
consumption is represented for fiead-use sectors: residentiebmmercial, industrial, electric
generation, and transportation (otural gas vehicles). One orore domestic supply regions are
represented in each of the 12 NGTDM regions. Canadian supply and demand are represented by two
interconnected regions -- East Cdaand West Canadawhich connect to the lower 48 regions via

seven border crossing nodes. Thmdecation of East arlWest Canada is #te Manitoba/Ontario

“The peak period covers the period from December through March; the offpeak period covers the remaining months.
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border. In addition, the model accounts for theeptyal construction of pipeline from Alaska to
Alberta and one from the MacKenZielta to Alberta if market pces are high enough to make the
projects economic. The representatibthe natural gas market in Canada is much less detailed than
for the United States since the primary focus of the model is on the domestic U.S. market. Liquefied
natural gas imports into North America are esmnted for the four existing facilities as of 2004,
seven potentially new generic liquefied natural gas import regions directly into the United States
(2004 and beyond), a potential import point inBatdamas, potential impgobints in eastern and
western Canada, and in stern Mexico (if destined for the United States). Finally, LNG exports
from Alaska are included, as well as three impgrptéet border crossings at the Mexican border.

The module consists of three jpracomponents: the Interstaleansmission Submodule (ITS), the
Pipeline Tariff Submodule (F5), and the Distributor Tariff module (DTS). The ITS is the
integrating submodule of the NGTDM. It simulatle natural gas price tmination process by
bringing together all major economic factors that influence regional natural gas trade in the United
States, including pipeline and storage capacity expansion decisions. The Pipeline Tariff Submodule
(PTS) generates a representation of tariffs ftargtate transportatiomd storage services, both
existing and expansions. The Distributbariff Submodule (DTS) geerates markups for
distribution services provided by local distritlmuticompanies and for transmission services provided

by intrastate pipeline companies. The modeling techniques employed are: a heuristic/iterative
process for the ITS, an accounting algorithm fa BTS, and a series bistorically based and
econometrically based equations for the DTS.

NGTDM Objectives

The purpose of the NGTDM is to derive naturad dalivered and wellhead prices, as well as flow
patterns for movements pétural gas through the regional mstate network. Although the NEMS
operates on an annual basis, the ID&Mwas designed to be a two-season model, to better represent
important features of the natugals market. The prices and flow patterns are derived by obtaining a
market equilibrium across the three main elements of the natural gas markeppthelement, the
demand element, and the transmission and distibagtwork that links them. The representations
of the key features of the transmission anstrdiution network are the focus of the various
components of the NGTDM. These kapdeling objectives/capabilities include:

* Represent interregional flows ofggand pipeline capacity constraints

* Represent regionaind import supplies

* Determine the amount and the location of resghiadditional pipelinand storage capacity
on a regional basis, capturing the economic tradeoffs between pipeline and storage capacity
additions

* Provide a peak/offpeak, or seasonal analysis capability

* Represent transmission andtdbution service pricing

The implementation of these objectives will be described in greater detail in the subsequent chapters
of this report that describe thedividual submodules of the NGTDM.
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Overview of the Documentation Report

The archived version of the NGTDM that was usegroduce the natural gas forecasts used in
support of theAnnual Energy Outlook 2006, DOE/EIA-0383(2006) is documtsd in this report.

The purpose of this report is to provide a rafeeedocument for model analysts, users, and the
public that defines the objectives of the modielscribes its basic dgsi, provides detail on the
methodology employed, and describl@s model inputs, outputs, and key assumptions. Itis intended
to fulfill the legal obligation of the EIA to providedequate documentationdapport of its models
(Public Law 94-385, Section 57.b.2). Subsequwhapters of this report provide:

» Adescription of the interface between the NEMS and the NGTDM and the representation of
demand and supply used in the module (Chapter 2)

* An overview of the solution methoawgy of the NGTDM (Chapter 3)

* The solution methodology for the Intet&d ransmission Submdule (Chapter 4)

* The solution methodology for the Didititor Tariff Submodud (Chapter 5)

» The solution methodology for the Pipe Tariff Submodu (Chapter 6)

» A description of module assumptigmisputs, and outputs (Chapter 7).

The archived version of the model is availabtetigh the National Enerdgformation Center (202-
586-8800, infoctr@eia.doe.gov) aml identified as NEMS2006 (paof the National Energy
Modeling System archive paaie as archived for thénnual Energy Outlook 2006, DOE/EIA-
0383(2006)).

The document includes a number of appendices to ditppanaterial presented in the main body of

the report. Appendix A present&timodule abstract. Appendix B liske major references used in
developing the NGTDM. Appendix C lists theriwaus NEMS Model Documentation Reports that

are cited throughout the NGTDM documentatioA. mapping of equations presented in the
documentation to the relevant subroutine in ¢bde is provided in ppendix D. Appendix E
provides a mapping between the variables that are assigned values through READ statements in the
module and the data input files tlaake read. The input files cam detailed descriptions of the
input data, including varid® names, definitions, sowes, units and derivations.Appendix F
documents the derivation of all empirical estimations used in the NGTDM. Appendix G describes
the endogenous calculation of liquefigatural gas costs. Finally, variable cross-reference tables are
provided in Appendix H.

*The NGTDM data files are available upon request by contacting Joe Benneche at Joseph.Benneche@eia.doe.gov or (202) 586-
6132. Alternatively an archived version of the NEMS model (source code and data files) can be downloaded from
ftp://ftp.eia.doe.gov/pub/oiaf/aeo.
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2. Interface Between the NGTDM and NEMS,
Demand and Supply Representation

This chapter presents the general role that\thtural Gas Transmissi and Distribution Module
(NGTDM) fulfills in the NEMS. First, a general description of the NEMS is provided, along with an
overview of the NGTDM. Second, the data pdssethe NGTDM from other NEMS modules is
described along with the methodology used withe"NGTDM to transform these values prior to
their use in the model. The natural gas denrapdesentation used in the module is described,
followed by a section on the natural gas supplyfate and representatioRinally, the information

that is passed to other NEMSdules from the NGTDM is described.

A Brief Overview of NEM S and the NGTDM

The NEMS represents all of theajor fuel markets (crude oihd petroleum productsatural gas,

coal, electricity, and imported energy) and iteragigellves for an annual supply/demand balance for
each of the nine Census Divisions, accountinghi®price responsiveness in both energy production
and end-use demand, and for theriiiel substitution possibilities. NEMS solves for an equilibrium

in each forecast year by iteratively operating asesf fuel supply and demand modules to compute
the end-use prices and consuraptof the fuels represented, etigely finding the intersection of

the theoretical supply and demandvas reflected ithese module.The end-use demand modules
(for the residential, commerciahdustrial, and transportation sectors) are detailed representations of
the important factors driving energy consumption in each of these sectors. Using the delivered prices
of each fuel, computed by tisepply modules, the demand modwuesaluate the consumption of
each fuel, taking into consideration the intergbstitution possibilities, the existing stock of fuel
and fuel conversion burning equipment, and thellef economic activity. Conversely, the fuel
conversion and supply modules detare the end-use prices needed in order to supply the amount of
fuel demanded by the customeas, determined by the demthmodules. Each supply module
considers the factors relevant to that particulal, fior example: the resource base for oil and gas,
the transportation costs for coal, the refinery configurationtr petroleum products. Electric
generators and refineries are bstippliers and consumers of energy.

Within the NEMS system, the NGTDM providdse interface between the Oil and Gas Supply
Module (OGSM) and the demand modules in NEM&luding the Electoity Market Module

(EMM). Since the other modules provide little, iffamformation on markets outside of the United
States, the NGTDM includes a relatively simple representation of liquefied natural gas supplies and
Canadian natural gas markets in order to project import levels. The NGTDM determines the price
and flow of dry natural gas supplied internationally from the contiguous U.S. bordemestically

from the wellhead (and indirectly from natural gas processing plants) to the domestic end-user. In so
doing, the NGTDM models the markets for the transmission (pipeline companies) and distribution

A more detailed description of the NEMS system, including the convergence algorithm used, can be found in “Integrating Module
of the National Energy Modeling System: Model Documentation 2005.” DOE/EIA-M057(2005), May 2005 or “The National
Energy Modeling System: An Overview 2003,” DOE/EIA-0581(2003), March 2003.

"Natural gas exports are also represented within the model.
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(local distribution companies) of na#li gas in the contiguous United Statehe primary data
flows between the NGTDM and the other oil agas modules in NEMS, the Petroleum Market
Module (PMM), and the O@8, are depicted ifrigure 2-1.

In each NEMS iteration, the demand modules in NEivt&ide the level ohatural gas that would

be consumed at the burner-tip by the represented sector at the delivered price set by the NGTDM in
the previous NEMS iteration. At the beginniofeach forecast year, the OGSM provides an
expected level of natural gas produced (domestioaltyWestern Canada) at the wellhead given the

oil and gas wellhead prices from the previougdast year. The NGTDM uses this information to
build “short-term” (annual or seasal) supply and demand curviesapproximate the supply or
demand response to price. Given these short-iemand and supply curves, the NGTDM solves

for the delivered, wellhead, and border prices that represent a natural gas market equilibrium, while
accounting for the costs and market for transmissnahdistribution services (including its physical

and regulatory constraints). These solution prices, and asstedl production levels, are in turn
passed to the OGSM and the demand modules, imgjude EMM, as primary input variables for

the next NEMS iteration and/or forecast year. Most of the calculations within OGSM are performed
only once each NEMS iteration, after the NEM&s equilibrated. Information from OGSM is
passed as needed to the NGTDM to solve for the next forecast year.

The NGTDM is composed of three primary compuser submodules: theterstate Transmission
Submodule (ITS), the PipelinBariff Submodule(PTS), and the Distoutor Tariff Submodule
(DTS). The ITS is the centraiodule of the NGTDM, since it is ed to derive network flows and
prices of natural gas in conjunction with a p8adnd offpeak natural gas market equilibrium.
Conceptually the ITS is a simplified representation of the natural gas transmission and distribution
system, structured as a netlwaomposed of nodes and arde other two primary components
serve as satellite submodules to the ITS, providingmaters which define éttariffs to be charged

along each of the interregional, intraregional, intrastate, and distribution segments. Data are also
passed back to these satellite submodules from 8ie Other parametersrfdefining the natural

gas market (such as supply and demand curveslesived based on infoation passegrimarily

from other NEMS modules. However in someesasupply (e.g., synttie gas production) and
demand components (e.g., pipeline fued) modeled exclusively in the NGTDM.

The NGTDM is called once during each iteratiolN&MS, but all submodules are not run for every
call. The PTS is executed only once for each foteess, on the first iteration of each year. The
ITS and the DTS are executed once every NEM&tion. The calling sequence of and the
interaction among the NGTDM modules is as faidor each forecast year of execution of NEMS:

8Because of the distinct separation in the natural gas market between Alaska, Hawaii, and treusduitiged States, natural gas
consumption in, and the associated supplies from, Alaska and Hawaii are modeled separately from the contiguous Unitieith States wi
the NGTDM.

®Parameters are provided by OGSM for the construction of supply curves for domestic nonassociated and conventional Western
Canadian natural gas production. The use of demand curves in the NGTDM is an option; the model can also respond to fixed
consumption levels.

%The peak period covers the period from December through March; the offpeak period covers the remaining months.
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Figure2-1. Primary Data Flows Between Oil and Gas Modulesof NEM S
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1. First Iteration:

a. The PTS determines the revenue requirements associated with interregional /
interstate pipeline company transportation and storage services, using a cost
based approach, and uses this information and cost of expansion estimates as a
basis in establishing fixed rates amlume dependent tdficurves (variable
rates) for pipeline and storage usage.

b. The ITS establishes supply curves fooduction and liquefied natural gas
imports.

2. Each lteration:

a. The DTS sets markups for intrastat@nsmission and for distribution services
based on historical data andadiges in consumption levels.

b. TheITS processes consumption levels from NEMS demand modules as required,
(e.g., annual consumption ldsa@re disaggregated inpeak and offpeak levels)
before determining a market equilibrium solution across the two-period NGTDM
network.

c. ThelTS employs an iterative process to determine a market equilibrium solution
which balances the supply and demamdnfatural gas across a U.S./Canadian
network, thereby setting prices throughthg system and production and import
levels. This operation is performed simultaneously for both the peak and offpeak
periods.

3. Last Iteration:

a. In the process of establishing a network/market equilibrium, the ITS also
determines the associated pipeline and storage capacity expansion requirements.
These expansion levels are passedhto PTS and are used in the revenue
requirements calculation for the nextdoast year. One of the inputs to the
NGTDM is “planned” pipeline and stage expansions. These are based on
reported pending and commenced constoagirojects and analysts’ judgment as
to the likelihood of the project’'s completi. For the first two forecast years, the
model does not allow builds beyotigese planned expansion levels.

b. Other outputs from NGTDM are passed to report writing routines.

For the historical years (1990 through 2004), a medifiersion of the aboy®ocess is followed to
calibrate the model to history. Most, but radk; of the model components are known for the
historical years. In a few casésstorical levels are availab&nually, but not for the peak and
offpeak periods (e.g., the interstéitav of natural gas and regidnaellhead prices). The primary
unknowns are pipeline and storage tariffs and mdribtprices. When mes are translated from
the supply nodes, through the network to the emu-(3r citygate) in the historical years, the
resulting prices are compared against publishedesgalar citygate prices. These differentials
(benchmark factors) are carried through apgdliad during the forecast years as a calibration
mechanism. In the most recensgtorical year (2004) even fewistorical values are known; and
the process is adjusted accordingly.

The primary outputs from the NGTDM, which are uasdahput in other NEMS modules, result from
establishing a natural gas market equilibrium solution: delivered prices, wellhead and border
crossing prices, nonassociatetumal gas production, and Canadian and liquefied natural gas import
levels. In addition, the NGTDM provides a forecaslease and plant fuel consumption, pipeline
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fuel use, as well as pipeline and distributaiffs pipeline and storage capacity expansion, and
interregional natural gas flows.

Natural Gas Demand Representation

Natural gas produced within the United Statesisamed in lease and plant operations, delivered to
consumers, exported intetimnally, or consumed as pipeline fuel. The consumption of gas as lease,
plant, and pipeline fuel is determined within the NGTDM. Gas used in well, field, and lease
operations and in natural gas presiag plants is set equal to atorically observed percentage of
dry gas productioft Pipeline fuel use depends on theoamt of gas flowing through each region,

as described in Chapter 4. Thedkof natural gas exports arerntly set exogenously to NEMS

and are distinguished by seven Canadian (AppdAdCANEXP) and three Mexican (set by OGSM)
border crossing points, as well as for exportfiqpfefied natural gas to Japan from Alaska (set
exogenously by OGSM). Peak and offpeak periqgobedevels to the lower 48 States are generated
by applying average (1991 or 1992 to 2004)dmistl shares (PKSHREEMEX, PKSHR_ECAN,
respectively) to the annual forecast levels. Tdmesentation of gas dedired to consumers is
described below.

Classification of Natural Gas Consumers

Natural gas that is delivered to consumers is represented within the NEMS at the Census Division
level and by five primargnd-use sectors: residential, comerad, industrial transportation, and
electric generatiof? These demands are further distinguishg customer class (core or noncore),
reflecting the type of natural gas transmission and distribution service that is assumed to be
predominately purchased. A “core” customer isezted to generally require guaranteed or firm
service, particularly during pealays/periods during the year. Adncore” customer is expected to
require a lower quality of transmission servigenfirm service) and thermfe, consume gas under a

less certain and/or lesertinuous basis. While customers digtinguished by customer class for

the purpose of assigning different delivered prices, the NGTDM does not explicitly distinguish firm
versus nonfirm transmission service. CurremlyNEMS, all customers in the transportation,
residential, and commercial sectors are classified as td¥éthin the industrial sector the noncore
segment includes the industrial boilearket and refineries. Theeetric generating units defining

each of the two customer classes modeled are aw#olid) core — gas steam units or gas combined

"The regional factors used in calculating lease and plant fuel consumption (PCTLP) are initially based on historical 89drages (1
through 2004) and held constant throughout theciast period. However, a model option allows for these factors to be scaled in the
first two forecast years so that the resulting national lease and plant fuel consumption will matctugth@eblished values as
presented in the latest availal$f®rt-Term Energy Outlook (STEO), DOE/EIA-0202), (Appendix E, STQLPIN). The adjustment
attributable to benchmarking to STEO (if selected as an option) is phased out by the year STPHAS_YR (Appendix E). A similar
adjustment is performed on the factors used in calculating pipeline fuel consumption using STEO values from STQGPTR (Appendix
E).

2Natural gas burned in the transportation sector is defined as compressed natural gas that is burned in natural gad thehicles; an
electric generation sector includes all electric power generators except combined heat and power generators.

13The NEMS is structurally able to classify a segment of these sectors as noncore, but currently sets the noncore coasumption at
for the residential, commercial, and transportation sectors.
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cycle units, (2) noncore — dual-fadeturbine units, gas turbine units, or dual-fired steam plants
(consuming both natural gasd residual fuel oil).

For any given NEMS iteration and forecast yearjnidividual demand modulesNEMS determine

the level of natural gas consumption for each regrahcustomer class given the delivered price for
the same region, class, and secasrcalculated by the NGTDM the previous NEMS iteration.
Within the NGTDM, each of these consumption levels (and its associated price) is used in
conjunction with an assumed priekasticity as a basis for buildiragn annual demand curve. [The
price elasticities are set to zero if fixed consumption levels are to be used.] These curves are used
within the NGTDM to minimize the required number of NEMS iterations by approximating the
demand response to a different price. In sagidhe price where the implied market equilibrium
would be realized can be approximated. Eadhe&de market equilibrium prices is passed to the
appropriate demand moduaring the next NEMS iteration to determine the consumption level that
the module would actually forecasthis price. Once the NEMS converges, the difference between
the actual consumption, as determined &y NEMS demand moduleand the approximated
consumption levels in the NGTDM are insignificant.

The NGTDM disaggregates the annual Census diviggional consumptiondels into the regional
and seasonal representation that the NGTDM regjuifée regional representation for the electric
generation sector differs from the att?MEMS sectors as described below.

Regional/Seasonal Repsentations of Demand

Natural gas consumptionvels by all nonelectrié sectors are provided by the NEMS demand
modules for the nine Census dinins, the primary integrating regis represented in the NEMS.
Alaska and Hawaii are included within the RiacCensus Division. The EMM represents the
electricity generation processrfb3 electricity supply regions, émine North Arerican Electric
Reliability Council (\ERC) Regions and fourleeted NERC SubregionEiQure2-2). Electricity
generation in Alaska artdawaii is handled separately. Within the EMM, the electric generators’
consumption of natural gas is disaggregated sataregions that can be aggregated into Census
Divisions or into the regions used in the NGTDM.

With the few following exceptions, the regiondétail provided at a Ceas division level is
adequate to build a simple network representative of the contiguous U.S. natural gas pipeline system.
First, Alaska is not connected to the rest oNh&on by pipeline and is therefore treated separately
from the contiguous Pacific Division in the NGWM. Second, Florida receives its gas from a
distinctly different route than the rest of theugh Atlantic Division and isherefore isolated. A

similar statement applies to Adaa and New Mexico relative tbe Mountain Division. Finally,
California is split off from the contiguous PacificMiEion because of its relative size coupled with

its unique energy related regulations. The resulting 12 primary regions represented in the NGTDM
are referred to as the “NGTDM Regions” (as showRigure 1-2).

The “nonelectric” sectors refer to sectors (other than commercial and industrial combined heat and power generators) that do no
produce electricity using natural gas (i.e., the residential, commercial, industrial, and transportation demand sectors).
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Electricity Market Module (EMM) Regions

Figure 2-2.
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The regions represented in the EMM do not alwalign with State bords and generally do not
share common borders with the Cesiglivisions or NGTDM regiong={gure 2-2). Therefore,
demand in the electric generation sector is represented in the NGTDM at the regions
(NGTDM/EMM) resulting from the combination of the NGTDM regions overlapped with the EMM
regions, translated to the nearest State bofeigui(e 2-3). For example, the South Atlantic
NGTDM region (number 5) includes three NGTIEMM regions (part of EMM regions 1, 3, and

9). Within the EMM, the disaggregation into sedions is based on the relative geographic location
(and natural gas-fired generation aeipy) of the current and proposelgctricity generation plants
within each region.

Annual consumption levels for each of the nen#ic sectors are disaggated from the nine
Census divisions to the two seasonal periodglamtivelve NGTDM regions by applying average
historical shares (1990 to 2004, except for redimutustrial and transptation splits from 1997 to
2004) that are held constant throughouwt tlorecast (census — NG_CENSHR, seasons -
PKSHR_DMD). For the Pacific Division, naturgds consumption estimates for Alaska are first
subtracted to establish a consumption leveljdst the contiguous Pdm Division before the
historical share is applied. The consumption ofig&tawaii was considered to be negligible and is
not handled separately. Within the NGTDM, a relatively simple series of equations (described later)
was included for approximating the consumption ¢fired gas by each nonelactsector in Alaska.
These estimates, combined with the levels provided by the EMM for consumption by electric
generators in Alaska, are algsed in the calculation of theqaluction of natural gas in Alaska.

Unlike the nonelectric sectothg factors (core — PKSHR_UDMD_F, noncore - PKSHR_UDMD _)
for disaggregating the annual electric ganar sector consumption levels (&ch NGTDM/EMM
region and customer type — cand noncore) into seasons are at§jd over the forecast period.
Initially average historical shares (19942004, except for New England — 1997 to 2004) are
established as base level shares (core SBAPKSHR_UF, noncore — EBN_PKSHR_UI). These
are increased each year of the forecast by Gcepe not to exceed 32 percent of the year.

Natural Gas Demand Curves

While the primary analysis of energy dematakes place in the NEMS demand modules, the
NGTDM itself directly incorpoates price responsive demawdrves to speed the overall
convergence of NEMS and to imprave quality of the results obtained when the NGTDM is run as

a stand-alone model. The NGTDM may also be executed to determine delivered prices for fixed
consumption levels (represented by setting the price elasticity of demand in the demand curve
equation to zero). The intent is to capture relatively minor movements in consumption levels from
the provided base levalsresponse to price changes, not to accurately mimic the expegiedses

of the NEMS demand modules. The form of deenand curves for therfin transmission service

type for each nonelectric sector and region is:

NGDMD_CRVF,, = BASQTY_F,,* (PR/BASPR_F,, )"*""-="F 1)

5The peak period covers 33 percent of the year.
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where,
BASPR_FE, = delivered price to core sector s in NGTDM region r in the previous
NEMS iteration (1987 dollars per Mcf)

BASQTY_FK, = natural gas quantity which the NEMS demand modules indicate
would be consumed at price BASPRby core sector s in NGTDM
region r (Bcf)

NONU_ELAS E = short-term price elasticity of demafwu core sector s (set to zero for
AEO2006)
PR = delivered price at which demasdo be evaluated (1987 dollars per
Mcf)
NGDMD_CRVFK, = estimate of the natural gas which would be consumed by core sector s
in region r at the price PR (Bcf)
s = core sector (1l-residential2-commercial, 3-industrial, 4-
transportation)
Note: Demand curves can be represented with fixed consumption levels by setting
elasticities equal to zero.

The form of the demand curve fitve nonelectric interruptible transmission service type is identical,
with the following variables substitde NGDMD_CRVI, BASPR_I, BASQTY_I, and
NONU_ELAS | for AEO2006 set to -.5 for the industrial sectand -.1 for the other nonelectric
sectors). For the electric generation sector the form is identical as well, except there is no sector
index and the regions represent the 20 NGTBIMM regions, not the 12 NGTDM regions. The
corresponding set of variables for the conel moncore electric generator demand curves are
[INGUDMD_CRVF, BASUPR_F, BASUQTY_F, UTIL_ELAS F] and [NGUDMD_CRVI,
BASUPR _I, BASUQTY_I, UTIL_ELAS 1], respectively. For thREO2006 all of the electric
generator demand curve elasticities were set to zero.

Natural Gas Supply Interface and Representation

The primary categories of natural gas supppresented in the NGTDM are nonassociated and
associated-dissolved gas from onshore and ofsbid8. regions; pipeline imports from Mexico;
Eastern, Western (conventiorald unconventional),nal Arctic Canadiamproduction; liquefied
natural gas imports; naturgas production in Alaska (includirigat which is transported through
Canada via pipelift®; synthetic natural gas produced frooal and from liquid hydrocarbons; and
other supplemental supplies. Qdé&sof Alaska (which is dis@sed in a later section) the only
supply categories from this list which are allowtedvary within the NGTDM in response to a
change in the current year’s natural gasegére the nonassociated gas from onshore and offshore
U.S. regions, conventional gas from the Wesi€anadian region, anliquefied natural gas
imports!’ The supply levels for the remaining categoeee fixed at the beginning of each forecast
year (i.e., before market clearing prices are datexd), with the exception of associated-dissolved

8with the recent high natural gas prices several different options have bpesgt for bringing stranded natural gas in Alaska to
market (i.e., by pipeline, as LNG, and as liquids). The LNG option was deemed the least likely and is not consideredeh the mo
The Petroleum Market Module fecasts the potential conversion of Alaska natural gas into liquids. The NGTDM allows for the
building of a generic pipeline from Alaska into Alberta after construction begins on a pipeline from the MacKenzie Delta.

Y iquefied natural gas imports are set based on the price in the previous NEMS iteration and are effectively “fixed” when the
NGTDM determines a natural gas marketibiogium solution; whereas the other two categories are determined as a part okéte ma
equilibrium process in the NGTDM.
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gas (determined in OGSM) that varies with arade in the oil production in the current forecast
year'® The NGTDM applies average historical relationships to convert annual “fixed” supply levels
to peak and offpeak values. These factoeshatd constant throughout the forecast period.

Within the OGSM, natural gas supply activities are modeled for 12 upplysegions (6 onshore, 3
offshore, and 3 Alaskan geographic areas) shoviangur e 2-4. The six onshore OGSM regions
within the contiguous United States do nohgmlly share common borders with the NGTDM
regions. As was done with the EMM regiotit&e NGTDM represents onshore supply for the 17
regions resulting from overlapping the OGSM and NGTDM regiéingu(e 2-5). A separate
component of the OGSM models the foreign souategms that are transported via pipeline from
Canad& and Mexico. Seven Canadiand three Mexican border crossings demarcate the foreign
pipeline interface in the NGTDM. Supplies frdime four existing onshore domestic liquefied
natural gas regasification termiaare represented as specifipgly sources in the NGTDM. In
addition the model allows for potential new LN#&ilities at each of the coastal NGTDM regidhs.

Supplemental Gas Sources

Sources for synthetically produced natural gagaographically specified in the NGTDM based on
current plant locations. Annugkoduction of synthetimatural gas from coal is exogenously
specified (Appendix E, SNGCOAL), independent of the price of natural gas in the current forecast
year. TheAEO2006 forecast assumes that the sole existing plant (the Great Plains Coal Gasification
Plant in North Dakota) will continue® operate at recent historidalels indefitely. Regional
forecast values for other supplemental suppli®€3STH) are set at histaal averages (2001 to
2003) and held constant over thegoast period. Synthetic natlgas is no longer produced from
liquid hydrocarbons in the continental Unitedi8s; although small amounts were produced in
lllinois in some historical years. This prodioo level (SNGLIQ) is set to zero for the émast. The

small amount produced in Hawaii is accounted forenltput reports (set tbe historical average

from 1997 to 2003). If the option is set for the fivgd forecast years of thmodel to be calibrated

to theShort Term Energy Outlook (STEO) forecast, then these thregtegories of supplemental gas

are similarly scaled so that their sum will ebine national annual foreda®r total supplemental
supplies published in tH&EO (Appendix E, STOGPRSUP). To guarantee a smooth transition, the
scaling factor in the last STEO year iogressively phased out avéhe first STPHAS_ YR
(Appendix E) forecast years of the NGTDM. Regigmedk and offpeak supply levels for the three
supplemental gas supplies are gated by applying the sameexage (1990-2004) historical share
(PKSHR_SUPLM) ohational supplemental supplies in the peak period.

Associated-Dissolved Natural Gas Production

Associated-dissolved natural gas refers to the natural gas that occurs in crude oil reservoirs either as
free gas (associated) or as gas in solution wittlepil (dissolved). The production of associated-

8The annual oil production level is determined in the OGSM and can vary besaeeiteration of NEMS. For programming
convenience natural gas produced with oil shales (OGSHALENG) is also added to this category.
%Conventional gas from Western Canada is modeled in the OGSM. The rest of the Canadian supplies are modeled in the NGTDM.
Dstructurally any LNG regasification terminals in the Bahamas are represented as entering into Florida. No regasificetisn termi
are considered for Alaska or Hawaii.
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Figure 2-4. Oil and Gas Supply Module (OGSM) Regions
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dissolved natural gas is tied elotly with the production (and pricef crude oil. Statistically
estimated equations for forecasting this category of gas for the lower 48 regions are incorporated
within the OGSM; and the results are passed to the NGTDM for each iteration and forecast year of
the NEMS. Within the NGTDM, associated-dissmnatural gas productisconsidered “fixed”

for a given forecast year and is split into peakl offpeak values based on average (1994-2004)
historical shares of totalncluding nonassociated) peak proue in the yea(PKSHR_PROD).

Natural Gas Imports

The NGTDM sets the parameters for projecting gas imported through liquefied natural gas facilities
and most of the parameters and forecast values associated with the Canadian gas market; while the
OGSM sets the forecast values for imports from Mexico, as well as some of the parameters for
establishing a supply curve for conventional natural gas in Western Canada. Mexican imports are set
exogenously and read within the OGSM to be ghssthe NGTDM. Liquefied natural gas imports

are set at the beginning of each NEMS iteratuithin the NGTDM by evaluating supply curves,
generated by the NGTDM at the beginning of the forecast year, at prices set in the previous NEMS
iteration. Peak and offpeak values from botthete sources are basedwarage (1994r 1990 to

2004) historical sharg®KSHR_IMEX and PKSHR_ILNG, respectively).

Canada

A few of the forecast elements usadepresenting the Canadiarsgaarket are set exogenously in

the NGTDM. When required, such annual forecasgssplit into peak and offpeak values using
historically based or assumed peak shares that are held constant throughout the forecast. While most
Canadian import levelare set endogenously, the flow fromskan Canada into the East North
Central region is secondary to the flow goimgthe opposite directiomnd is therefore set
exogenously (Appendix E, Q23TO3). “Fixedipply values for Canada for the entire Eastern
Canadian region are set exagasly (Appendix E, CN_FIXSUP)and split into peak and offpeak
periods using PKSHR_PROD (Appendi) Similarly, consumption afatural gas in Eastern and
Western Canada (AppendixEN_DMD) is set exogenousfyand split into seasonal periods using
PKSHR_CDMD (Appendix E). These forecasted values for Canadian consumption include natural
gas used in lease, plant, and pipeline operations.

Previously, the NGTDM exogenously sets a forecasgtephysical capacity of natural gas pipelines
crossing at seven border points from Canada into the United States. This mechanism can still be
used to establish a minimum pipeline build l€¥gpendix E, ACTPCAP and PLANPCAP). Inthe
current representation, if Canadian import levels increased in the previous forecast year, import
pipeline capacity at each Canad&Uborder crossing point istde grow based on the annual
growth rate of consumption in théS. market it predominately senv@sThe resulting physical
capacity limit is then multiplied by a set of exageasly specified maximum utilization rates for each

ZlEastern Canada is expected to continue to provide only a small share of the total production in Canada and is almogt exclusivel
offshore. The projection is largely based on projections generated by the National Energy Board of Canada.

2These values are consistevith the projections in thinternational Energy Outlook 2005 and are sometimes adjusted for side
case runs of the NEMS, particularly when the world oil price differs from the values in the reference case.

2n addition, if total US gas consumption is falling, any plah@anadian pipeline builds are delayed for at least a yegenénal,
this methodology was determined not to be robust andhitignticipated that it will be used in the future.
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seasonal period to establish maximum effective capacity limits for these pipelines (Appendix E,
PKUTZ and OPUTZ). “Effective capacity” is defined as the maximum seasonal, physically
sustainable, capacity of a pipeline times the assumed maximum utilization rate. It should be noted
that some of the natural gas on these lines passes through the United States only temporarily before
reentering Canada and therefore is not classified as infodfta. decision is made to construct a
pipeline from Alaska (or the MacKenzie Delta) to Alberta, the import pipeline capacity added from
the time the decision is made until the pipeline is in service is tracked. This amount is subtracted
from the size of the pipeline to Alberta to arrive at an approximation for the amount of additional
import capacity that will be added to bring the Alaska or MacKéhgies to the United States. This

total volume is apportioned to theestern import crossings accorditagtheir relative size at the

time.

The vast majority of natural ggproduced in Canada is frometliVestern Canadian Sedimentary
Basin (WCSB). Therefore, a meodetailed approach was useanodeling convetional supplies

from this region. The OGSM contains a series of estimated and accounting equations for forecasting
conventional wells drilled, reserves added, reserve levels, and expected production-to-reserve ratios
in the WCSB. These beginning-of-year reseauas the expected production-to-reserve ratios are
used within the NGTDM to build a supply curfiee conventional naturglas production in Western
Canada. The form of this supply curve iseefively the same as the one used to represent
nonassociated natural gas production in the lower gi8ne This curve is described later in this
chapter, with the exceptions reldt® Canada noted. A primanyfférence is that the supply curve

for the lower 48 States representsassociated natural gas produttnet of lease and plant fuel
consumption; whereas the West&amadian supply curve represeiatsil conventnal natural gas
production inclusive of leasad plant fuel consumption.

Natural gas produced from unconventional sourcesl (@eds) in Western @Gada is based on an
assumed production profile, with the area under the curve equal to the assumed ultimate recovery
(CUR_ULTRES). The production levislinitially specified in terms of the forecast year and uses

one form before reaching its peak productioveleand a second form after reaching its peak
production level. Before reaclympeak production, the productiovéds are assumed to follow a
quadratic form, where the levelfoduction is zero in the first year (LSTYRO) and reaches its peak
level (PARMB) in the peak ye@PKIYR). After peak production thproduction path is assumed to
decline linearly to the last year (LSTYR) when pragtutis again zero. The two curves meetin the

peak year (PKIYR) when both have a value equal to the peak production level (PARMB). The actual
production volumes are adjustedréflect an assumed technologigabrovement and by a factor

that depends on the difference between an assumed price trajectory and the actual price projected in
the model. The specifics follow:

24A significant amount of natural gas flows into Minnesota from Canada on an annual basis only to be routed back to Canada
through Michigan. The levels of gas in this category are specified exogenously (Appendix E, FLOW_THRU_IN)iatodogak
and offpeak levels based on average (1990-2004 historically based shares for general Canadian imports (PKSHR_ICAN).

Al of the gas from the MacKenzie Delta is not necessarily targeted for the U.S. market directly. Although it is antieithted t
additional supply in the Canadian system will reduce pricesramease the demand for Canadian gas in the United States. The
methodology for representing natural gas production in the MacKenzie Delta and the associated pipeline is describeidin the sect
titled “Alaskan Natural Gas Routine.”
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Before Peak Production

Assumptions:
CUR_ULTRESPERRES
PKIYR
I[PARMA* (PRDIYR-PKIYRY + PARMB]JdPRDIYR

LSTYRO

0=PARMA*(LSTYRO- PKIYR)?+PARMB
Results:

PRD2=PARMA*(PRDIYR-PKIYR)?+PARMB
where,

PARMAz_—3* CUR_ULTRESPERRES

2 (PKIYR-LSTYRO)®

PARMB=-PARMA*(PKIYR-LSTYRO0)?

After Peak Production

Assumptions:
LSTYR

CUR_ULTRES(1~PERRESF [[(PARMC* PRDIYR)+PARMD]dPRDIYR

PKIYR

PARMB=(PARMC* PKIYR)+PARMD
0=(PARMC*LSTYR)+PARMD
Results:
PRD2=(PARMC* PRDIYR)+PARMD
where,

~ PARMB?
2*CUR_ULTRES(1- PERRES)

PARMC=

PARMD=-PARMC*LSTYR
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given,

CUR_ULTRES= ULTRES‘(1+ RESTECH}VOPYR-RESBASEN (1 + RESADJ) (13)
and,
PRD2 = Unadjusted Canadianconventional gas production (Bcf)
CUR_ULTRES = Estimate of ultimate recovery of natural gas from unconventional
Canadian sources in the current forecast year (Bcf)
ULTRES = Estimate of ultimate recovery of natural gas from unconventional
Canadian sources in the yeaESBASE (70,000 Bcf), based on
National Energy Board, 2003.
RESBASE = Year associated with CUR_ULTRES (2002)
RESTECH = Factor to increase resource estimate over time due to technology (1.0)
MODYR = Current forecast year
RESADJ = Scenario specific resource adjustment factor (default value of 0.0)
PERRES = Percent of ultimate resource produced before the peak year of
production (fraction)
PKIYR = Assumed peak year of production (2035)
LSTYRO = Lastyear of zero production (2004)
PRDIYR = Implied year of productioalong cumulative production path after

price adjustment

The actual production is set by taking thedjonasted unconventional ggroduction (PRD2) and
multiplying it by a price adjustment factor, asl\as a technology factor. The price adjustment
factor (PRCADJ) is based on the degree to which the actual price in the previous forecast year
compares against a preestablished expected price path (exprc), represented by the functional form:
exprc = (3.0 + [0.03*(MODYR-2004)]. The price adjustment factor is set to the price in the previous
forecast year divided by the expedtprice, all raised to the Opdwer. Technology is assumed to
progressively increase productionbgercent per year (TECHGRW) more than it would have been
otherwise (e.g., in the fifth forecast year produrtis increased by 5 percent above what it would
have been otherwisef. Once the production is establisheddagiven forecast year, the value of
PRDIYR is adjusted to reflecteétactual production in the previous year and incremented by 1 for the
next forecast year.

A simple trigger mechanism is used to project the potential levels of liquefied natural gas (LNG)
imports into Canada. The model allows for four terminals and/or stages of LNG imports, each
triggering when the regional market price, minus a transportation cost, exceeds an assumed trigger
price. For AEO2006, LNG terminals were onbnsidered viable after 2008 for the east coast and
after 2010 for the west coast. &tiolumes for each stage are set% Bcf, with the exception of

the two facilities under construction on the east coast being set at 310 Bcf. The cost based trigger
prices for the east coast range from $1.00 (used to force in a facility under construction) to $4.37 in
1987 dollars/Mcf and for the west coast rangenf®8.62 to $6.37 in 1987 dollars/Mcf. The final
trigger price includes a market price adjustment factor that is described in the next section. These
trigger prices are compared against either the citygate price in New England (for the east coast) orin

26 |f a rapid or slow technology case is being run, this value is increased or deaeaseihgly.
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the Pacific Northwest (fothe west coast) minus a 75-ceb®87 dollars/Mcf) transmission cost.
Capacity expansion is restricted to occur no more than once every 3 years, while import volumes are
assumed to phase up to their nmaxm level over a 3-year period.

Liquefied Natural Gas

For theAEO2003 and previously, the expansion of refjaation capacity to import LNG into the

U.S. was projected within the OGSM by comparing the regional market price in the United States in
the previous forecast year to estiies of the least cost supply aptifor bringing gas into a U.S.

region from a slate of likely international sources. If the market price exceeded the indicated cost of
bringing the gas to market (sum of productioguéfaction, shipping, anggasification costs), a
terminal would be built or expanded accordingifthin the limitations imposed on the model.
Utilization of the capacity wsa progressively increased ovéhe forecast horizon based on
exogenously specified value3he decision for each terminal svanade independdy, with no
accounting for the limits on supply availability. A&O2004, a new algorithm was implemented in

the model, this time in the NGTDM, which would allow an endogenous setting of LNG capacity
utilization, would impose fewer exogenously specified controls on the decision to expand capacity,
and would include some accounting of the competition for supplies between U.S. terminals and other
areas in the world. For AEO2006, the decisioradd regasification capacity was set at the
beginning of each forecast year based on a net present value (NPV) calculation using expected future
domestic gas prices, current cost estimates, future world gas price estimates, and estimates of risks
associated with the siting of ang@nal. The specifics of the capgexpansion decision process will

be explained later. The primary output of ttkézision is the current regasification capacity level
(RCURCAP) that is used to set the LNG import levels in the current forecast year.

Determination of LNG Import Levels. Within a given iteration of NEMS, LNG import levels are
established based on the market prices from the previous iteration before the NGTDM equilibrates
supply and demand internally. This is donebgluating region specific LNG import supply curves
(NGLNG_SUPCRYV) at market priceJ hese supply curves are aethe beginning of each NEMS
forecast year based in part @samptions and by running a least cost, transportation algorithm (in
the form of a linear program) to establish a base point on each curve. The linear program, which is
described below, is used to determine the leagttfoo supplying a given slate of regional imports

for the year (as indicated by the shadow price on the regasification balancing row). The LP results
are used to establish a bgs#&ce corresponding to an expedtutilization rate (PERAVGRG,
Appendix E) on each supply curve. Other quampidiyts are set on the supply curve as an assumed
percentage of the current capacity. The price®sponding to most ofélse quantities are set using

an assumed price elasticity (ELAS=0.5). TG supply curve in each region is formed by
connecting the established price/qtirpairs. The specificationsifthe seven price/quantity pairs,

or supply points follow:
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Step (s) | Quantity (CRVQn=s,) Price (CRVPn=)

0 RCURCAR,, * PERMINRG 0.0

1 RCURCAR,, * PERMINRG MINPRCRG

2 RCURCAR,, * PERAVGRG LP [CRVQ,-2]

3 average (RCURCAR, CRVQ,=2) | CRVP,*
(CRVQu=3/CRVQuep )™

4 RCURCAR,, CRVPy-3, *
(CRVQu=s /CRV Q3 )™

5 RCURCAR,, CRVP.s, + 0.001

6 RCURCAR,, 100.0

Note: Step 5 was useful in a previgassion, but serves meal purpose as specified.

where,
CRVQ,; = Quantity level at supply curve point n for region r (Bcf)
CRVR,, = Price level at supply cuewoint n for region r (19873%/Mcf)
RCURCAP = Beginning of year LNG sendout capatitgcf)
PERMINRG = Minimum LNG capacity utilization level (Appendix E, fraction)
PERAVGRG = Expected LNG capacittilization level (App&dix E, fraction)
LP(x) = Costexiting the regasification terminal, determined by evaluating the
shadow price on the regasificatiorldracing row in the LP when the
right-hand-side (RHS) or the LNG import levels are set to “x”
(1987%/Mcf).
MINPRCRG = Minimum price allowed (19873$/Mcf).
RISKPREM = Risk premium to reflecharket and investrm¢ uncertainties of
constructing an LNG regasificati terminal (Appendix E, 87$/Mcf)
ELAS = Assumed elasticity
0.001 = A small number used to distinguish one step from another
100.0 = A maximum price at whicthe supply curve can be evaluated
(1987%/Mcf)
n = Supply curve point number (0 through 6)
r = Region identifier (1 to 16)
yr = Current forecast year

The specifics of the linear program structure are described below. The objective function for the LP

minimizes the total cost of producing, liquefyingipgiing, and regasifying natural gas as it exits the

regasification facilities in the United States. The total cost equals the sum, across these four stages in

the process, of the product of the quantity of gaslved and its associated per-unit cost or charge.
The constraints on the system simply balance tve @f gas as it moves from one stage to another,

2'sendout capacity is the maximum annual volume of gas that can be delivered by a regasification facility into the pipaline syste
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accounting for potential losses along the way. Theany input to the LP mblem is the amount of
gas to be regasified, which is represdrielow with “RHS” or right-hand side.

Within the LP structure the column variablespresent the cost curves for the production,
liquefaction, shipping, and regésation processing used to pei LNG imports entering the United
States. The number of steps esch curve varies. The correspaomgcosts are included in the
objective function or cost row (LNGOBJ). The othews presented belowpeesent either balance
constraints at each point oitrsfer (BL-rows), or summatioows for accounting purposes (SUM-
rows). The step sizes for the costvas are reflected in the bound rows (BND).

LNGOBJ: min Yrg2s Chigs™ QRGS(rg)S(s) +Xq XrgXs CSqrgs* QS(I0)(rg)S(s) +
Yiq s Chgs* QLIQ(Ig)S(S) + Xig Xs CRgs * QPRD(Ig)S(s)

subject to:
BLDMRG(rg): s QRGS(rg)S(s) > RHS
BLSHRG(rg): > (-1/Ir) QRGS(rg)S(s) +q>sIs * QS(Ig)(rg)S(s) = 0.0
BLSHLQ(l):  Xrg2s - QS(la)(rg)S(s) s QLIQ(I)S(s) = 0.0
BLPRLQ(Iq): Y's (-1/1) QLIQ(Iq)S(s) + dslp * QPRD(Ig)S(s) = 0.0
SUMRGS(rg): Ys QRGS(rg)S(s) (unconstrained)
SUMS(Ig)(rg):  Ys QS(Iq)(rg)S(s) (unconstrained)
SUMLIQ(Iq): >'s QLIQ(Iq)S(s) (unconstrained)
SUMPRD(Iq): s QPRD(Iq)S(s) (unconstrained)
BND QRGS(rg)S(s) < qr(rg)(s)
QS(lg)(rg)S(s) < as(lg)(rg)(s)
QLIQ(Ig)S(s) < ql(lg)(s)
QPRD(lg)S(s) < ap(la)(s)
where,

QXXX(YY)S(z) = Quantity associated it either regasication (XXX=RGS),
liquefaction (XXX=LIQ), or produtton (XXX=PRD), in region yy, on

step z (Bcf)
QS(xx)(yy)S(z) = Quantity associated with shipping from region xx to region yy on step z

(Bcf)

(rg) = regasification regions (1-16)

(Ig) = liquefaction angbroduction regions (1-14)

(s) = step on corresponding curfaximum number for production=2,
liquefaction=4, shippirng2, regasification=7)

cr,cs,cl,cp = per-unit cost or charge fegasification, shippig, liquefaction, and
production (1987%/Mcf)
Ir,Is,Il,lp = net flow resulting from regasification, shipping, liquefaction, and

production losses (Bcf)
gr,gs,ql,gp = upper bound on regasificatisimpping, liquefatton, and production
steps (Bcf)
RHS = Right-hand side of LP, representing LNG import levels to United States
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that correspond to the following variables used in the code:

cr = SCRV_PRGS8(rg,s) (SCRVRK in Table F11, Appendix F)
cs = SCRV_PSHS(Iq,rg,s) (SCRWSH in Table F10, Appendix F)
cl = SCRV_PLQS8(Ig,s) (SCRV_PLQ Table F9, Appendix F and below)
cp = SCRV_PPRS8(lg,s) (SCRV_PPR in Table F8, Appendix F)
qr = SCRV_QRGS(rg,s) (Appendix E as SCRV_QKG)

gs = SCRV_QSHS3(lg,rg,¢Appendix E as SCRV_QSH)

gl = SCRV_QLQS8(lqg,s) (Appendix E as SCRV_QLQ)
gp = SCRV_QPRS(lg,s) (Appendix E as SCRV_QPR)

Ir = RLOSSS8 (Appendix E as RLOSS)

Is = SLOSS8 (Appendix E as SLOSS)

Il = LLOSSS8 (Appendix E as LLOSS)

Ip = PLOSSS8 (Appendix E as PLOSS)

RHS = 0OGQNGIMP(10+rg,curiyr)

The structure is also representedrigure 2-6.

The costs of production, liquefactishipping, and regasification are incorporated in the LP through
the use of step curves (SCRV_PXX, SCRV_QXo{je for each element (XX=RG, SH, LQ, or PR)
in each region represented (Jeble 2-1). For production and shipping only a single step or value
is used, providing a mechanism for setting a péraast, with no explicitimit on the quatity. For
regasification and liquefaction the first step typically represents the existing capacity, if any,
followed by potential incremental expansion (either at existing facilities or at a greenfield facility).
In some limited cases, the quantities reflect specific facilities where construction has already begun,
or is highly likely to commence. Each step is limited by an earliest allowed start year (SCRV_YRG,
SCRV_YSH, SCRV_YLQ, SCRV_YPR). Each liquefaction step is identified as representing either
existing capacity, an expansion at an existindifpor a greenfiedl facility (LIQTYP, Appendix E).
Liquefaction costs are reevaluated each yeah#®next available step on the liquefaction supply
curve based on an estimation of how capital costs for new liquefaction capacity are expected to
change across time. If an expansion at an existing or greenfield facility occurs in the previous year,
the per-unit cost of what is now the existing capacity is set equal to a quantity-weighted average of
the per-unit cost for the existing capacity the previous year and the per-unit cost of the expansion.
Both regasification and liquefaction levels are limited by a maximum utilization rate (PERMAXRG
and L_UTILRATE, Appendix E). Liquefaction is also limited by an assumed maximum utilization
available to the United States (PERMAXLQ, Appendix E). This factor is used to reflect the fact that
all of the liquefaction capacity in the world will not be available for the United States. The limits on
liquefaction effectively limit ppduction (as represented in tim@del) in a region as well.

With the LNG market evolving rapidly, it is difficult to determine with much certainty how costs,
including taxes, will change in the future, let alone how prices will be set. After reviewing the
limited information available on thsbject a number of assumptiong@made to represent future

costs in the model, as well as the price implications of an evolving market. The per unit costs on the
production curves are set exogenously (Table F9, Agigd-) and held constant throughout the

2This is adjusted in the code by an assumed maximum utilization rate (PERMAXRG, Appendix E) to define as maximum annual
sustained throughput.
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Figure2-6. LNG Linear Program Schematic

Columns Q Q Q Q
R S L P
G (lg) I R T
S (rg) Q D y
(ra) S (la) (la) p R
S (9 S S e H
(s) (s) (s) S
Rows where s=1,7 where s=1,2 | where s=1,4| where s=1,2
LNGOBJ +cr +cs +cl +cp N
BLDMRG(rg) +1 > RHS
BLSHRG(rg) -1/10r +1*ls = 0
BLSHLQ(lq) -1 +1 = 0
BLPRLQ(Iq) -1/ +1*Ip = 0
SUMRGS(rg) +1 N
SUMS(Iq)(rg) +1 N
SUMLIQ(Iq) +1 N
SUMPRD(lq) +1 N
BND +qr(s) +0s(s) +q(s) +qp(s)

N = Nonconstraining

Columns
QRGS(rg)S(s)
QS(lg)(rg)S(s)

QLIQ(lg)S(s)
QPRD(lg)S(s)

Rows
LNGOBJ
BLDMRG(rg)
BLSHRG(rg)

BLSHLQ(Iq)
BLPRLQ(Iq)

SUMRGS(rg)
SUMS(la)(rg)
SUMLIQ(lq)
SUMPRD(Iq)
BND

Regasification curve: Quantity of LM@asified in each regasification region, by step
LNG shipment curve: Quantity of LNGgied from liquefaction region to regasification region,
by step

= Liquefaction curve: Quantity of LNG produced from NG in each liquefaction region, by step

Production curve: Quantity of NG produced for liquefaction in each production region, by step

LNG objective function

= For each regasification region, balance between regasification and US imports of LNG.

For each regasification region, balance between regasification to meet US imports and LNG
shipped from liquefaction locations.

For each liquefaction region, balancenm=n LNG produced and LNG shipped to regasification
regions.

= For each liquefaction region, balancenueen foreign NG production sent to liquefactiornilitées

and LNG produced.
For each regasification region, total regasification of LNG.
For each shipment link between liquefaatémion and regasification region, total LNG shipment

For each production regjdantal NG produced for liquefaction.
Upper bound on column variables.

= For each liquefdamn region, total NG liquified.

Source: Office of Integrated Analysis and&easting, Energy Information Administration.
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Table2-1. LNG Regasification and Liquefaction Regions

Number Regasification Terminal/Region Number Liquefaction Regions
1 Everett, MA 1 Algeria
2 Cove Point, MD 2 Nigeria
3 Elba Island, GA 3 Norway
4 Lake Charles, LA 4 Venezuela
5 New England 5 Trinidad
6 Middle Atlantic 6 Qatar
7 South Atlantic 7 Australia
8 Florida/Bahamas 8 Malaysia
9 Alabama/Mississippi 9 Indonesia
10 Louisiana/Texas 10 Sakhalin
11 California 11 Egypt
12 Washington/Oregon 12 Peru
13 Eastern Canada* 13 Oman
14 Western Canada* 14 Angola
15 Eastern Mexico* 15 Equatorial Guinea
16 Western Mexico* 16 Northwest Russia

* In the AEO2006 version of the NEMS, LNG imports in Mexico and Canada are not handled within the LP framework.
LNG imports in Mexico are handled within the OGSM modeling framework and Canada LNG was described previously.
The LP structure was established to allow for the eventual inclusion of Canada and Mexico.

Source: Office of Integrated Analysis aRdrecast, Energy Information Administration

forecast period, while the costs for liquefaction, shipping, and regasification are allowed to change
across time, primarily in response to changes in obsksbt and equity across time. Specifics as to

how per-unit liquefaction, shippingnd regasification costs are set in the model for a particular year

and step are provided in Appendix G. For regagiboathe per-unit charge is only set for the first

step using the algorithm described in AppendixTBe assumed relatidmp between the per-unit

charge on the first step versus the per-unit charge on subsequent steps is set exogenously and applied
in the model to set the charge on the subsequent steps. Regasification costs are assumed to increase
as additional capacity is added (i.e., at higher steps on the step curve), to reflect the assumption that
the less costly facilities will be built first.

As described above, the supply curves provide an estimate of the minimum expected cost of bringing
natural gas to the U.S., with some accounting of the fact that U.S. is not the only consumer of LNG
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in the world (i.e., by limiting the liquefaction capacity available to the U.S.). While costs are an
important factor, a more fundamental question is whaé might suppliers require to ship gas to the

U.S. For example, if Europeans are willing to pay $10 per Mcf for LNG, then suppliers will first
want to ship their cargoes to Europe, unldss U.S. is willing to pay more, accounting for
transportation differences. $m the NEMS is not an international model, a “market price
adjustment” factor was added to the expected cost of shipping gas to the U.S. in attempt to reflect
world markets. This factor was set as a fuorctof the projected world growth in natural gas
consumption from EIA’$nternational Energy Outlook 2005 and the projected international refinery
acquisition cost, as follows:

MKTPRC_ADD, = MKTPRC_ADD, , +[PAR_CON* (M -1)]+
IEOCONS_, (14)
[PAR_WOP IT_WOP, IT_WOR_l]
5.7
where,
MKTPRC_ADD = market price adjustmefit987$/Mcf), (set to zero in 2003)
IT_WOP = international refiery acquisition cost (1987%/bbl)
IEOCONS = world natural gas consutiop from a preliminary version of the
International Energy Outlook 2005 (Tcf)
5.7 = factor to convert barrelsanthousand cubic feet equivalent
PARCON = assumed parameteneorld gas consumption (0.5)
PARWOP = assumed panater on oil price (0.5)

The market price adjustment factor is meant to capture the impact of the competition for LNG in the
world as other consumers bid up the price for gas above the basic cost of delivery. This competition
is expected to occur in resporteaéncreasing demand for natural gas in the world. The world oll
price is expected to influence the price thropgtential fuel switching on the demand side, through
contracts that are tied to the world oil pricegddhrough the potential ebnverting natural gas to
liquids.

L NG Regasification Expansion Decision

The decision to expand LNG regasification capacity is made at the beginning of each forecast year,
before the model equilibrates. The LP is used to derive the expected regional specific costs for
bringing LNG into the U.S. if the next available capacity step were brought online. The LP is solved
for import levels equivalent to the current capacity (RCURCAP) plus an assumed utilization
(PERAVGRG) of the next availablesgt. To reflect market and instenent uncertainties, as well as

the added cost of dealing with siting opposition, an exogenously specified regional specific risk
premium (RISKPREM, Appendix E) is added to the resulting costs. The risk premium attempts to
capture regional differences in siting obstacles by looking at such things as number of current
proposed projects, number of canceled projestsnber of oil import facilities, and other
demographic indicators. The final cost estimates are used in the following net present value
calculation to estimate the potential profitability of adding regasification capacity in a region:

Energy Information Administration
2-24 NEMS Natural Gas Transmission and Distribution Module Documentation 2006



LOOKYR

NPV, = Y {IMPPRGC, -[CRVP4 - (MKTPRC_AD, ~MKTPRC_ADD, )]}

k=CURIYR (15)
* ( 1 )(k—curiyr)
1+INT
where,
NPV net present value (1987 dollars)

MKTPRC_ADD = market price adjustmefit987$/Mcf), (set to zero in 2003)

IMPPRC world natural gas consungptifrom a preliminary version of the
International Energy Outlook 2005 (Tcf)
CRVP4 = Least cost to deliver LNG sufficient to fill expanded capacity in
region r (as derived by solvirige linear program) (1987%/Mcf)
CURIYR = current forecast year
LOOKYR = forecast year
IT_WOP = international refiery acquisition cost (1987%/bbl)
5.7 = factor to convert barrelsanthousand cubic feet equivalent

“Variable” Dry Natural Gas Production Supply Curve

The two “variable” (or price responsive) naturas gapply categories represented in the model are
domestic nonassociated production #otal poduction from the WCSB. Nonassociated natural gas
is largely defined as gas that is produced froswells, and is assumed\ary in response to a
change in the natural gas price. Associated-disglayas is defined as gas that is produced from oll
wells and can be classified as a byproduct imthgroduction process. Ehadomestic supply curve

is defined through its associatedgraeters as being net of leasd alant fuel consumption (i.e., the
amount of dry gas available for market after aegassary processing anddre being transported
via pipeline). For both of these categories,gtpply curve represengsnual productin levels.
The methodology for translating this annual fanto a seasonal representation is presented in
Chapter 4.

The supply curve for regional nonassociatedeo 48 natural gas production and for WCSB
production is built from a price/quantity (P/Q) pair, where price is the “expected” wellhead price (a
function of the previous year’s prieed the annual change in proved reséfyasd quantity is the
“expected” production or the bapeoduction level as defed by the product of reserves times the
“expected” production-to-reserveatio (as set in the OGSM)The basic assumption behind the
curve is that the price will increase from the base price if the current year’s production legets ex

the expected production; and the opposite will occur if current production is less. In addition, itis
assumed that the relative price response will be greater for a marginal increase in production above
the expected production, compared to below, i§ioketof a narrow range around the base point. To
represent these assumptions, five segments of the curve are defined from the base point. The middle
segment is centered around thedaoint, extends plus or mus a percent (PARM_SUPCRV3,
Appendix E) from the base quantity, and if activated, is generally set nearly horizontal (i.e., there is

2%The underlying assumption is that an increasing reserve baseaw#lghwnward pressure on the price and a decreasing reserve
base will place upward pressure on the price.
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little price response to a quantity change). The next two segments, on either side of the middle,
extend more vertically (with a positive slgpeand reach plus or minus a percent
(PARM_SUPCRVS5, Appendix E) beyond the endtloé middle segment. The remaining two
segments extend the curve above and below evédrwefufor the case of more annual price changes,

and can be assigned the same or different slopes from their adjacent segments. The slope of the
upper segment(s) is generally set greater than or equal to that of the lower segment(s). Anillustrative
presentation of the supply curve is providedrigure 2-7. The general structure for all five
segments of the supply curve, in terms of dafirprice (NGSUP_PR) as a function of the quantity

or production level (QVAR), is:

NGSUP_PR= PBASE* ( ((ELlA =k (QVA(;{B'AQSBEASE)) +1) (16)

A more familiar form of this equation is the definition of the elasti&}yaé: & = (AQ/Qo) / AP/Po),
whereA symbolizes “the change in” and Qo and Po represent a base level price/quantity pair.

Each of the five segments is assigned different values for the variables ELAS, PBASE, and QBASE:

Lowest segment:
PBASE =CPBASE = APBASE *(1.-(PARM_SUPCRV5/PARM_SUPELAB
QBASE =CQBASE = AQBASE * (1. - PARM_SUPCRV5)
ELAS =PARM_SUPELA%=0.50

Lower segment:
PBASE =APBASE = XPBASE *(1.-(PARM_SUPCRV3/PARM_SUPEELAP
QBASE = AQBASE = XQBASE * (1. - PARM_SUPCRV?3)
ELAS =PARM_SUPELAS=0.50

Middle segment:
(in historical years)
PBASE = XPBASE = historical wellhead price
QBASE = XQBASE = QSU# (1.-PERCNT)

(in forecast years)

PBASE= @ """ UGRRESSHR™*®* oEXSPENL{$**1** HDD %% ZOGRESNG***%"

—8.80266%-0.239954,

olT WO RO'MHQQ* ZWPRLAG?239%4% e
UGRRESSHRIAG ~02399540.97380% o EXSPEN D—O.239954f).064419* HDD 0239954052528«
-2
ZOGRESNGLAGI, 0239540016237 (| T \\/QP0-2399540.441199
— t-1

QBASE = XQBASE =ZOGRESNG ZOGPRRNG
ELAS = PARM_SUPELA%=4.00
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Upper segment:
BPBASE = XPBASE * (1. + (PARM_SUPCRV3/ PARM_SUPEEAPp

PBASE =
QBASE = BQBASE = XQBASE * (1. + PARM_SUPCRV3)
ELAS = PARM_SUPELA$=0.5

Uppermost segment:

PBASE = DPBASE BPBASE * (1. + (PARM_SUPCRV5 / PARM_SUPELNB
QBASE = DQBASE = BQBASE * (1. + PARM_SUPCRV5)
ELAS =PARM_SUPELAS=0.25

where,
NGSUP_PR = Wellheaprice (1987%/Mcf)

QVAR = Production, incluaig lease & plant (Bcf)
PBASE = Base wellhead price (1987%$/Mcf)
QBASE = Base wellhead production (Bcf)

ELAS = Elasticity (percent change in quantity over percent change in price)
(analyst judgment)

(defined in preceding paragraph)

(defined in preceding paragraph)

Elasticity (percentage change in quantity over percentage change in
price)

PARM_SUPCRV3
PARM_SUPCRV5
PARM_SUPELAS

ZWPRLAG; = Lagged wellhead price for supply source s (1987/Mcf)
ZOGTAXPREM, = Tax stimulation variable provideoy OGSM (currently set to zero)
ZOGRESNG = Natural gas reserves for supply source s (Bcf)
ZOGRESNGLAG1 = Natural gas reserves in the poais forecast year for supply source s

(Bcf)
ZOGPRRNG = Natural gas production to reservaso for supply sources (fraction)

UGGRESSHR = Share of gas reserfrem unconventional sources (fraction)
UGGRESSHRLAG = Previous year’'s sharegaf reserves from unconventional sources
(fraction)
OEXSPEND = National average drilling cost per well (1987 dollars)
HDD = Historical averag heating degree days
ZOGRESNG = Beginning-of-year reserves (Bcf)
OGRESNGLAG = Previous year's beginning-of-year reserves (Bcf)
olT_WOP = International rafery acquisition cost (1987%/bbl)
PERCNT, = Percentlease and plant
s = supply source
n = region/node
t = year

The parameters abovelMbe set depending on the location@YAR relative to the base quantity
(XQBASE) (i.e., on which segment of the curve that QVAR falls). In the above equation, the QVAR
variable includes lease and plant fuel consumption. Since the ITM domestic production quantity
(VALUE) represents supply levelstaf lease and plant, this valomist be adjusted once it is sent

to the supply curve function, and before it can laduated, to generate a corresponding supply price.

The adjustment equation is:
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QVAR =(VALUE - FIXSUP) / (1. - PCTLP)
[ FIXSUP = ZOGCCAPPRD* (1. - PCTLR) ]

where,
QVAR = Production, includintease & plant consumption
VALUE = Production, net of lease & plant consumption
PERCNT, = Percent lease and plant consumptin region/node n (set to zero for
Canada)
ZOGCCAPPRER = Coalbed gas production related to the Climate Change Actioffi@lan
OGSM)*
FIXSUP = ZOGCCAPPRD net ¢dase and plant consumption
s = NGTDM/OGSM supply region
n = region/node

Alaska Natural Gas Routine

The NEMS demand modules provide a forecastatfiral gas consumption for the total Pacific
Census Division, which includes Alaska. Currently natural gas that is produced in Alaska cannot be
transported to the lower 48 States via pipelifigerefore, the productiomd consumption of natural

gas in Alaska is handled septely within the NGTDM from the contiguous States. Annual
estimates of contiguous PacificM3ion consumption levels are derived within the NGTDM by first
estimating Alaska natural gas consumption for all sectors, and then subtracting these from the core
market consumption levels in the Pacific Digisprovided by the NEMS demand modules. The use

of natural gas in compressed natural gas vehicles in Alaska is assumed to be negligible or
nonexistent. The Electricity Miget Module provides a forecastrfoatural gas consumption in
Alaska by electric generators. @bonsumption of gas by Alaskaigential customers is primarily a
function of the number of resident@ustomers (exogenously derived):

(res): AKQTY_ Feyy = EXP(AK_C)* AKQTY_ FE:-S* AK_ RNG™S* AK_ RN (17)
where,

AKQTY_Fs-; = consumption of natural gas bi@ential (s=1) customers in Alaska
in year y (Bcf)
AK_C = estimated parameters for tEsatial consumpbin equation (Appendix
F, Table F1)
AK_RN = number of residential customers in year y (set exogenously, Appendix
F, Table F2)

Gas consumption by Alaska commatcustomers is similarly primdy a function of the number of
commercial customers, as follows:

*This special production category is not included in the reserves ahattion-to-reserve ratios calculated in the OGSM, so it was
necessary to account for it separately when relevant. It is no longer relevant and is set to zero.
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(com): AKQTY_ Fe-, = EXP(AK_Dy)* (PREV_AKQTY , )"

(18)
AK_ CN;\K_Dg* AK_ CN?_'I—DA* PREV_AKQTYSAEZ—;);* AK_ CN;\_lé_DG
where,
AKQTY_Fs-» = consumption of natural gas bynemercial (s=2) customers in Alaska

in the current forecast year y (Bcf)
consumption of natural gas bynamercial (s=2) customers in Alaska
in previous forecast years (Bcf)

PREV_AKQTYs

AK_D = estimated parameters rfocommercial conanption equation
(Appendix F, Table F1)
AK_CN = number of commercial custorsen year y (exogenously specified,

Appendix F, Table F2)

If the PMM determines that a gas-to-liquids facility will be built in Alaska, then the natural gas
consumed in the process (AKGTL_NGCNS, set enRetroleum Market Module) is added to the
North Alaska industrial consumpti. Other gas consumption byagka industrial customers is set
exogenously, as follows:

(ind): AKQTY_ Fees, = AK_QIND_S, + AK_ENDCONS N (19)

where,

AKQTY_ Fs-3 = consumption of natural gas hbydustrial customers in year y (s=3),
(Bcf)

AK_QIND_S = consumption of natural gasibglustrial customers in southern Alaska,
the sum of consumption at the Agrium fertilizer plant (assumed to close
in 2005, Appendix E) and at the LNG liquefaction facility (assumed to
close in 2009, Appendix E)

AK_ENDCONS N-3 = consumption of natural gas mdustrial customers in northern Alaska
(Appendix E)
s = sector

The production of gas in Alaska depends on 1¢tvbr a pipeline is cotraicted from Alaska to
Alberta, 2) whether a gas-to-liquids plant is bimilAlaska, 3) the production of oil in North Alaska,
and 4) consumption in and exports from Alaskehe production of gas related to the Alaska
pipeline equals the volumes delivered to Aladrhich depend on assumptions about the pipeline
capacity) plus what is consumed for lease, pkmd, pipeline operations. Gas consumed to produce
liquids is provided by the PetroleuMarket Module. Production Morth Alaska, not related to the
pipeline, is largely a function of the productiorcaiide oil; whereas gas is produced in the south to
satisfy consumption req@ments, as follows:

(S.AK) : AK_ PROD., = AK_CONS_S+EXPJAP+ QALK_LAP_S+
QALK_PIP_S-AK_DISCR

(N.AK1) : AK_PROD==AK_G;+
(0OGPRCOAK, + 00GPRCOAK,)* AK_ G,

(20)

(21)
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QAK_ALB;: +
1-AK_ PCTLSE-AK_PCTPLT:-AK_PCTPIR (22)
AKGTL_ NGCNS +AKGTL_LAP

(N.AK ) : AK_PROD-:=

where,
4
AK_CONS S Z (AKQTY_ E,+AKQTY_ |- AK_ENDCONS NJ) (23)
s=1
QALK_LAP_S=(AK_CONS_S+ EXPJAPY AK_PCTLSE (24)
QALK_PIP_S=(AK_CONS_S+EXPJAPY AK_ PCTPIR (25)
AKGTL_LAP =0AKGTL_NGCNS* (AK_PCTLSE+AK_PCTPLT:) (26)
where,

AK_PROD = dry gas production in Alaska (Bcf)
AK_CONS_S = total gas delivered to customers in South Alaska (Bcf)
AK_CONS_N = total gas delivered to customers in North Alaska (Bcf) (sum across all
sectors of AK_ ENDCONS_N)
gags1 delivered to customers in North Alaska by sector (Bcf) (Appendix
E)

AK_ENDCONS_N

AKQTY_Fs = total gas delivered to core customers in Alaska in sector s (Bcf)
AKQTY_Is = total gas delivered to noncore arsers in Alaska in sector s (Bcf)
EXPJAP = quantity of gas liquefieohd exported to Japan (from OGSM in Bcf)
QALK_LAP, = quantity of gas consumed for lease and plant operations (Bcf)
QALK _PIR, = quantity of gas consumed as pipeline fuel (Bcf)
AK_DISCR = discrepancy, the averad®95-2003) historically based difference in
reported supply levelnd consumption levels in Alaska (Bcf)
00OGPRCOAKky = Alaska oil production (MMBBL) (ak=8 offshore north,

ak=2Bonshore north)
QAK_ALB; = gas entering Alberta via piloee that was produced on the North

Slope (Bcf)

AK_PCTLSE = (forr=1) notused, (for r=2) leasnd plant consumption as a percent
of gas consumption, (for r=3) lemsonsumption as a percent of gas
production (fraction, Appendix E)

AK_PCTPLTr = (for r=1 and r=2) not used, (for r=3) plant fuel as a percent of gas
production (fraction, Appendix E)

AK_PCTPIPr = (for r=1) not used, (for r=2) pipeline fuel as a percent of gas
consumption, (for r=3) pipeline & as a percent of gas production
(fraction, Appendix E)

AKGTL_NGCNS = natural gas consumed in a gas-to-liquids plant in the North Slope

(from PMM in Bcf)

AKGTL_LAP = lease and plant consumptiossaciated with the gas for a gas-to-
liquids plant (Bcf)
s = sectors (1=residential, 2=commercial, 3=industrial, 4=transportation,

5=electric generators)

*particularly low volumedheld constant throughout the forecast at the average value projected by the Alaska Department
of Natural Resources.
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r = region (1 = south, 2 = north resociated with a pipeline to Alberta
or gas-to-liquids process, 3 = noréissociated with a pipeline to
Alberta and/or a gas-to-liquids plant

Lease, plant, and pipeline fuel consumption are calculated as follows. For south Alaska, the
calculation of pipeline fuel (QALK_PIP_S) and lease and plant fuel (QALK_LAP_S) are shown
above. For the Alaska pipeline, all three paments are set to the associated production (AK _
PROD;) times the percentage of lease (AK_PCTE)SBlant (AK_PCTPLT), or pipeline fuel
(AK_PCTPIR). For the gas-to-liquids pcess, lease and plant fgeKGTL_LAP) is calculated as
shown above and pipeline fuel isnsidered negligible. For the redtnorth Alaska, pipeline fuel
consumption is assumed to be negligible, while lease and plant fuel (QALK_LAP_N) is set to the
production level (AK_PROR) minus the assumed end-us®nsumption in the North
(AK_CONS_N).

Estimates for natural gas wellhead and delivered prices in Alaska are roughly estimated in the
NGTDM for proper accounting, but have a veryited impact on the NEMS system. The average
Alaska wellhead price (AK_WPRC) over the Nonttd&outh regions (not accounting for the impact
should a pipeline be connected to Albertagasusing the following estimated equation:

AK_WPRG=AK_FR+(AK_R,*T)-

AK_FE*{ WPRLAG-[ AK_F+(AK_FK*(T-1))]} @7)
where,
AK_WPRC = natural gas wellhead priae Alaska, presuming no pipeline to
Alberta ($/Mcf)
WPRLAG = AK_WPRC in the previous forecast year ($/Mcf)
AL_F = estimated parameters fgellhead price (Appendix F, Table F1)
T = time parameter, where T=1 for 19{e first historcal data point).

The price for natural gas associated withpipeline to Alberta isexogenously specified
(FR_PMINWPR, Appendix E) and does not vary by forecast year. The average wellhead price for
the State is calculated as the quantity-weighted average of AK_WPRC and FR_PMINWPR
Delivered prices in Alaska are set equal to the wellhead price (AK_WPRC) resulting from the
equation above plus a fixed markup (Apgx E -- AK_RM, AK_CM, AK_IN, AK_EM).

Within the model, the commencement of construction of the Alaska to Alberta pipeline is restricted
to the years beyond an earliest start dake #MINYR, Appendix E) and can only occur once a
pipeline from the MacKenzie Delta to Alberta has beampleted. With this primary exception, the
structural representation of the MacKenzie Delta pipeline is nearly identical to that of the Alaska
pipeline, with different numerical values for mogdarameters. Therefotlge following description
applies to both pipelines. Within the model the same variable names are used to specify the
supporting data for the two pipelines, with an ad 1 for Alaska and an index of 2 for the
MacKenzie Delta pipeline.

The decision to build a pipeline is triggered i tastimated cost to supply the gas to the lower 48
States is lower than an average of the lower 48 average wellhead price over the planning period of
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FR_PPLNYR (Appendix E) yeatsConstruction is assumed tiske FR_PCNSR (Appendix E)
years. Initial pipeline capacitg assumed to accommodate atlghput delivered to Alberta of
FR_PVOL (Appendix E). The first year of opecatj the volume is assumed to be half of its
ultimate throughput. If the trigger priceaeds the minimum pridey FR_PADDTAR (Appendix

E) after the initial pipeline is built, then the capacity will be expanded the following year by a
fraction (FR_PEXPFAC, Appendix ¥ the original capacity.

The expected cost to move the gas to the lower 48 is set as the sum of the wellhéadhprice,
charge for treating the gas, and the fuel costs (FR_PMINWPR, Appendix E), plus the pipeline tariff
for moving the gas to Alberta and an assuméerdntial between the price in Alberta and the
average lower 48 wellhead price (ALB_TO_L48, Appx E). A risk premium is also included to
reflect the uncertainties in the necessary capitgysiand in the ultimate selling price (FR_PRISK,
Appendix E)** The cost-of-service based calculation for the pipeline tariff (NGFRPIPE_TAR) to
move gas from each production source to Albisrfmesented at the end of Chapter 6.

*2For the MacKenzie pipeline a straight average is taken. For the Alaska pipeline the prices are weighted, with a greaer emphas
on the prices in the recent past. For the Alaska pipeline an additional check is made that the estimated cost is levesvehds th
price in the last two years of the planning period and lower than a weighted average of the expected prices in theafiee¢hgars
planning period, during the construction period.

*The required wellhead price in Alaska is progressively adjusted across the forecast horizon in a higher onfmlantease,
such that by the last year (2030) the price is higher or lower than the price in the reference case by a fraction edquadsai®e25
technology factor adjustment rate (e.g., 0.504602006)

*fthere is an annual decline in the average lower 48 wellhead price over the planning period for the Alaska pipelii@nan addit
adjustment is made to the expected cost (although it is not a cost item), equivalent to half of the drop in price avethged over
planning period, to account for the adalithl concern created by declining prices.
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3. Overview of Solution M ethodology

The previous chapter described the fumctiof the NGTDM within the NEMS and the
transformation and represstation of supply and demand elements within the NGTDM. This chapter
will present an overview of the NGTDM model structure and of theadetbgies used to represent

the natural gas transmission and distribution indusstiiierst, a detailed deription of the network

used in the NGTDM to represent the U.S. natural gas pipeline system is presented. Next, a general
description of the interrelationgis between the submodules within the NGTDM is presented, along
with an overview of the solution methodology used by each submodule.

NGTDM Regions and the Pipeline Flow Network
General Description of the NGTDM Network

In the NGTDM, a transmission and distribution netwdflg(re 3-1) simulates the interregional

flow of gas in the contiguous United States and Canada in either the peaknir through March)

or offpeak (April through November) period. Thstwork is a simplifid representation of the
physical natural gas pipeline system and establishes the possible interregional transfers to move gas
from supply sources to end-users. Each BGITregion contains oné&ransshipment node—a
junction point representing flows coming into and out of the region. Nodes have also been defined at
the Canadian and Mexican borders, as well aagtern and western Canadacs connecting the
transshipment nodes are definede¢present flows between thesedes; and thus, to represent
interregional flows. Each of these interregional aepsesents an aggregation of pipelines that are
capable of moving gas from one region into anatbgion. Bidirectional flows are allowed in cases
where the aggregation includes some pipelinesifigwne direction and othgipelines flowing in

the opposite directiof?. Bidirectional flows can also be thestdt of directional flow shifts within a

single pipeline system due to seasonal variations in flows. Arcs leading from or to international
borders generalf§ represent imports or exports. The astsch are designated as “secondary” in
Figure 3-1 generally represent relatively low flow wwhes and are handled somewhat differently

and separately from thosesignated as “primary.”

Flows are further represented by establiskings from the transshipment node to each demand
sector/subregion represented in the NGTDMargiDemand in a particular NGTDM region can
only be satisfied by gas flowing from that sangiaa’s transshipment node. Similarly, arcs are also
established from supply points into transsmgmt nodes. The supply from each NGTDM/OGSM
region is directly available to gnbne transshipment node, through vhitamust first pass if it is to

be made available to thetémstate market (at an adjoinin@risshipment node). During a peak

*Historically, one out of each pair of bidirectional arcs in Figure 3-1 represents a relatively smait afrgas flow during the
year. These arcs are referred to as “the bidirectional arcs” and are identified as the secondary arcs in Figure 3-B Exthding
to 10, 15 to CAN2, 20to 7, 21 to 11, 22 to 12, and AK to CANRe flows along these arcs are initially set at the lasirfaat
level and are only increased (proportionately) when a known (or likely) planned capacity expansion occurs.

%Some natural gas flows across the Canadian border into the United States, only to flow back across the border without changing
ownership or truly being imported. In addition, any natural gas that might flow from Alaska to the lower 48 states watlel cross
Canadian/U.S. border, but not be considered as an import.
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Figure 3-1. Natural Gas Transmission and Distribution Module Network
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period, one of the supply sources feeding e&ch transshipment node represents net storage
withdrawals in the region during the peak peri@hnversely during the offpeak period, one of the
demand nodes represents netage injections in the region during the offpeak period.

Figure 3-2 shows an illustration of all possible flowgarand out of a transshipment node. Each
transshipment node has one or manes to represent flows from tar other transshipment nodes.

The transshipment node also has an arc repregeiiow to each end-use sector in the region
(residential, commerciahdustrial, electric generators, and spartation), includingeparate arcs

to each electric generator subregibrExports and (in the offpeak jied) net storage injections are

also represented as flow out of a transshipmede. Each transshipmemtde can have one or

more arcs flowing in from each supply source espnted within the region. These supply points
represent U.S. or Canadian onshore or WfShore production, liqguefiedatural gas imports,
supplemental gas production, gas produced in Alaska and transported via pipeline, Mexican imports,
or (in the peak period) net storage withdrawals in the region.

Two items accounted for but not presenteldigur e 3-2 are discrepancies (i.e., average historically
observed differences betweerdependently reportethtural gas supplyna disposition levels
DISCR for the United States., CN_[OB® for Canada) and backstop suppffeslany of the types

of supply listed above arelatively minor and are smdependently of curreptrices and before the
NGTDM determines a market equilibrium solution. aA®sult, these sources of supply are handled
differently within the model.Structurally within the model oplthe price responsive sources of
supply (i.e., onshore and offshore lower 48 Wr®duction, Western Canaui Sedimentary Basin
(WCSB) production, and storagetidrawals) are explicitly repsented with supply nodes and
connecting arcs to the transshipment nodes \iieeNGTDM is determining a market equilibrium
solution.

Once all of the types of end-udestinations and supply sources defined into and out of each
transshipment node, a general matvstructure is created. aEh transshipment node does not
necessarily have all supply soartypes flowing in, or all demd source types flowing out. For
instance, some transshipment nodéshave liquefied natural gas aNable while others will not.

The specific end-use sectors aupply types specified for each transshipment node in the network
are listed inTable 3-1. This table also indicates in tabular form the mapping of Electricity Market
Module regions and Oil and Gas Supjdigdule regions to NGTDM regionEiQure2-3 andFigure

2-5in Chapter 2).

As described earlier, the NGTDM determines tloavfand price of natural gas in both a peak and
offpeak period. The basic netwaskucture separately represetiits flow of gas during the two
periods within the Interstate Tremission Submodule. Conceptudhys can be thought of as two
parallel networks, with three areaSoverlap. First, pipeline expaion is determined only in the

peak period network (with the exception of pipeligesg into Florida from the East South Central
Division). These levels are then used as constraints for pipeline flow in the offpeak period. Second,

¥’Conceptually within the model, the flow of gas to each end-use sector passes through a common citygate pemttiatpted
end-user.

*8Backstop supplies are allowed when the flow out of a transshipment ramisxhe maximum flow into a transshipmesde.
A high price is assigned to this supply source and it is generally expected not to be required (or desired). Chaptsradrpoogide
detailed description of the setting and use of backstop supplies in the NGTDM.
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Figure 3-2. Transshipment Node
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Table3-1. Demand and Supply Typesat Each Transshipment Node in the Network
Transshipment
Node Demand Types Supply Types
1 R, C, I, T, U(/7) P(1/1), LNG Everett Mass., LNG gen.
2 R, C, I, T, U(2/6), U(2/3), INJ | P(2/1), WTH, LNG gen.
3 R, C, I, T, U(3/1), U(3/4), INJ | P(3/1), WTH
4 R, C, I, T, U(4/5), U(4/10), INJ | P(4/3), P(4/5), Synthetic natural gas from coal, WTH,
LNG gen.
5 R, C, I, T, U(5/1), U(5/3), U(5/9),| P(5/1), LNG Cove Pt Maryland, LNG Elba Island
INJ Georgia, Atlantic Offshore, WTH, LNG gen.
6 R, C, 1, T, U(6/1), U(6/9), INJ | P(6/1), P(6/2), WTH, LNG gen.
7 R, C, I, T, U(7/2), U(7/10), INJ | P(7/2), P(7/3), P(7/4), LNG Lake Charles Louisiana,
Offshore Louisiana, Gulf of Mexico, WTH, LNG gen
8 R, C, I, T, U(8/11), U(8/12), INJ | P(8/5), WTH
9 R, C, I, T, U(9/11), INJ P(9/6), WTH, LNG gen.
10 R, C, I, T, U(10/8), INJ P(10/2), WTH
11 R, C, I, T, U(11/12), INJ P(11/4), P(11/5), WTH
12 R, C, I, T, U(12/13), INJ P(12/6), Pacific Offshore, WTH, LNG gen.
13 - -
14 - -
15 - -
16 - -
17 - -
18 - -
19 - -
20 Mexican Exports Mexican Imports
21 Mexican Exports Mexican Imports
22 Mexican Exports Mexican Imports
23 Eastern Canadian consumption, | Eastern Canadian supply, WTH
INJ
24 Western Canadian consumption,| Western Canadian supply, WTH, Alaskan Supply via

INJ

pipeline, MacKenzie Delta gas via a pipeline

R - Residential; C - Commercial; | - Industrial; T - Transportation consumption
U(nl/n2) - Electric generator's consumption in NGTDM/EMM region (n1/n2) as shokigume 2-3
P(n1/n2) - Production in NGTDM/OGSM region (n1/n2) as showrigare 2-5

LNG - Liquified Natural Gas; LNG gen - Potential new generic LNG import facilities
WTH - Storage withdrawals; INJ - Storage injections
SNG - Other supplemental supplies are supplied to regions 1 through 12.

Energy Information Administration

NEMS Natural Gas Transmission and Distribution Module Documentation

3-5



net withdrawals from storage in the peak periodadistathe net amount of haal gas that will be
injected in the offpeak period, witha given forecast year. Similarly, the price of gas withdrawn in

the peak period is the sum of the price of the gas when it was injected in the offpeak, plus an
established storage tariff. Third, the supply egrpgrovided by the Oil and Gas Supply Module are
specified on an annual basis. Although, theseesuare used to approximate peak and offpeak
supply curves, the model is constrained to salm the annual supply curve (i.e., when the annual
curve is evaluated at the quantity-weighted agerannual wellhead price, the resulting quantity
should equal the sum of the production in the peakadfpeak periods). The details of how this is
accomplished are provided in Chapter 4.

Specifications of a Network Arc

Each arc of the network has associated variabpegs and model variabtautputs. The variables
that define an interregional arc are the pipeldirection, available capacity from the previous
forecast year, the “fixed” tariffs and/or tariff cenvthe flow on the arc from the previous year, the
maximum capacity level, and the maximum utilization of the capdsigu(e 3-3). While a model
solution is determined (i.e., tlgantity of the natural gas floalong each interregional arc is
determined), the “variable” or quantity dependent tariff and the required capaaippttthe flow
are also determined in the process.

For the peak period the maximum capacity build leasdsset to a factobave thel990 levels. The

factor is set high enough so that this constnginarely, if ever, binding. However, the structure
could be used to limit growth along a particular path. In the offpeak period the maximum capacity
levels are set to the capacityéd determined in the peak pedi The maximum utilization rate

along each arc is used to capture the impact that varying demand loads over a season have on the
utilization along an arc. Forétpeak period, the maximum utilizairate is calculated based on an
estimate of the ratio of January-to-peak period consumption requirements. For the offpeak the
maximum utilization rateare set exogenously (HOPUTZ, Appen#). Capacityand flow levels

from the previous forecast yeaearsed as input to the solutialgorithm for the current forecast

year. In some cases, capacity that is newljjaa in the current forecast year will be exogasly

set (PLANPCAP, Appendix E) as “planned” (i.e., highly probable that it will be built by the given
forecast year based on project announcements) additional capacity beyond the planned level is
determined during the solution process and is checked against maximum capacity levels and adjusted
accordingly. Each of the interregional arcs hasassociated “fixed” and “variable” tariff, to
represent usage and reservation fees, respectiedyvariable tariff is established by applying the

flow level along the arc to the associatedftaupply curve, established by the Pipeline Tariff
Submodule. During the solution process inltiterstate Transmission Submodule, the resulting
tariff in the peak or offpeak period is added toghee at the source nodedaive at a price for the

gas along the interregional arc right beforesdiaghes its destination node. Through an iterative
process, the relative values of these prices for #tlearcs entering a nodee used as the basis for
reevaluating the flow along each of these &tcs.

*During the offpeak period in a previous version of the module, only the usage fee was used as a basis for determining
the relative flow along the arcs entering a node. However, the total tariff was ultimately used when setting delivered

prices. _ S
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Figure 3-3. Variables Defined and Determined for Network Arc
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For the arcs from the transshipment nodes to thaisadectors, the variables defined are tariffs and
flows (or consumption). The téis here represent the sum of several charges or adjustments,
including interstate pipeline tariffa the region, intrastate pipeliteriffs, and distributor markups.
Associated with each of these aixthe flow along the arc, which equal to the amount of natural
gas consumed by the represented end-use seEtorarcs from supply points to transshipment
nodes, the input variables are greduction levels from the previotmrecast year, a tariff, and the
maximum limit on supplies or production. In this cteetariffs theoretically represent gathering
charges, but are currently assumed to be Zefdaximum supply levelsre set at a percentage
above a baseline or “expectedbdguction level (described in Chigp4). Although capacity limits
can be set for the arcs to and from end-use andysppipits, respectively, ehcurrent version of the
module does not impose such limots the flows along these arcs.

Note that any of the above variab may have a value of zeroajipropriate. For instance, some
pipeline arcs may be definedthre network that currently has zero capacity, yet where new capacity
is expected in the future. On the other hand, ssmeesuch as those todeuse sectors are defined
with infinite pipeline capacity because the miodi®es not forecast limits on the flow of gas from
transshipment nodes to end users.

Overview of the NGTDM Submodulesand Their Interrelationships

The NEMS generates an annual forecast of thleaufor U.S. energy markets for the years 1990
through 2025. During the historical years, manghefmodules in NEMS do not execute, but simply
assign historically published values to the model’s output variables. The NGTDM similarly assigns
historical values to most of the known modulepati$ during these years. However, some of the
required outputs from the module are not known (thg.flow of natural gas between regions on a
seasonal basis). Therefore, the model is rumpodified form to fill in such unknown, but required
values. In doing so, historical values are getesl for the unknown paramegehat are consistent

with the known historically bageralues (e.g., the unknown seasont@rregional flows sum to the
known annual totals).

Although the NGTDM is executed for each iteratiomath forecast year solved by the NEMS, it is
not necessary that all of thedividual components of the moduledyeecuted for all iterations. Of
the NGTDM's three components or submodutks, Pipeline Tariff Subwdule is executed only
once per forecast year since sadmodule’s input values do not change from one iteration of NEMS
to the next. However, the Interstate Trarssion Submodule and thedbibutor Tariff Submodule

are executed every iteration of each forecast year bedtheir input values can change by iteration.
Within the Interstate Transmission Submoduléetarative process is used. The basic solution
algorithm is repeated multiple times until theuking wellhead pricesna production levels from
one iteration are within a user-specified tolerance of the resulting values from the previoas,iterati
and an equilibrium is reached. A presediagram of the NGTDM is provided kigure 3-4,
showing the general calling sequence.

“OUltimately the gathering charges are reflected in the deliveiedspivhen the model is benchrked to historically reported

citygate prices. ) o )
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Figure 3-4. NGTDM Process Diagram
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The Interstate Transmissiorut@nodule is the primary submodwé the NGTDM. One of its
functions is to forecast imtegional pipeline and undergrounerstge expansions and produce
annual pipeline load prités based on seasonal loads. Ushg information from the previous
forecast year and other data, the Pipeline T&utbmodule uses an accounting process to derive
revenue requirements for the current forecast yelae submodule builds pipeline and storage tariff
curves based on these revenugumements for use in the Intéage Transmission Submodule.
These curves extend beyond the level of the nugrear’s capacity angdrovide estimates of the
tariffs should capacity be expamtleThe Distributor Tariff Submodelprovides distributor tariffs

for use in the Interstate Transsion Submodule. The Distribut®ariff Submodule must be called
each iteration because some of the distributor tariffs are based on consumption levels that may
change from iteration to iteration. Finally, usthg information provided by these other NGTDM
submodules and other NEMS modules, the InterSratiesmission Submodule solves for natural gas
prices and quantities which refleatmarket equilibrium for theurrent forecast year. A brief
summary of each of the NGTDM submodules follows.

| nterstate Transmission Module

The Interstate Transmission Sutxnle (ITS) is the main integrag module of the NGTDM. One

of its major functions is to simulate the natugak price determinationgeess. The ITS brings
together the major economic factors that influence regional natural gas trade on a seasonal basis in
the United States, the balancingloé demand for and the domestipgly of natural gas, including
competition from imported natural gas. These are examined in combination with the relative prices
associated with moving the gas from the prodicehe end-user where and when (peak versus
offpeak) it is needed. In the process, the iii&lels the decision-making process for expanding
pipeline and/or seasonal storage capacity in the U.S. gas market, determining the amount of pipeline
and storage capacity to be addetween or within regions in the NGTDM. Storage serves as the
primary link between the tweeasonal periods represented.

The ITS employs an iterative heditsalgorithm to establish a makequilibrium solution. Given

the consumption levels from ot dEMS modules, the basic prassfollowed by the ITS involves

first establishing the backward flow of natural gas in each period from the consumers, through the
network, to the producers, baspdmarily on the relative prices offered for the gas (from the
previous ITS iteration). This peess is performed for the peak pelrfirst since the net withdrawals

from storage during the peak period will establisé net injections during the offpeak period.
Second, using the model's supply curves, wellhgacks are set corresponding to the desired
production volumes. Also, using the pipeline @tarage tariff curvefrom the Pipeline Tariff
Submodule, pipeline and storage ffariare set corresponding to thesociated flow of gas, as
determined in the first step. These prices aga thanslated from the producers, back through the
network, to the citygate and tlemd-users, by adding the appirape tariffs along the way. A
regional storage tariff is added to the price of gas injected into storage in the offpeak to arrive at the
price of the gas when withdrawn in the peak quéri Delivered prices aerived for residential,
commercial, and transportationstamers, as well as for bottore and noncore industrial and
electric generation sectors using the distributaif$gorovided by the Distbutor Tariff Submodule.

At this point consumption levels can be reevaluated given the resulting set of delivered prices.
Either way, the process is repsdiuntil the solution has converged.
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In the end, the ITS derives aveeagpasonal (and ultimately annuakunal gas prices (wellhead, city

gate, and delivered), and the asated production and flows, thagflect an interregional market
equilibrium among the competing participantstive market. In the process of determining
interregional flows and storage injections/withdrawals, the ITS also forecasts pipeline and storage
capacity additions. In the next forecast yehe Pipeline Tariff Submodule will adjust the
requirements to account for thesaciated expansion costs.hét primary outputs of the module
include: lease, plant, and pipeline fuel use, @amaimport levels, and hetorage withdrawals in

the peak period.

The historical evolution of th@rice determination process simulated by the ITS is depicted
schematically ifFigure 3-5. At one point, the marketing chaias very straightforward, with end-
users and local distribution companies coringcwith pipeline companies, and the pipeline
companies in turn contracting with producers. Prices typically reflected average costs of providing
service plus some regulatspecified rate of return. Althoughisrapproach is still used as a basis
for setting pipeline tariffs, more pig flexibility is being introducedjarticularly inthe interstate
pipeline industry and more recently by local dmitors. Pipeline companies are also offering a
range of services under competitive and markegdasicing arrangementsidditionally, newer
players—for example marketers of spot gad brokers for pipeline cagity—have entered the
market, creating new links connecting suppliers ertt-users. The marketing links are expected to
become increasingly complex in the future.

The level of competition for pipeline services (generally a function of the number of pipelines having
access to a customer and the amount of capaciyabie) is currently driving the prices for
interruptible transmission service and is havingfé@ct on firm service petes. Currently, there are
significant differences across regions in pipeline capacity utiliz&tidthese regional differences

are evolving as new pipeline capacity has baed is being constructed to relieve capacity
constraints in the Northeast, to expand marketsaiMidwest and the Southeast, and to move more
gas out of the Rocky Mountain region and the G@ilMexico. As capacity changes take place,
prices of services shouétljust accordingly to redtt new market conditions.

Federal and State initiatives are reducing barriers to market entry and are encouraging the
development of more competitive markets for pipeline and distribution services. Mechanisms used to
make the transmission sector more competitive include the widespread capacity releasing programs,
market-based rates, and the formation of mandueters with deregulated upstream pipeline services.

The ITS is not designed to model any specific type of program, but to simulate the overall impact of
the movement towards market bageding of transmission services.

Pipeline Tariff Submodule

The primary purpose of the Pipadiffariff Submodul¢PTS) is to provide volume dependent curves

for computing tariffs for interstate transportation and storage services within the Interstate
Transmission Submodule. Thesarves extend beyond currenapacity levels and relate
incremental pipeline or storage capacity expansiaorresponding estimated rates. The underlying

“IEnergy Information AdministratiofExpansion and Change on the U.S. Natural Gas Pipeline Network 2002, (Washington, DC,
May 2003) www.eia.doe.gowub/oil_gas/natural_gas/feature_de#2003/Pipenet03/ngpipenet03.pdf.
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Figure 3-5. Principal Buyer/Seller Transaction Pathsfor Natural Gas Marketing
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basis for each tariff curve in the model is a foreo&8ite associated regulated revenue requirement.

An accounting system is used to track costscantpute revenue requiremsttssociated with both
reservation and usage fees underreecu typical regulatechte design. Other than an assortment of
macroeconomic indicators, the primary inputite PTS from other modules/submodules in NEMS

is the level of pipeline and storage capacity espans in the previous forecast year. Once an
expansion is forecast to occur, the submedzdiculates the resulting impact on the revenue
requirement. The PTS currently assumes rolled-in (or average), not incremental rates for new
capacity (i.e., the cost of any additional capacity is lumped in with the remaining costs of existing
capacity when deriving a single tariff for all the customers along a pipeline segment).

Transportation revenueqeirements (and associated tariff cesyare established for interregional

arcs defined by the NGTDM network. These netariff curves reflect an aggregation of the
revenue requirements for individyazipeline companies represented by the network arc. Storage
tariff curves are defined at regional NGTDM netlwoodes, and similarly redtt an aggregation of
individual company storage revenue requiremextde that these sepgs are unbundled and do not
include the price of gas, except for the cushion gas used to maintain minimum gas pressure.
Furthermore, the submodule canadtiress competition for pipeline stiorage services along an
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aggregate arc or within an aggregate region, resgdgtiit should also be noted that the PTS deals
only with the interstate market, and thus does not capture the impacts of State-specific regulations for
intrastate pipelines. trastate transportation atges are accounted for witlthe Distributor Tariff
Submodule.

Pipeline tariffs for transportatioand storage services represent a more significant portion of the
price of gas to industrial and electgenerator end-users than to other sectors. Consumers of natural
gas are grouped generally into two categories: (1) those that need firm or guaranteedesansee b
gas is their only fuel option or because they atiéng to pay for security of supply, and (2) those
that do not need guaranteed service becausedinesither periodically terminate operations or use
fuels other than natural gas. The first groupustomers (core customers)assumed to purchase

firm transportation services, v the latter group (noncore custers) is assumed to purchase
nonfirm service (e.g., intarptible service, released capacity). Pipeline companies guarantee to their
core customers that they will provide peak gegvice up to the maximum capacity specified under
their contracts even though thesstomers may not actually requeansport of gas on any given

day. In return for this service guarantee, ¢h@sstomers pay monthlyservation fees (or demand
charges). These reservation fees are paidditian to charges for traportation service based on

the quantity of gas actually transported (usage fees or commodity charges). The pipeline tariff curves
generated by the PTS are used within the ITS vde¢ermining the relative cost of purchasing and
moving gas from one source versus another irppéak and offpeak seasonghey are also used
when setting the price of gas along the NGTDM network and ultimately to the end-users.

The actual rates or tariffs that pipelines are allowed to charge are largely regulated by the Federal
Energy Regulatory Commission (FERC). FERC's ratemaking traditionally allows (but does not
necessarily guarantee) a pipeline company to reds\eosts, including what the regulators consider
a fair rate of return on capital. FurthermoFERC not only has jurisdiction over how cost
components are allocated to resgion and usage categories, blgo how reservation and usage
costs are allocated across the various classes shtrsgion (or storage) seces offered (e.qg., firm
versus nonfirm service). Previous versimisthe NGTDM (and therefore the PTS) included
representations of natural gaswed (or stored) using firm and nanfi service. However, in an
effort to simplify the module, this distinction hasen removed in favor of moving from an annual to
a seasonal model. The impact of the distinaioiirm versus nonfirm ggice on core and noncore
delivered prices is indirectly captured in therkog estalished in the Distributor Tariff Submodule.

More recent initiatives by FER@ve allowed for more flexiblerocesses for setting rates when a
service provider can adequatelyrmstrate that it does not possggsificant market power. The
use of volume dependent tariff curves partially serves to capture the impact of alternate rate setting
mechanisms. Additionally, variouate making policy optiondiscussed by FERC would allow
peak-season rates to rise subistdly above the 100-percent loaattor rate (also known as the full
cost-of-service rate). In capacity-constrainedkets, the basis differential between markets
connected via the constrained pipeline route will gahebe above the full cost of service pipeline
rates. Ultimately, the NGTDM is trying to project market prices and uses cost-of-service rates as a
means in the process of establishing market prices.
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Distributor Tariff Submodule

The primary purpose of the Distributor Tariffil8nodule (DTS) is to determine the price markup
from the regional market hub to the end-user. Fastroestomers, this consists of (1) distributor
markups charged by local distribution companiestferdistribution of natural gas from the citygate

to the end user and (2) markups charged by inteagipeline companies for intrastate transportation
services. Intrastate pipeline fésiare specified exogenously to the model and are currently set to
zero (INTRAST_TAR, Appendix E). Howevethese tariffs are accowt for in the module
indirectly. For most industriahal electric generator customers, gasot purchased through a local
distribution company, so they are not specifically charged a distributor tariff. In this case, the
“distributor tariff” represents the difference between the average price obtained by local distribution
companies at the citygate and the price obtalmethe average industtiar electric generator
customer. Distributor téfs are distinguished within the DTS by sector (residential, commercial,
industrial, transportation, and electric geterg region (NGTDM/EMM regions for electric
generators and NGTDM regions fitre rest), seasons (peak or efffz), and service type or class
(core or noncore).

Distribution markups represent a significant portiothef price of gas to sedential, commercial,
and transportation customers, dads so to the industrial and elgéctgeneration sectors. Each
sector has different distributionrsee requirements, and frequerdijferent transportation needs.
For example, the coreustomers in the model (residentimgnsportation, acomercial and some
industrial and electric generatoustomers) are assumed to reguguaranteed on-demand (firm)
service because natural gas is largely their tudy option. In contrast, large portions of the
industrial and electric generat@csors may not rely solely on gaateed servicedrause they can
either periodically terminate operations or switcbtteer fuels. These customers are referred to as
noncore. They can elect to receive some gaples through a lower priority (and lower cost)
interruptible transportation service. While nogsifically represented in the model, during periods
of peak demand, services to these sectors cantdeupted in order to meet the natural gas
requirements of core customersn addition, these customensay select to bypass the local
distribution company pipelines and hook up diretdlynterstate omtrastate pipelines.

The rates that local distribution companies and intrastate carriers are allowed to charge are regulated
by State authorities. State ratdamg traditionally allows (but doesot necessarily guarantee) local
distribution companies and intrastate carriers to recover their costs, including what the regulators
consider a fair return on capital. These rates are derived from the cost of providing service to the
end-use customer. The State authority detexsmivhich expenses can be passed through to
customers and establishes dloveed rate of return. Theseeasures provide the basis for
distinguishing rate differences amg customer classes and typesefvice by allocating costs to

these classes and services based on a rate design. Due to limitations in data availability, the DTS
does not project distributadariffs through a rate base calculatias,is done in the PTS. In most
cases, projected distributor tariffs in the model depend initially on base year values, which are
established by subtracting histml citygate prices from historicdklivered prices, and generally
reflect an average over a numbéhistorical years.

Distributor tariffs for the reslential, commercial,and industrial customers are set using
econometrically estimatedjeations. Distributor markups torecand noncore electric generators
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are initially set at historical \els, then allowed to change fesponse to annual changes in
consumption levels within thestor. Transportation sector rkaps, representing sales for natural
gas vehicles, are calculated sepdydte fleet and personal vehicles. Markups for fleet vehicles are
set and held constant at historitalels with taxes@ded (although a user-spied decline rate is
allowed). Markups for persoheehicles are set at the industrial sector core price, plus taxes, plus an
assumed distribution cost. Thisqaris capped at the gasoline equivalent price, as long as minimum
costs are covered. Many of these modeling choices are the result of data linfifations.

“2E|A data surveys do not collect the cost components requirdértee revenue requirements and cost-of-service for local
distribution companies and intrastate carriers. These cost components can be compiled from rate filings to Public Utility
Commissions; however, an extensive data collection effort is beyond the scope of NEMS at this time. EIA is considering purchas
some of these data from a private vendor to support potential future analysis.
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4. Interstate Transmission Submodule Solution Methodology

As a key component of the NGTDM, the Intetstéransmission SubmoduldS) determines the
market equilibrium between sugpind demand of naturgas within the North American pipeline
system. This translates into finding the price such that the quantity of gas that consumers would
desire to purchase equals the quantity thatlgpecers would be willing to sell, accounting for the
transmission and distribution costs, pipeline fuel use, capacity expansion costs and limitations, and
mass balances. To accomplish this, two seasonaldgevere representadthin the module--a

peak and an offpeak period. &hetwork structures withgach period consist of an identical system

of pipelines, and are connected through comsupply sources and storage nodes. Thus, two
interconnected networks (peakdaoffpeak) serve as the framewddk processing key inputs to
generate the desired outputs. Aihstic approach is used to systematically move through the two
networks solving for productionvels, network flows, pipeline and storage capacity requirerfiénts,
supply prices, and delivered prices until masgéance and convergence are achieved. (The
methodology used for calculatingsttibutor tariffs is presenteah Chapter 5.) Primary input
requirements include seasonal aomgtion levels, capacity expaosicost curves, annual natural

gas supply levels and/or curvesepresentation of pipeline and stogdgriffs, as well as values for
pipeline and storage starting capacities, and network flows and prices from the previous year. Some
of the inputs are provided byl@r NEMS modules, some are egagusly defined and provided in

input files, and others are generhby the module in previous years or iterations and used as starting
values. Wellhead, import, andldered prices, supply quantitiesnd resulting flow patterns are
obtained from the ITS and sent to other NGTBimodules or other NEM8odules after some
processing. Network characteristicnput requirements, and theuristic process are presented
more fully below.

Network Characteristics in the ITS

As described in an earlier chapter, the NGTDEtwork consists of 12 NGTDM regions (or
transshipment nodes) in the lower 48 statesetMexican border crossimgdes, seven Canadian
border crossing nodes, and twan@eian supply/demand regionsteimegional arcs connecting the
nodes represent an aggregation of pipelinesatetapable of moving gas from one region (or
transshipment node) into anothérhese arcs have beelassified as either primary flow arcs or
secondary flow arcs. The primary flow arcs (Begire 3-1) represent major flow corridors for the
transmission of natural gas. $adary arcs represent either flawthe opposite direction from the
primary flow (historically about Bercent of the total flow) or rdiaely low flow volumes that are
exogenously set or set by other™M& modules (e.g. Mexican imports and exports). Inthe ITS, this
North American natural gas pipeline flow network has been restructured into a hierarchical, acyclic
network representing just themary flow of natural gasHigure 4-1). Flows along secondary arcs

are implicitly represented, as described in the Solution Process section below. A hierarchical, acyclic
network structure allows for the systematic esgntation of the flow of natural gas (and its

“An reality, capacity expansion decisions are made based on éixgectd future demand requirements, allowing for regulatory
approvals and construction lead times. In the model, additiapalcity is available immediately, once it is determinedithist
needed. The implicit assumption is that decision makers exercised perfect foresight, that planning and constructipefioethe pi
actually started before the pipeline came online.
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Figure 4-1. Network “Tree” or Hierarchical, Acyclic Network of Primary Arcs
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associated prices) from thepply sources, represented towsaittie bottom of the network, up
through the network to the end-use aansr at the upper end of the network.

In the ITS, two interconnected acyclic networks ased to represent natural gas flow to end-use
markets during the peak period (PK) and flovetal-use markets during the offpeak period (OP).
These networks are connected regionally through common supply sources and storageguodes (

4-2). Storage within the module gniepresents the transfer of natural gas produced in the offpeak
period to meet the higher demamughe peak period. Therefore tiséorage injections are included

only in the offpeak period, while net storage withaals occur only in the peak period. Within a
given forecast year, the withdrawal level from storage in the peak period establishes the level of gas
injected in the offpeak period. Annual supply s@srprovide natural gas to both networks based on

the combined network production requiremenis @rresponding annual supply availabilitgach

region.

| nput Requirementsof thel TS

The following is a list of the kemputs required during ITS processing:

Seasonal end-use consumption or dentamdes for each NGTDM region and Canada

Seasonal imports (except Canaaadl exports by border crossing

Canadian import capacities by border crossing

Natural gas production in eastern Canaghumconventiongdroduction in western Canada,

by season.

Natural gas flow by pipeline from Alaska to Alberta.

° Natural gas flow by pipeline from the MacKenzie Delta to Alberta.

° Regional supply curve pameters for U.S. nonassociated and western Canadian conventional
natural gas supply

° Seasonal supply quantities for U.S. associdissolved gas, synthetic gas, and other
supplemental supplies by NGTDM region

° Seasonal network flow patterinem the previous year, by arc (including flows from storage,
variable supply sources, and pipeline arcs)

° Seasonal network prices from the previoeary by arc (including flows from storage,
variable supply sources, and pipeline arcs)

° Pipeline capacities, by arc

° Seasonal maximum pipeline utilizations, by arc

° Seasonal pipeline (and storatm)ffs representing variable costs or usage fees, by arc (and
region)

° Pipeline capacity expansion/tariffrees for the peak network, by arc

° Storage capacity expansion/tariff cesvfor the peak network, by region

° Seasonal distributor téfis by sector and region

“These supply sources are referred to as the “variable” suppliesse they are allowed to change ipoese to price changes
during the ITS solution process.
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Figure 4-2. Simplified Example of Supply and Storage Links Across Networks
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Many of the inputs are provided by other NEM®®odules, some are defined from data within the
ITS, and others are ITS modekudts from operation in the preus year. For example, supply
curve parameters for U.S. nonasated onshore and offshore andstern Canadian natural gas
supplies, U.S. associated-dissolved gas suppliesMexican imports and exports are provided by
the Oil and Gas Supply Module (OGSMip contrast, Canadian datéth the exclusion of western
Canadian supply curves, are sedasct input to the ITS. U.Snd-use consumption levels are
provided by NEMS demand modules; pipelined astorage capacity expansion/tariff curve
parameters are provided byetlRipeline Tariff Submdule (PTS, see chapté); and seasonal
distributor tariffs are defined kpe Distributor Taff Submodule (DTS, see @pter 5). Seasonal
network flow patterns and prices are determingtiin the ITS. They are initially set based on
historical data, and then from model results in tieeipus model year. In previous versions of the
module, maximum seasonal pipeliri¢izations were used to simulate the impact of varying demand
load patterns within a season on the need to maintain pipeline capacity sufficient for peak day flows,
not just average seasonal flows. This charatienis now being represented differently in the
module.

Because the ITS is a seasonal model, most ohfhe requirements are on a seasonal level. In most
cases, however, the information provided is notaggmnted in the form defined above and needs to

be processed into the required form. For example, regional end-use consumption levels are initially
defined by sector on an annual basis. The I58&gijregates each of thegsetor-specific quantities

into a seasonal peak and offpeak representadioh then aggregates across sectors within each
season to set a total consumption level. oAlegional fixed supplieand import/eport levels
(excluding Canadian imports) represent annuakgalé simple methodolodyas been developed to
disaggregate the annual information into peakl offpeak quantities using item-specific peak
sharing factors (e.g., PKSHR_ECAN, PKSHR_EMEX, PKSHR_ICAN, PKSHR_IMEX,
PKSHR_SUPLM, PKSHR_ILNG, and PKSHR_YR). For more detail on these inputs see Chapter 2.
A similar method is used to approximate tl@sumption and supply in the peak month of each
period. This information is usedverify that sufficient sustainétcapacity is available for the peak

day in each period; and if not, it is used assig®r adding additional capacity. The assumption
reflected in the model is that, if there is sufficient sustained capacity to handle the peak month, line
packing® and propane injection can be use@toommodate a peak day in this month.

Heuristic Process

The basic process used to determine supply ancedetiyprices in the ITS involves starting from the
top of the hierarchical, acyclic network or “tree” (as showFiguire 4-1) with end-use consumption
levels, systematically moving down each network (in the opposite direction from the primary flow of
gas) to define seasonal flows along netwoits @hat will satisfy the consumption, evaluating
wellhead prices for the desiredpuction levels, and then moving each network (in the direction

of the primary flow of gas) to define tremission, node, storage, and delivered prices.

4gystained” capacity refers to levels that can operationally be sustained throughout the peasezsto “peak” capacity which
can be realized at high pressures and would not generally be maintained other than at peak demand periods.
“8Line packing is a means of storing gas within a pipeline for a short period of time by compressing the gas.
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While progressively moving down the peak or eig network, net regiondémands are established
for each node on each network. Kegional demands are definedias sum of consumption in the
region plus the gas that is exiting the region to satisfy consumption elsewhere, nef cétigplies

in the region. The consumption categories represi in net regional dends include end-use
consumption in the region, exports, pipeline fLasumption, secondarpa@ primary flows out of
the region, and for the offpeak period, net injectionts regional storagactilities. Regional fixed
supplies include imports (exceginventional gas from Western Cdag secondary flows into the
region, and the regions associated-dissolvediymtion, supplemental supplies, and other fixed
supplies. The net regiohdemands at a node will be satisfl®dthe gas flowing along the primary
arcs into the node, the local “vale” supply flowing into the nodend for the peak period, the gas
withdrawn from the regional storage facilities on a net basis..

Starting with the node(s) at the toptbé network tree (i.e., nodes 1, 10, and 1Bigure 4-1), a

sharing algorithm is used to determine the pdroéthe represented regi’'s net demand that is
satisfied by each arc going into the node. Theltiagishares are used to define flows along each

arc (supply, storage, and interreigal pipeline) into the regioni(@mode). The interregional flows

then become additional consutimm requirements (i.e., primaryoilvs out of a region) at the
corresponding source node (region). If the arc ggamo the original node is from a supply or
storagé® source, then the flow represents the produdiitstorage withdrawal level, respectively.

The sharing algorithm is systematically applied (going down the network tree) to each regional node
until flows have been defined for all arcs alongeéwork, such that consumption in each region is
satisfied and a mass balance of tloev} is achieved throughout the network.

Once flows are established for each network (and pipeline tariffs are set by applying the flow levels
to the pipeline tariff curves), resulting productitavels for the variable supplies are used to
determine regional wellhead peis and, ultimately, storage, nodend delivered prices. By
systematically moving up each network tree, regional wellhead prices are used with pipeline tariffs,
while adjusting for price impacts from pipeline fwueihsumption, to calcularegional node prices

for each season. Next, intraregional and inttastearkups are addedttte regional/seasonal node
prices, followed by the addition of corresponding eeaf sectoral distributdariffs, to generate
delivered prices. Seasonal prica®g then converted to annudlivered prices using quantity-
weighted averaging. To speed overall NEMS convergétibe, delivered prices can be applied to
representative demand curves pp@ximate the demand responsa tthange in the price and to
generate a new set of consuroptievels. This process is egied until convergence is reached.

The order in which the networks are solved d#fdepending on whetherovement is down or up

the network tree. When proceeding down the network trees, the peak network flows are established
first, followed by the offpeak network flows. Thosder has been established for two reasons. First,
capacity expansion is decidedskd on peak flow requirementsThis in turn is used to define the

“"Fixed supplies are those supply sources that are not allowed to vary in response to changes in the natural gas pri¢ESiuring the
solution process.

“8For the peak period networks only.

4SAt various times, NEMS has not readily converged and various approaches have been taken to improve the process. If the
NGTDM can anticipate the potential demand response to a price change from one iteration to theawedrdindly moderate the
price change, the NEMS will theoretically convetgean equilibrium solution in fewer iterations.

*pipeline capacity into region 10 (Florida) is allowed to expand in either the peak or offpeak period because the regioasxperie
its peak usage of natural gas in what is generally the offpeak period for consumption in the rest of the country.
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upper limits on flows along arcs in the offpeak natv Second, net storageentions (represented

as consumption) in the offpeakason cannot be defined until sierage withdrawals (represented
as supplies) in the peak season are establlisM#hen going up the network trees, prices are
determined for the offpeak network first, followdy the peak network. This order has been
established mainly because the price of fueheidwn from storage in the peak season is based on
the cost of fuel injected into storagetie offpeak season plus a storage tariff.

If net demands exceed available supplies ont&ark in a region, then a pseudo supply, called
backstop supply, is made availablea higher price than other loclpply. The higher price is

passed up the network tree to discourage (or decrease) demands from being met via this supply route.
Thus, network flows respond by shifting avwieym the backstop region until backstop supply is no
longer needed.

Movement down and up each network tree (defined as a cycle) continues within a NEMS iteration
until the ITS converges. Convergence is acldewden the regional seasonal supply prices
determined during the current cycle down tletwork tree are within a designated minimum
percentage tolerance from the supply prices eskedalithe previous cycle down the network tree. In
addition, the absolute change in production betwsetes within supply regions with relatively
small production levels are checked in establishonyyergence. However, the presence of backstop
will prevent convergence from being declare@®nce convergence is achieved, only one last
movement up each network tree is required finddinal regional/seamal node and delivered
prices. If convergence is not achieved, thentao&érelaxed” supply prices is determined by
weighting regional produain results from both the current and the previous cycle down the network
tree, and obtaining correspondmgw annual and seasonal supplgesifrom the supply curves in

each region based on these “relaxed” production levidis.concept of “relaxation” is a means of
speeding convergence by solving for quantitiaspaces) in the current iteration based on a
weighted-average of the prices (or quantities) from the previous two iterations, rather than just using
the previous iteration’s valugs.

The following subsections describe many of th@eeedures in greatertad, including: net node
demands, pipeline fuel consumption, sharing rtigm, wellhead prices, tariffs, arc, node, and
storage prices, backstop, convergerarel delivered and import priceé simple flow diagram of
the overall process is presentedrigure 4-3.

Net Node Demands

Seasonal net demands at a nodelafmed as total seasal demands in theg®n, net of seasonal
fixed supplies entering the regi. Regional demandsmsist of primary flows exiting the region
(including net storage injectioms the offpeak), pipeline fuglonsumption, end-use consumption,
discrepancies, Canadiaemands, exports, and other secopdlaws exiting the region. Fixed
supplies include associated-dissolved gas, Alagkansupplies to Alberta, synthetic natural gas,
other supplemental supplies, LNG imports, fixgahadian supplies (inaling MacKenzie Delta
gas), and other secondary flows entering theoregbeasonal net node derda are represented by
the following equations:

*IThe model typically solves within 3 to 6 cycles.
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Figure 4-3. Interstate Transmission Submodule System Diagram

“es

INTERSTATE TRANSMISSION SUBMODULE

! Azzign noebuok
components with
k rowan b istarical

Set PRAOP consum plion &
fe<ed supphy levek

1

fowe dowun networ, pe g
then offpeak, node by node

Set netnode demand
incl. pipeline fuel

1

Set share satisfied by
incoming prim ary arcs

)

Set incoming flowes,
adjust if exce ed max,
include starage for PR

1

Establish production, then
evaluate wellhead price

1

WAl es
L]

5 ohre for unknowrs
(seasondl flans &
prices on netwoaork)
consistentwith
known d ata

r

Frocess model
results & report

¥

L

flowe up netwotk, offpe 3
then ped:, node by node

Adjustprices

i

Set tariffz on outgoing
ares, incl. storage for AF

Reewaluate
zons umptio n

1

Add tariff to node price
for outgoing arc price

¥

Aszign nest node price
and=setend-use prices

Mo

anwerge

= -

Fk. =Feak
OF = Offpeak

Energy Information Administration
4-8 NEMS Natural Gas Transmission and Distribution Module Documentation 2006



Peak:

NODE_DMDe« = PFUELpk, + FLOWpk o+ NODE_CDMDe«, r

> (PKSHR_DMD nony; * (ZNGQTY_Foonys + ZNGQTY | 100,,)) +

nonu

Z (PKSHR_UDMD jui * (ZNGUQTY_Fjys + ZNGUQTY_[jy1))

jutil Or

NODE_CDMD+«, = YEAR_CDMDgx, - (PKSHR_PROD* ZADGPRDY)

YEAR_ CDMD ¢« = DISCRpk -t * CN_DISCRpk cn
((PKSHR_CDMD) * CN_DMD n) +
(PK1* SAFLOW.,) - (PK2* SAFLOW.,) -
(PKSHR_YR*QAK_ ALB,) - (PKSHR_SURM* ZTOTSUP,) -
(PKSHR_ILNG* OGQNGIMP_,) - (PKSHR_PROD,* CN_ FIXSUPcn)

Off-Peak:

NODE_DMDop; = PFUELop; * FLOWopa + FLOWek st + NODE_CDMDop, +

Z ((1- PKSHRJ:)MDFIOI"IUI)* (ZNGQTY_FFIOI"IUI + ZNGQTY_IHOHUI)) +

nonu

Z ((1- PKSHR_UDMD jui) * (ZNGUQTY _Fju + ZNGUQTY _|ua)) +

jutil Or

NODE_CDMDop,; = YEAR_CDMD o, - ((1- PKSHR_PROD) * ZADGPRDs)

YEAR_ CDMDop; = DISCRop,: + CN_DISCRopen +
((1-PKSHR_CDMD* CN_DMD.n,) +

((1-PK1)* SAFLOW,,) - ((1- PK2)* SAFLOW.,) -

((1- PKSHR_YR)* QAK_ALB,) - ((1- PKSHR_SUPIM) * ZTOTSUR) -

(28)

(29)

(30)

(31)

(32)

(33)

((1- PKSHR_ILNG)* OGQNGIMP_) - ((1- PKSHR_PROD) * CN_FIXSUPens)

where,
NODE_DMD,, = netnode demands in regir, for network n (Bcf)
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NODE_CDMD,,
YEAR_CDMD;
PFUEL,,
FLOW, 4
ZNGQTY_Fonur
ZNGQTY_honur
ZNGUQTY _Fui
ZNGUQTY _ i
ZADGPRD
DISCRjyryt
CN_DISCR en
CN_DM Dcn’t

SAFLOW,
SAFLOW,
QAK_ALB;

ZTOTSUR

OGQNGIMR,
CN_FIXSURn;

PKSHR_DMDyonu,r

PKSHR_UDMDi

PKSHR_PRODR
PKSHR_CDMD

PKSHR_YR

net node demands remiag constant each NEMS iteration in region r,
for network n (Bcf)

net node demands remiaig constant within a forecast year in region r,
for network n (Bcf)

Pipeline fuel consumption in region r, for network n (Bcf)

Seasonal flow on network n, along arc a [out of region r] (Bcf)

Core demands in regionlay nonelectric sectors nonu (Bcf)

Noncore demands in regiorby nonelectric sectors nonu(Bcf)

Core utility demands in NGTDMMM subregion jutil [subset of region

r] (Bcf)

Noncore utility demands in NGTDM/EMM subregion jutil [subset of
region r] (Bcf)

On- and off-shore associateidsblved gas production in supply
subregion s (Bcf)

L48 discrepancy in region r, for network n, in forecast year t ¥Bcf)
Canada discrepanay Canadian region cn, for network n (Bcf)
Canada demand in Canadian region cn, in forecast year t (Bcf)
(Appendix E)

Secondary flows out of regionalong arc a [includes Canadian and
Mexican exports, Canadian gas that flows through the U.S., and L48
bidirectional flows] (Bcf)

Secondary flows into region 4palg arc a' [includes Mexican imports,
Canadian imports into the East No@entral Census Division, Canadian
gas that flows through the U.S., dodier 48 bidirectional flows] (Bcf)
Natural gas flow from Alaskiato Alberta via pipeline (Bcf)

Total supply from SNG liquids,N85 coal, and other supplemental in
forecast year t (Bcf)

LNG imports from LNG region L, in forecast year t (Bcf)

Fixed supply from Canadian regi cn, in forecast year t (Bcf)
(Appendix E)

Average (1990-2004) fractiaf annual consumption gach nonelectric
sector in region r corresponding to the peak season

Average (1994-2004, except New England 1997-2004) fraction of
annual consumption in the electrgenerator sector in region r
corresponding to the peak season

Average (1994-2004) fraction ahnual production in supply region s
corresponding to the peak season (Appendix E)

Fraction ainnual Canadian deand corresponding to the peak season
(Appendix E)

Fraction of the year represented by the peak season

2Projected lower-48 discrepancies are partially based on thegaveistorical level from 1997 to 2003. In addition 1 Bcidasr
was added to account for an approximation of the level of carbon dioxide that was incorrectly included in the reporteshpnoducti
Texas. Arevision in the production levelaessarily requires a comparable revision in the discrepancy figure for proper accounting.
Finally, discrepancies are adjusted in the STEO years to account for STEO discrepancy (Appendix E, STDISCR) and annual net
storage withdrawal (Appendix E, NNETWITH) forecasts, and differences between NEMS and STEO total consumption levels
Appendix E, STENDCON). These adjustments are phased out over a user-specified number of years (STPHAS_YR).
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PKSHR_SUPLM = Average (1990-2004) fractmirsupplemental supply corresponding to
the peak season

PKSHR_ILNG = Average (1990-2004) fraction of LNG supply corresponding to the peak
season
PK1, PK2 = Fraction of flow corrpending to peak season (composed of

PKSHR_ECAN, PKSHR_EMEX, PKSHR_ICAN, PKSHR_IMEX, or
PKSHR_YR)

PKSHR_ECAN = Fraction of Canadiarports transferred in peak season
PKSHR_ICAN = Fraction of Canadiamports transferred in peak season
PKSHR_EMEX = Fraction of Mexican exports transferred in peak season
PKSHR_IMEX = Fraction of Mexican imports transferred in peak season

r = region/node
n = network (peak or offpeak)
PK,OP = Peak and offpeak network, respectively
nonu = Nonelectric sector ID: resideht@mmercial, industrial, transportation
jutil = Utility sector subregion ID in region r
a,a’ = ArcID for arc entering (a') or exiting (a) region r
s = Supply subregion ID into region r (1-21)
cn = Canadian supply subregion ID in region r (1-2)
L = LNG import region ID into region r (1-12)
st = ArcID corresponding to storage supply into region r

Pipeline Fuel Use and Intraregional Flows

Pipeline fuel consumption represents the natusatgasumed by compressors to transmit gas along
pipelines within a region. In the ITS, pipelifel consumption is modked as a regional demand
component. It is estimatedrfeach region on each network useng historically based factor,
corresponding net demands, and a multiplicative scaling factor. The scaling factor is used to calibrate
the results to equal the most recent natic@hatt-Term Energy Outlook (STEO) forecast® for

pipeline fuel consumption (AppendE, STQGPTR), net of pipelirfeel consumption in Alaska
(QALK_PIP), and is phased out by a user-sppatiyear (Appendix E, STPHAS_YR ). The
following equation applies:

PFUEL,, = PFUEL_FAC,,* NODE_DMD,,* SCALE_PF (34)
where,
PFUEL,, = Pipeline fuel consumption in region r, for network n (Bcf)
PFUEL_FAG, = Average (1997-2004) historical plpe fuel factor in region r, for
network n (calculated historically for each region as equal
PFUEL/NODE_DMD¥*
NODE_DMD,, = Netdemands (excluding pipelineefuin region 4, for network n (Bcf)

%3E|A produces a separate quarterly forecast for primary natioeajjestatistics over the next few years. For certain forecas
items, the NEMS is calibrated to produce an equivalent (wittorb2ercent) result at a national level for these yearsAE@2006,

the year calibrated t8TEO results was 2005.
%*The region for Arizona and New Mexico is assigned a PFWRIC based on an average since 1995.
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SCALE_PF = STEO benchmark facfor pipeline fuel consumption
n = network (peak and offpeak)
r = region/node

After pipeline fuel consumption is calculatatieach node on the network, the regional/seasonal
value is added to net demandhe respective node. Flows inta@de (FLOWN,a) are then defined
using net demands and a sharing algorithm (described below). The regional pipeline fuel quantity
(net of intraregional pipeline fuel consumptidnis distributed over the péline arcs entering the
region. This is accomplished by sharing thepne¢line fuel quantity oveall of the interregional
pipeline arcs entering the region, based air ttelative levels of natural gas flow:

_ » FLOW,
ARC_PFUELa = (PFUEL, - INTRA_PFUEL.)* —— "5 (35)
where,
ARC_PFUEL, = Pipeline fuel consumption along arc a (into regionr), for network n (Bcf)
PFUEL,, = Pipeline fuel consumption megion r, for network n (Bcf)
INTRA_PFUEL,, = Intraregional pipeline fuel consutigm in region r, for network n (Bcf)
FLOW,. = Interregional pipeline flow alongrc a (into region r), for network n
(Bcf)

TFLOW = Total interregional pipi@e flow [into region r] (Bcf)

n = network (peak and offpeak)

r = region/node

a = arc

Pipeline fuel consumption along an interregionalard within a region on an intrastate pipeline
will have an impact on pipeline tariffs and node prices. This will be discussed later in the Arc, Node,
and Storage Prices subsection.

The flows of natural gas on the interstate pipeline system within each NGTDM region (as opposed to
between two NGTDM regions) are established for the purpose of setting the associated revenue
requirements and tariffs. The charge for moving gas within a region (INTRAREG_TAR), but on the
interstate pipeline system, is taken into account when setting citygate prices, described below. The
algorithm for setting intraregional flows is similar to the method used for setting pipeline fuel
consumption. For each region in the historical years, a factor is calculated reflective of the
relationship between the net nodended and the intraregional flowrhis factor is applied to the

net node demand in each forecast year to approgithatassociated intraregional flow. Pipeline

fuel consumption is excluded from the net nddenand for this calculation, as follows:

Calculation intraregional flow factor in an historical year:

FLO_FAC,,=INTRA_FLO,, / (NODE_DMD., - PFUEL,,) (36)

5Currently, intraregional pipeline fuel consumption (INTRA_PFUEL) is set equal to the regional pipeline fuel consumption level
(PFUEL); therefore, pipeline fuel consumption along an arc (ARC_PFUEL) is set to zero. The original design was to allocate
pipeline fuel according to flow levels on arcs and within a region. It was later determined that assigning all of théuygpkeliae
region would simplify benchmarking the results to the STEO and would not change the later calculation of the price impacts of
pipeline fuel use.
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Forecast of intraregional flow:

INTRA_ FLOy, = FLO_FAC:,* (NODE_DMD, - PFUELx,) (37)
where,
INTRA FLO,, = Intraregional, interstate pipeline flow within region r, for network n
(Bcf)
PFUEL,, = Pipeline fuel consumption imegion r, for network n (Bcf)
NODE_DMD,, = Netdemands (with pipeline fuel region r, for network n (Bcf)
FLO_FAG,, = Historical relationsip between net node demaartt intraregional flow

n = network (peak and offpeak)
r = region/node

Historical annual intraregionaldivs are set for the peak and offpeak periods based on the peak and
offpeak share of net node demand in each regire value of FLO_FAC used in the forecast
represents an average of its value over the fiastorears represented in the model (1990 through
2004).

Sharing Algorithm, Flows, and Capacity Expansion

While moving systematically dawvard from node to node througlethcyclic network, a sharing
algorithm is used to allocate net demands (NODE_[RMBcross all arcs feeding into the node.
These “inflow” arcs carry flow from local supply sources, stoeafnet withdrawals during peak
period only), or other regionsnferregional arcs). If any dhe resulting flows exceed their
corresponding maximum levelsthen the excess flows are reallocated to the unconstrained arcs, and
new shares are calculated accogtin At each node within a network, the sharing algorithm
determines the perceof net demand (SHR ) that is satisfied by each of the arcs entering the
region.

The sharing algorithm dictates that the share (SHFPf demand for one arc into a node is
proportional to the share defingdthe previous model yeaf. This proportion is a multiplicative

value represented as the ratio of the inverse price (defined the previous cycle up the network tree)
along the arc, to the average birverse prices along all arcs ggimto that node. The price term
(ARC_SHRPR ) represents the unit cost associated aitlarc going into a node, and is defined as

the sum of the unit cost at the source node (NODE_SHRRBRU the tariff charge along the arc
(ARC_SHRFEE_). (A description of how these components are developed is presented later.) The
variabley is an assumed parameter that is always positive. This parameter can be used to prevent (or
control) broad shifts in flow patterns from one forecast year to the next. Larger valulesrease

the sensitivity of SHR,: to relative prices; a very large value yofwould result in behavior
equivalent to cost minimizationlhe algorithm is presented below:

*Maximum flows include potential pipeline or storage capacity additions, and maximum production levels.

*"When planned pipeline capacity is added at the beginning of a forecast year, the valug, i€ &éBsted to reflect a 30 percent
usage of the new capacity. This adjustment is based on the assumption that last year's share would have been higher if not
constrained by the existing capacity levels.
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ARC_SHRPR.

SHRhat = *SHRnat 38
R T TS ARC_SHRPR), e 9
b
N
where,
SHR, s SHR.at1 = The fraction of demand represensdohg inflow arc a on network n, in
yeart (or year t-1) [Note: The value for year t-1 has a lower limit set to
0.01]

ARC_SHRPRya orb

The last price calculated for natural gas from inflow arc a (or b) on
network n [i.e., from the previousdg while moving up the network]
(87%/Mcf)

Total number of arcs into a node

Coefficient defining degree of influence of relative prices (represented as
GAMMAFAC, Appendix E)

forecast year

network (peak or offpeak)

arc into a region

region/node

set of arcs into a region

<= Z
I

O =9 5 ~
m oo n

[Note: The resulting shares (SKHE) along arcs going into a node are then normalized to ensure that
they add to one.]

Seasonal flows are generated for each arc ubmgesulting sharemd net node demands, as
follows:

FLOWi2=SHRna¢* NODE_DMD n, (39)
where,
FLOW,. = Interregional flow (into region glong arc a, for network n (Bcf)
SHR,.: = The fraction of demand represensdohg inflow arc a on network n, in
year t
NODE_DMD,, = Netnode demands in regir, for network n (Bcf)
n = network (peak or offpeak)
a = arcintoaregion

r region/node

These flows must not exceed the maximum flow limits (MAXELDdefined for each arc on each
network. The algorithm used to define maximtiows may differ dependg on the type of arc
(storage, pipeline, supply, Canadian import)l ¢he network being referenced. For example,
maximum flows for allpeak network arcs are a function dfie maximum permissible annual
capacity levels (MAXPCAFK a) and peak utilization factors. However, maximpipeline flows

along theoffpeak network arcs are a function of thermal capacity defined by peak flows and
offpeak utilization factors. Thus, maximum flows along the offpeak network depend on whether or
not capacity was added during the ppakiod. Also, maximum flows fromsupply sources in the
offpeak network are limited by maximum annual capacity levels and offpeak utilization. (Note:
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storage arcs do not enter nodes on the offpeak netwtbekefore, maximum flows are not defined
there.) The following equations define maxmmtiow limits and maximm annual capacity limits:

Maximum peak flows (note: for storage arcs, PKSHR_YR=1):
MAXFLO k2 = MAXPCAPe . * (PKSHR_YR* PKUTZ.) (40)
such that MAXPCAPg 4
for Supply>®:

MAXPCAPp . = ZOGRESNG * ZOGPRRNG * MAXPRRFAC*

(1- (PCTLP *SCALE_LP)) (41)
for Pipeline:
MAXPCAPek = PTMAXPCAP, | (42)
for Storage:
MAXPCAPpi 2= PTMAXPSTRy (43)
for Canadian imports
MAXPCAR,, .= CURPCAR; (44)
Maximum offpeak pipeline flows:
MAXFLO opa = MAXPCAPor,* ((1- PKSHR_YR)* OPUTZ) (45)
such that MAXPCAPop 5 iS
either current capacity
MAXPCAPora = CURPCAR; (46)

or current capacity plus capacity additions,

MAXPCAP ., = CURPCAP,, + ((1+ XBLD) *
FLOW 47
( Pr.a — CURPCAP,))) (“47)
PKSHR_YR * PKUTZ , '

%8n historical years, historical production values are usedsicepdf the pduct of ZOGRESNG and ZOGPRRNG.
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or, for pipeline arc entering region 10, peak maximum capacity,

MAXPCAPopa = MAXPCAP-k,a

(48)

Maximum offpeak flows from supply sources:,

MAXFLO opa = MAXPCAPk2* ((1- PKSHR_YR)* OPUTZ.)

where,
MAXFLOp o
MAXPCAP;, 5
CURPCAR
ZOGRESNG
ZOGPRRNG

MAXPRRFAC
PCTLR

SCALE_LR

PTMAXPCAR;

PTMAXPSTR;
FLOWpk o
PKSHR_YR
PKUTZ,

OPUTZ,

XBLD
a

t

n

PK, OP
S,st

L]

(49)

Maximum flow on arc a, in network n [PK-peak or OP-offpeak] (Bcf)
Maximum annual physical capacity along arc a for network n (Bcf)
Current annual physical capacity along arc a in year t (Bcf)

Natural gas reserve levels foipply source s [defined by OGSM] (Bcf)
Expected natural gas productiorreserves ratio for supply source s
[defined by OGSM] (fraction)

Factor to set maximum production-to-reserves ratio MAXPRRCAN for
Canada] (Appendix E)

Average (1991-2004, except Florida 1994-2004) fraction of production
consumed as lease and plant fuel in forecast year t

Scale factor for STEO year percent lease and plant consumption for
forecast year t to force regional lease and plant consumption forecast to
total to STEO forecast.

Maximum pipeline capacity alorgyc defined by source node i and
destination node | [defined by PTS] (Bcf)

Maximum storage capacity for storage source st [defined by PTS] (Bcf)
Flow along arc a for the peak network (Bcf)

Fraction of the year represented by peak season

Pipeline utilization along arc a for the peak season (Appendix E,
fraction)

Pipeline utilization along arc a for the offpeak season (Appendix E,
fraction)

Percent increase over capadityilds to account for weather (=5%)

arc

forecast year

network (peak or offpeak)

peak and offpeak network, respectively

supply or storage source

regional source (i) andestination (j) link on arc a

If the model has been restricted from building capacity through a specified forecast year (Appendix
E, NOBLDYR ), then the maximum pipeline and storage flow for either network will be based only
on current capacity and utilization for that year.

If the flows defined by the sharing algorithimoae exceed these maximum levels, then the excess

flow is reallocated along adjacent arcs that have excess capacity. This is achieved by determining

the flow distribution of the qualifying adjacent arcs, and distributing the excess flow according to
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this distribution. These aafjent arcs are checked again éxcess flow and, if found, the
reallocation process is performed again on allartsspace remaining. Thapplies to supply and
pipeline arcs on all networks, as well as storage withdrawal arcs on the peak network. To handle the
event where insufficient space or supply is addeon all inflowing arcs to meet demand, a
backstop supply (BKSTQR) is available at an incremental price (RBKSTOP_PADJhe intent

is to dissuade use of the particular route, or to potentially lower demands. Backstop pricing will be
defined in another section below.

With the exception of import and export aréshe resulting interregional flows defined by the
sharing algorithm for the peak network are used to determpieifne capacity expansion should
occur. Similarly, the resulting storage withdrawal quantities in the peak season deftoeetiee
capacity expansion levels. Thus, initially capacity expansion is represented by the difference
between new capacity levels (ACTPCARNd current capacity (CURPCARprevious model year
capacity plus planned additions). In the module, these initial new capacity levels are defined as
follows:

Sorage:
FLOW ka
ACTPCAP, = ———=2 (50)
PKUTZa
Pipeline:
ACTPCAP.= MAXPCAPopa (51)

Pipeline arc entering region 10:

FLOWek.a

), = MAX between
ACTPCAP PKSHR_YR* PKUTZ.

(52)
and FLOWora
(1- PKSHR_YR)* OPUTZ
where,
ACTPCAR, = Annual physical capacity along an arc a (Bcf)
MAXPCAPop, = Maximum annual physical capacity alguigeline arc a for network n

[see equation above] (Bcf)

FLOW,. = Flow along arc a on network n (Bcf)

PKUTZ, = Maximum peak utilization of capidéigalong arc a (fraction -- Appendix
E)

OPUTZ, = Maximum offpeak utilization of capacity along arc a (fraction --
Appendix E)

9Capacity expansion on Canadian import arcs are set before the ITS solves in a given forecast year, based in part erirthe increas
U.S. consumption, as described in Chapter 2.
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PKSHR_YR = Fraction of the year represented by the peak season
a = pipeline and storage arc
n = network (peak or offpeak)
PK = peak season
OP = offpeak season

A second check and potential adjustment are matthese capacity levels to insure that capacity is
sufficient to handle estimated flow in the peak month of each p&riSihce capacity is defined as
sustained capacity, it is assumed that the peakth flows should be in accordance with the
maximum capacity requirements of the systehgrtsof line packing, propane injections, and
planning for the potential ofo@ve average temperature moriths?eak month consumption and
supply levels are set at an as®a fraction of the correspondingrjoel levels. Based on historical
relationships, an initiaguess is made at the fraction edch period’s net storage withdrawals
removed during the peak month. With this infatran, peak month flows are set at the same time
flows are set for each period, while coming down the network tree, and following a similar process.
At each node a net monthly demandes$ equal to the sum of the monthly flows going out of the
node, plus the monthly consumption at the nadenus the monthly supply and net storage
withdrawals. The period shares are then used to set initial monthly flows, as follows:

MTHFLW s = MTH_ NETNOD;, * et (53)
D SHRuc
where,
MTHFLW,, = Monthly flow alongpipeline arc a (Bcf)
MTH_NETNOD,, = Monthly net demand at node r (Bcf)
SHR,,: = Fraction of demand represented along inflow arc a
c = setofarcsinto aregion representing pipeline arcs
n = network (peak or offpeak)
a = arcinto aregion
r = region/node
t = forecast year

These monthly flows are then compared agaimsbathly capacity estimate for each pipeline arc

and reallocated to the other avhlarcs if capacity is exceededingsa method similar to what is

done when flows for a period exceed maximum cigypad hese adjusted monthly flows are used

later in defining the net node demand for nodes lower in the network tree. Monthly capacity is
estimated by starting with the previously set ACTPCAP for the pipeline arc divided by the number of
months in the year, to arrive at an initial monthly capacity estimate (MTH_CAP). This number is
increased if the total of the monthly capacity entering a node exceeds the monthly net node demand,
as follows:

currently this is only done in the model for the peak period of the year.
®1To represent that the pipeline system is built to accommodagimption levels outside the normal range due to colder than
normal temperatures, the net monthly demand levels are increased by 30 percent (XBLD).
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INIT_ CAPADD: 2

MTH_ CAPADD,.=MTH_TCAPADD,*
> INIT_ CAPADD: .

(54)

where,

MTH_CAPADD,, = Additional added monthly capac to accommodate monthly flow
estimates (Bcf)

Total initial monthly capacity enieg a node minus monthly net node
demand (Bcf), if value is negative then it is set to zero

MTHFLWa - MTH_CAPa, if value is negative then itis set to zero (Bcf)

MTH_TCAPADD,

INIT_CAPADD;,,

n = network (peak or offpeak)
a = arcintoaregion
c = setofarcsinto aregion representing pipeline arcs

The additional added monthly capacity is multiplied by the number of months in the year and added
to the originally estimated pipeline capacity levels for each arc (ACTPCAP). Finally, if the net node
demand is not close to zero at the lowesde on the network tree (node number 24 in western
Canada), then monthly storageeés are adjusted proportionallyroughout the network to balance

the system for the next time quantities are brought down the network tree.

Wellhead Prices

Ultimately, all of the network-specific consumtilevels are transferred down the network trees

and into supply nodes, where corresponding sumitgs are calculatedhe Oil and Gas Supply

Module (OGSM) provides only annual price/qtignsupply curve parameters for each supply
subregion. Because this alone will not provédeellhead price differeral between seasons, a
special methodology has been developed to approximate seasonal prices that are consistent with the
annual supply curve. First, in effect the quanéikys of the annualupply curve is scaled to
correspond to seasonal volumes (based on the period’s share of the year); and the resulting curves are
used to approximate seasonal prices. (Operationally within the model this is done by converting
seasonal production values to aahequivalents and applyingebe volumes to the annual supply

curve to arrive at seasonal prices.) Finally, the resulting seasonal prices are scaled to ensure that the
guantity-weighted average annual wellhead pempeaals the price obtained from the annual supply
curve when evaluated using total annual produactido obtain seasonal wellhead prices, the
following methodology is used. Taking one supp@gion at a time, equalent annual production

levels (ANNSUP) are determined for easdasonal model result, as follows:

Peak:

NODE_QSUR,,
PKSHR_YR

ANNSUP=

(55)
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Offpeak:

NODE_QSUP,,.
(1- PKSHR_YR)

ANNSUP=

(56)

where,
ANNSUP
NODE_QSUR;

Equivalent anm@l production level (Bcf)

Seasonal (n=PK-peak or OP-offpeak) production level for supply region
s (Bcf)

PKSHR_YR = Fraction of year represented by peak season
PK = peak season
OP = offpeak season
s = supplyregion

Next, estimated seasonal prices (SP$S)Udte obtained using thesquivalent annual production

levels and the annual supply curve function. These initial seasonal prices are then averaged, using
guantity weights, to generate an equivalaverage annual supply price (SPAVJ5 An actual

annual price (PSUR is also generated, by evaluating firice on the annual supply function for a
guantity equal to the sum of the seasonal production levelsav@tage annual supply price is then
compared to thactual price. The corresponding ratio (FSF) is used to adjust the estimated seasonal
prices to generate finakasonal supply prices (NODE_PSWUpPfor a region.

For a supply sources,

FSE= PSUR (57)
SPAVG
and,
NODE_PSUR,s=SPSUR* FSF (58)
where,
FSF = Scaling factor for seasonal prices
PSUR = Annual supply price from the annual supply curve for supply region s
(87%/Mcf)
SPAVG = Quantity-weighted average annual supply price using peak and offpeak
prices and production levels for supply region s (87$/Mcf)
NODE_PSURs = Adjusted seasonal supplyiges for supply region s (87$/Mcf)
SPSUR = Estimated seasonal supply pri¢&s supply region s] (87$/Mcf)
n = network (peak or offpeak)
s = supply source

During the STEO years (2005 f&EO2006), national average wellhead prices (lower 48 only)
generated by the model are compared to the national STEO wellhead price forecast to generate a
benchmark factor (SCALE_WRR This factor is used to adjuthe regional (annual and seasonal)
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lower 48 wellhead prices to equal STEO results. This benchmark factor is only applied during the
STEO years. The benchmark factor is applied as follows:

Annual:
PSUR=PSUR* SCALE_WPR: (59)
Seasonal:
NODE_PSUR,s= NODE_PSUR,.* SCALE_WPR; (60)
where,
PSUR = Annual supply price from the andwsapply curve for supply region s
(87%/Mcf)
NODE_PSURs = Adjusted seasonal supplyqes for supply region s (87%/Mcf)
SCALE_WPR = STEO benchmark factor for wellhead price in year t
n = network (peak or offpeak)
s = supply source

t forecast year

A similar adjustment is made for the Canadian supply price, with an additional multiplicative factor
applied (SCALE_CAN, for AEO2006 set to 0.872005 and to 1.0 in 2006) which is set to align
Canadian import levels with STEO results.

Arc Fees (Tariffs)

Fees (or tariffs) along arcs are used in conjunatidimsupply, stoage, and node prices to determine
competing arc prices that, in turn, are usedetiermine network flowdransshipment node prices,

and delivered prices. Arc fees exist in the form of pipeline tariffs, storage fees, and gathering
charges. Pipeline tariffs are transportation rates along interregional arcs, and reflect the average rate
charged over all of the pipelines represented along an arc. Storage fees represent the charges applied
for storing, injecting, and withdrawing natural gas that is injected in the offpeak period for use in the
peak period, and are applied along arcs connecting the storage sites to the peak network. Gathering
charges are applied to the arcs going ftbexsupply points to the transshipment nodes.

Pipeline and storage tariffs corts$ both a fixed (volume indepenagterm and a variable (volume
dependent) term. For pipeling® fixed term (ARC_FIXTAR,) is setin the PTS at the beginning

of each forecast year to represent pipeline ulsageand does not vary in response to changes in
flow in the current year. Foratge, the fixed term establisteeminimum and is set to $0.001 per

Mcf. The variable term is obtained from tag#pacity curves provided wo PTS functions and
represents reservation fees for pipelines and all charges for storage. These two functions are
NGPIPE_VARTAR and XINGSTR_VARTAR. When detening network flowsa different set of

tariffs (ARC_SHRFEE,) are used than are used when setting delivered prices (ARC_ENBFEE
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In the peak period ARC_SHRFEE equals ARC_EIRBFRnNd the total tariff (reservation plus usage
fee). In the offpeak period, ARC_ENDFEE represents the total tariff as well, but ARC_SHRFEE
represents the fee that drives the flow decision. In previous AEOs this was set to just the usage fee.
The assumption behind this structure was that delivered prices will ultimately reflect reservation
charges; but that during the offpeak periodparticular, decisions regarding the purchase and
transport of gas are made largelglependently of where pipeline is reserved and the associated fees.
For AEO2006 the ARC_SHRFEE was set similarly to ARC_ENDFEE because the usage fees
seemed to be underestimating offpeak markeepri (This decision wilbe reexamined in the
future.) During the peak period, the gas isrenlikely to flow alongroutes where pipeline is
reserved:; and therefore the flow decision is more greatly influenced by the relative reservatfon fees.
The following arc tariff equations apply:

Pipeline:

ARC_ENDFEE, . =ARC_FIXTAR na: + NGPIPE_VARTAR(N,a,i, j, FLOW,4)

(61)
ARC_SHRFEE 2 =ARC_FIXTAR 1 + NGPIPE_VARTAR(n,a,i, j, FLOWa)
Sorage:
ARC_SHRFEE . =ARC_FIXTAR nat + XINGSTR_VARTAR(St,FLOW,4)
(62)
ARC_ENDFEE,. =ARC_FIXTAR na; + XINGSTR_VARTAR(st,FLOW,)
where,
ARC_SHRFEE, = Total arc fees along arc a for network n [used with sharing
algorithm] (87$/Mcf)
ARC_ENDFEE, = Total arc fees along arc a for network n [used with delivered
pricing] (87%/Mcf)
ARC_FIXTARpat = Fixed (or usage) fees along an arc a for a network n in time t
(87%/Mcf)
NGPIPE_VARTAR = PTS function to definepaline tariffs representing reservation
fees

XINGSTR_VARTAR PTS furton to define storage fees

FLOW,. = Flow of natural gas on the arc in the given period
n = network (peak or offpeak)
a = arc
L = regional source (i) andestination (j) link on arc a
st = storage source ID

®2Reservation fees are frequently considered “sunk” costs and are not expected to influence short-term purchasing decisions as
much, but still must ultimately be paid by the end-user. Therefithin the ITS, the arc pricessed in determining flows néhave
tariff components defined differently than their counterparts (arc and node prices) ultimately used to establish delesered pric
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A methodology for defining gathering charges hasbeen developed botay be developed in a
separate effort at a later d&teln order to accommodate this, #eply arc indiced the variable
ARC_FIXTAR, s have been reserved for thisarmation (currently set to 0).

Arc, Node, and Storage Prices

Prices at the transshipment nodesnode prices) represent interriegd prices that are used to
determine regional delivered priceBlode prices (along with tardf are also used to help make
model decisions, primarily within the flow-shariaggorithm. In both cases it is not required (as
described above) to setldered or arc prices using the sapreee components or methods as used
to define prices needed to establish flows along the networks (e.g., in setting ARC_SHRR&
share equation). Thus,ocess-specific node prices (NODE_ENDRRand NODE_SHRPR) are
generated usingrocess-specific arc prices (ARC_ENDPR and ARC_SHRPR,) which, in turn,
are generated usimgocess-specific arc fees/tariffs (ARC_ENDFEE and ARC_SHRFEE,).

The following equations defineg¢hmethodology used to calculate @arices. Arc gces are first
defined as the average node pricthatsource node plus the arc fepébne tariff, storage fee, or
gathering charge). Next, the arc prices alonglipiparcs are adjusted swcount for the cost of
pipeline fuel consumption. Ese equations are as follows:

ARC_SHRPR,.= NODE_SHRPR, s+ ARC_SHRFEE:,

(63)
ARC_ENDPR, .= NODE_ENDPR, s+ ARC_ENDFEE,.
with adjustment:
ARC_SHRPR.»* FLOW,
ARC_SHRPRx = ( — . )
(FLOW,2- ARC_PFUEL, )
(64)
ARC_ENDPR.:* FLOW,
ARC_ENDPR..= ( — R, 2
(FLOW 2~ ARC_PFUEL, )
where,
ARC_SHRPR, = Price calculated for natural gasmd inflow arc a for network n [used
with sharing algorithm] (87$/Mcf)
ARC_ENDPR. = Price calculated for natural gasmd inflow arc a for network n [used
with delivered pricing] (87%$/Mcf)
NODE_SHRPR; = Node price for region i on netwon [used with sharing algorithm]
(87%/Mcf)
NODE_ENDPR,; = Node price for region i on netwon [used with delivered pricing]
(87%/Mcf

®3n a previous version of the NGTDM, “gathering” charges were used to benchmark the regional wellhead prices to historical
values. Itis possible that they may be used (at least intpéutfill the same purpose ingHTS. In the past an effaas made, with
little success, to derive representative gathering chargesenily, the gathering charge portion of the tariff along thpbuarcs is
assumed to be zero.
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ARC_SHRFEE, = Tariff along inflow arc a for netark n [used with sharing algorithm]

(87%/Mcf)
ARC_ENDFEE, = Tariff along inflow arc a for netark n [used with delivered pricing]
(87%/Mcf)
ARC_PFUEL, = Pipeline fuel consumptionag arc a, for network n (Bcf)
FLOW,. = Network n flow along arc a (Bcf)

n = network (peak or offpeak)

a = arc

rs = region corresponding to source link on arc a

Although each type of node price ynae calculated differently (e,gaverage prices for delivered
price calculation, marginal prices for flow sharing calculation, or some combination of these for
each), the current model uses the quantity-weightedaging approach to establish node prices for
both the delivered pricing and flostharing algorithm pricing. Alrcs entering a node are included

in the average. Node prices thae adjusted to account for intraregional pipeline fuel consumption.

The following equations apply:

NODE_SHRPR, 2=

_ 5. (ARC_SHRPR.* FLOW,,)

32 FLOWha
(65)
>a(ARC_ENDPR,.* FLOW,
NODE_ENDPR,, = ( &l 2
>aFLOWh 4
and,
NODE_SHRPR,;«* NODE_DMD,
NODE_SHRPR 4= — oD e=SHRPRue 2
(NODE_DMDyq- INTRA_ PFUELG )
(66)
NODE «* NODE nr
NODE_ENDPR,= ( _ENDPRi _DMD0)
(NODE_DMDnq- INTRA_ PFUEL: )
where,
NODE_SHRPR, = Node price for region r on networfused with flow sharing algorithm]
(87%/Mcf)
NODE_ENDPR; = Node price for region r on netwon [used with delivered pricing]
(87%/Mcf)
ARC_SHRPR, = Price calculated for natural gasmdj inflow arc a for network n [used
with flow sharing algorithm] (87%/Mcf)
ARC_ENDPR. = Price calculated for natural gasmd inflow arc a for network n [used
with delivered pricing] (87%$/Mcf)
FLOW,a = Network n flow along arc a (Bcf)
INTRA_PFUEL,, = Intraregional pipeline fuel consutign in region r, for network n (Bcf)
NODE_DMD,, = Netnode demands (w/ pipeline fuigl region r, for network n (Bcf)
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n = network (peak or offpeak)
a = arc
rd = region r destination link along arc a

Once node prices are establishedlferoffpeak network, the cost of the gas injected into storage can
be defined. Thus, for every region where storageaslable, the storage nogace is set equal to

the offpeak regional node price. This appliestdoth the delivered pricing and the flow sharing
algorithm pricing:

NODE_SHRPR«; = NODE_SHRPRy,
(67)
NODE_ENDPR-«; = NODE_ENDPRo,
where,

NODE_SHRPR;
NODE_SHRPRs,

Price at node i [used withoflv sharing algorithm] (87%/Mcf)

Price at node r in offpeak netwdtksed with flow sharing algorithm]
(87%/Mcf)

Price at node i [used witkelivered pricing] (87%$/Mcf)

Price at node r in offpeak neivk [used with delivered pricing]
(87%/Mcf)

peak and offpeak network, respectively

node ID for storage

region ID where storage exists

NODE_ENDPR;
NODE_ENDPRyp

PK, OP
[
r

Backstop Price Adjustment

Backstop suppR/ is activated when seasonal net demand within a region exceeds total available
supply for that region. Wherbackstop occurs, the correspondisgare node price
(NODE_SHRPR),) is adjusted upward in an effort taltee the demand for gas from this source. If

this initial price adjustment (BKSTOP_PAR] is not sufficient to eliminate backstop, on the next
cycle down the network tree, additional adjustment (RBKSTOP_PA[R) is added to the original
adjustment, creating a cumulative price adjustment. This process continues until the backstop
quantity is reduced to zero, or until the maximum number of ITS cycles has been completed. If
backstop is eliminated, then the cumulative pricesidjent level is maintained, as long as backstop
does not resurface, and until ITS convergence is aethieMaintaining a backstop adjustment is
necessary because complete removal of this high-price signal would cause demand for this source to
increase again, and backstop wbuéturn. However, if theaed for backstop supply recurs
following a cycle which did not need backstoppgly, then the price agstment (BKSTOP_PARL,)

factor is reduced by one-half and added tocin@ulative adjustment variable, with the process
continuing as describembove. The objective is to elimieathe need for backstop supply while
keeping the associated priceaaminimum. The equationsrfadjusting the node price are:

®4Backstop supply can be thought of as a high-priced alternaiiyyswhen no other options are available. Within the motel, i
also plays an operational role in sending egsignal when equilibrating the network thatiddal supplies are unavailable along a
particular path in the network.
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NODE_SHRPR,, = NODE_SHRPR,, + RBKSTOP_PADJ,, (68)
RBKSTOP_PADJ,, = RBKSTOP_PADJ,, + BKSTOP_PADJ,, (69)

where,
NODE_SHRPR;, Node price for region r on networfused with flow sharing algorithm]

(87%/Mcf)

Cumulative price adjustmedue to backstop (87%$/Mcf)

Incremental backstopipe adjustment (87%/Mcf)

network (peak or offpeak)

region

RBKSTOP_PADJ;,
BKSTOP_PAD{;,
n

r

Currently, this cumulative backstop adjustment (RBKSTOP_RABImaintained for each NEMS
iteration, and set to zero only on the first NEMS iteration of each model year. Also, itis not used to
adjust the NODE_ENDPR because it is an adjustment for making flow allocation decisions, not for
pricing gas for the end-user.

ITS Convergence

The ITS is considered to have converged wherregional/seasonal wellhead prices are within a
defined percentage tolerance (PSUP_DELTA) of the prices set during the last ITS cycle and, for
those supply regions with relagily small production levels (QSUP_SMALL), production is within a
defined tolerance (QSUP_DELTA) tfe production set during the last ITS cycle. If convergence
does not occur, then a new wellhead price is detedrbased on a user-specified weighting of the
seasonal production levalstermined during the current cyeled during the previous cycle down

the network. The equations usedl&dine the new prodtion levels are:

NODE_QSUP,, = (QSUP_WT NODE_QSUPR,) +

((1-QSUP_WT) NODE_QSUPPREY,) (70)

where,
NODE_QSURs

Production level at supply sourgen network n for current ITS
cycle (Bcf)

Production level at supply s@mars on network n for previous
ITS cycle (Bcf)

NODE_QSUPPREY:

QSUP_WT = Weighting applied to qmuction level for current ITS cycle
(Appendix E)
n = network (peak or offpeak)
S = supply source

Seasonal prices (NODE_PSUP) for these quantities are then determined using the same
methodology defined above fobtaining wellhead prices.
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End-Use Sector Prices

The NGTDM provides regional end-use or deliveprites for the Electricity Market Module
(electric generation sem)) and the other NEMS demand modulesnelectric sectors). For the
nonelectric sectors (residential, commial, industrial, andransportation), prices are established at

the NGTDM region and then averaged (when necessary) using quantity-weights to obtain prices at
the Census Division level. Ftre electric generation sector,qas are provided on a seasonal basis

and are determined for core and noncore senatéwo different regiondevels: the Census
Division level and the NGTDKMEMM level (Chapter 2Figure 2-3).

The first step toward generating these deliverezkpris to translate reapal, seasonal node prices
into corresponding citygate prices (CGRR To accomplish this, seasonal intraregional and
intrastate tariffs are added ¢orresponding regional end-use npdiees (NODE_ENDPR). This
sum is then adjusted using a citygate benchmark factor (CGBEN@MHich represents the average
difference between historical citygate prices aratlel results during the historical years of the
model. These equations are defined below:

CGPR,, = NODE_ENDPR,, + INTRAREG_TAR, +

(71)
INTRAST_TAR; + CGBENCH,,
such that:
CGBENCH,, =avg(HCG_BENCH, isyr) = aV4(HCGPR: isvr - CGPR:) (72)
where,
CGPR, Citygate price in region r on network n in each HISYR (87%/Mcf)

NODE_ENDPR;
INTRAREG_TAR,

Node price for region r on network n (87%$/Mcf)
Intraregional tariff for region r on network n (87$/Mcf)

INTRAST _TAR Intrastate tariff in region r (87%$/Mcf)
CGBENCH,, Citygate benchmark factésr region r on network n (87$/Mcf)
HCGPR\ enisYR Historical citygate price in regm r on network n in historical year
EHISYR (87%/Mcf)
n = network (peak and offpeak)
r = region (lower 48 only)
HISYR = historical year, ovexrhich average is taken (1998-2000)
avg = straight average of indicated value over all historical years of the model.

The intraregional tariffs are the sum of a usage fee (INTRAREG_FIXTAR), provided by the Pipeline
Tariff Submodule, and a resenatifee that is set using thesafunction NGPIPE_VARTAR that

is used in setting interregional tariffs and was described previously. The benchmark factor represents
an adjustment to calibrate citygate prices to historical values.
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Seasonal distributor tariffs are then added to the citygate prices to get seasonal, sectoral delivered
prices by the NGTDM regionsfmonelectric sectors and byetNGTDM/EMM subregions for the

electric generation sector. The prices for redidercommercial, and electric generation sectors
(core and noncore) are then adjustedhgiSSTEO benchmark factors (SCALE_FRRR,
SCALE_IPRe)®*to calibrate the results to equal theresponding national STEO delivered prices.

Each seasonal sector price is tremeraged to get an annualcteeal delivered price for each
representative region. Tl@lowing equations apply.

Nonelectric Sectors (except core transportation):

NGPR_SF.scc; = CGPR,; + DTAR_SF,see; + SCALE_FPReect

(73)
NGPR_Sl, s = CGPR,, + DTAR_ Sl cec; + SCALE_[PReecy
NGPRJ:secr = NGPR_SFPK,secr* PKSHR_DMDsecr +
NGPR_SFopsee * (1.- PKSHR_DMDsec)
(74)

NGPR_|sec; = NGPR_Slp sec; ¥ PKSHR_DMD seer +
NGPR_Slopsec; * (1.- PKSHR_DMDsec; )

CGPR,,
DTAR_SHsec,s

Citygate price in region r on network n (87%/Mcf)

Seasonal (n) distributtatriff to core nonelectrisector (sec) in region r

(87%/Mcf)

Seasonal (n) distribort tariff to noncore nonetéric sector (sec) in

region r (87%/Mcf)

PKSHR_DMD.., = Average (1990-2004 for residettiaad commercial, and 1997-2004 for
industrial) fraction of anual consumption for nonelectric sector in peak
season for region r

SCALE_FPRegct = STEO benchmark factor for eodelivered prices for sector
sec, in year t (87%/Mcf)

where,
NGPR_SEscr = Seasonal (n) core ndaetric sector (sec) fme in region r (87%$/Mcf)
NGPR_Slscr = Seasonal (n) noncore nonelectric setec) price in region r (87%/Mcf)
NGPR_Ekecr = Annual core nonelectric sect@ec) price in region r (87%$/Mcf)
NGPR L. = Annual noncore nonelectric sec{eec) price in region r (87%$/Mcf)

DTAR_Shsec,r

SCALE_IPRect = STEO benchmark factor for noncordidered prices for sector sec, in
year t (87%/Mcf)
n = network (peak or offpeak)
sec = nonelectric sector

region (lower 48 only)

®The STEO scale factors are linearly phased out over a user-specified number of years (STPHAS_YR) after the last STEO year.
STEO benchmarking is not done for the industrial prieeabse of differences in the definition of the price in the STEO versus the
price in the AEO, nor for the transportation sector since the STEO does not include a comparable value.

Energy Information Administration
4-28 NEMS Natural Gas Transmission and Distribution Module Documentation 2006



Electric Generation Sector:

NGUPR_SF, ;= CGPR,, + UDTAR_SF,; + SCALE_FPRec

(75)
NGUPR_SI,;= CGPR,, + UDTAR_SI,; + SCALE_IPRgcc
NGUPR_F; = NGUPR_SF;* PKSHR_UDMD; +
NGUPR_SFop;* (1.- PKSHR_UDMD))
(76)

NGUPR_J;= NGUPR_S|u;* PKSHR_UDMD; +
NGUPR_S|op;* (1.- PKSHR_UDMD))

where,

NGUPR_SE;
NGUPR_SI;
NGUPR_F
NGUPR_}
CGPR,,
UDTAR_SH,;
UDTAR_Sk;

PKSHR_UDMD

SCALE_FPRec;
SCALE_IPRecy

n
sec
r

]

Seasonal (n) core utility sector price in region j (87%/Mcf)

Seasonal (n) noncore utility sector price in region j (87$/Mcf)

Annual core utility sector price in region j (87%$/Mcf)

Annual noncore utility sector price in region j (87%$/Mcf)

Citygate price in region r on network n (87%$/Mcf)

Seasonal (n) distributor tariff toreoutility sector in region j (87%$/Mcf)
Seasonal (n) distributor tariff to noncore utility sector in region |
(87%/Mcf)

Average (1994-2004, except for New England 1997-2004) fraction of
annual consumption for the electric geater sector in peak season, for

region |

STEO benchmark factor for core delivered prices for sector sec, in year t
(87%/Mcf)

STEO benchmark factor for noncordidered prices for sector sec, in
year t (87$/Mcf)

network (peak or offpeak)

utility sector (electric generation only)
region (lower 48 only)

NGTDM/EMM subregion

For AEO2006, the natural gas price that was finally senthe ElectricityMarket Module for both

core and noncore customers was the quantity-weighted average of the core and noncore prices
derived from the above equations. This was done to alleviate some difficulties within the Electricity
Market Module as selecins were being made between différgypes of natial gas generation

equipment.
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Core Transportation Sector:

A somewhat different methodologyised to determine natural gadivkred prices for the core (F)
transportation sector. The core transportation seotwsists of a personathicles component and a
fleet vehicles component. Likeglother nonelectrisectors, seasonal distributor tariffs are added to
the regional citygate prices to determine seast®akered prices for both components. Annual core
prices are then established for each componentegion by averaging the corresponding seasonal
prices, as follows:

NGPR_TRPV_SF,, =CGPR,, + DTAR_TRPV_SF,, + SCALE_FPR

(77)
NGPR_TRFV_SF,, =CGPR,, + DTAR_TRFV_SF,, + SCALE_FPR
NGPR_TRPV_F, = NGPR_TRPV Sy, * PKSHR_DMD e +
NGPR_TRPV Sk, * (1.- PKSHR_DMD e )
(78)
NGPR_TRFV_F, = NGPR_TRFV_SFx, * PKSHR_DMDseo +
NGPR_TRFV_Skyp, * (1.- PKSHR_DMD e )
where,
NGPR_TRPV_SE = Seasonal (n) price of natural gasdiby personal vehicles (core) in
region r (87$/Mcf)
NGPR_TRFV_Sk: = Seasonal (n) price of natural gased by fleet vehicles (core) in
region r (87$/Mcf)
DTAR_TRPV_SE, = Seasonal (n) distributor tariffo core transportation (personal

vehicles) sector inegion r (87%$/Mcf)
Seasonal (n) distributor tariff tire transportation (fleet vehicles)
sector in region r (87%/Mcf)

DTAR_TRFV_SF,

CGPR, = Citygate price in region r on network n (87$/Mcf)
NGPR_TRPV_F = Annual price of natural gas usedg®rsonal vehicles (core) in region
r (87$/Mcf)
NGPR_TRFV_F = Annual price of natural gas usedfilget vehicles (are) in region r
(87%/Mcf)
PKSHR_DMD.., = Fraction of annual consumptiorr the transportation sector (sec=4)

in the peak season for region r (set to PKSHR_YR)
STEO benchmark factor for core delivered prices for sector sec, in
year t (set to O for traportation sector), (87%$/Mcf)
network (peak or offpeak)
transportation sector =4
region (lower 48 only)

SCALE_FPRec;

n
sec
r

Before the personal vehicle anédt vehicle componentan be averaged to determine a single
annual price for the core transportation sectoradutitional step in the process is applied to the
personal vehicles component. The annual deliveied getermined above is compared to the price
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of commercial motor gasoline (undge converted into $/Mcf equivalts). If the personal vehicles

price for natural gas is greater (TRPV_DIFF > 0) ttiengasoline price, then the natural gas price is
discounted to be competitive with the commercial motor gasoline price, but not more than a
predefined discount level (TRPV_ADJ).

TRPV_DIFF=(NGPR_TRPV F, + JINGTR,* CFNGN)-

79
[(PMGCMc; + IMGCM,) * CFNGN (79)
TRPV_ADJ= RETAIL_COST * RETAIL_PCT (80)

NGPR_TRPV _F, = NGPR_TRPV _F, - minimumof (TRPV_DIFF,TRPV_ADJ) (81)
where,

NGPR_TRPV_F = Price of natural gas used forrgenal vehicles (core) in region r
(87%/Mcf)
TRPV_DIFF = Difference between price miotor gasoline and natural gas used for
personal vehicles (87$/Mcf)
PMGCM.: = Price of motor gasoline in Census division ¢, in model year t
(87$/MMBTU)
JNGTR = NEMS price adjustment for natural gas in transportation sector in model

year t (87$/MMBTU)

JMGCM = NEMS price adjustment for motor gasoline in model year t
(87$/MMBTU)
CFNGN = Natural gas conversion fa@@MBTU / Mcf
TRPV_ADJ = Maximum discount allowl€or personal vehicles (87$/Mcf)
[RETAIL_COST * RETAIL_PCT]
RETAIL_COST = Retail cst (87%/Mcf) (Appendix E)
RETAIL_PCT = Fraction of retail cost define discount (set to 0.2)

r = region (lower 48 only)

t = forecastyear

c = Census division

Once the personal vehiclpdce for natural gas is establishéie two core component prices are
averaged (using quantity weights) to prodanennual core price for each region (NGPR:F).
Seasonal core prices are also determined by quantity-weighted averaging of the two seasonal
components (NGPR_$§Ec=4).

Regional delivered prices can be used withinTigecycle to approximate a demand response. The
submodule can then be resolved with adjustatsemption levels in an effort to speed NEMS
convergence. Finally, once the ITS has converged, regional prices are averaged using quantity
weights into Census Division prices asght to the corresponding NEMS modules.

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 4-31



I mport Prices

The price associated with Canadian imports at each of the module’s border crossing points is
established during the ITS convergence proceash Bf these border-crossing points is represented

by a node in the network. The import price fongegiseason and border crossing is therefore equal

to the price at the associated node. For regppurposes, these nodeqas are averaged using
guantity weights to derive an average annual Canadian import price. The prices for imports at the
three Mexican border crossings are set to the average wellhead price in the nearest NGTDM region
plus a markup (or markdown) thiatbased on the difference beswn similar import and wellhead
prices historically. The structure for setting LNG import prices is similar to setting Mexican import
prices, although regional citygate prices are used instead of wellhead prices. For the facilities for
which historical prices are not available (i.e., generic new facilities), an assumption was made
(LNGDIFF, Appendix E).
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5. Distributor Tariff Submodule Solution M ethodology

This chapter discusses the solution methodologth®Distributor TariffSubmodule (DTS) of the
Natural Gas Transmission and Distributiorodile (NGTDM). Within each region, the DTS
develops seasonal, market-spedfgtributor tariffs (or citygate tend-use markups) that are applied
to seasonal citygate prices taisle end-use or delivered priceSince most industrial and electric
generator customers do not purchase their gas thiocgjldistribution companies, their “distributor
tariff’ represents the difference between the avepaige paid by local distribution companies at the
citygate and the average price paid by ifdustrial or electci generator customé® Distributor
tariffs are defined for both core and noncore ratrhkvithin the industrial and electric generator
sectors, while residential, commercial, and trartggion sectors have didttitor tariffs defined only
for the core market, since noneocustomer consumption in tleesectors is assumed to be
insignificant and set to zero. The core transgimn sector is composed of two categories of
compressed natural gas (CNG) aamers (fleet vehicles and persbreahicles); and therefore,
separate distributor tariffs are developed for each of these two categories.

The primary task of the DTS is to determine saascore and noncore (whexgplicable) distributor
tariffs for each end-use sector each region represented. fferent methodologies are used
depending on the sector and market. Distributdfsdar the residentiatommercial, ad industrial
sectors are based on econometricaldfimated equations and araven in part by sectoral
consumption levels. Electric generator distributor tariffs are initially set at an average historical level
and changed over the forecast in response tanthgadchange in consumption. For the most part,
transportation distributor tariffs are based on hisgbtariffs, with an assurdexnnual rate of change
applied as applicabfé. This general approaetas taken since in the paktta were not reasonably
obtainable to develop a detailed cost-based aticmumethodology similar to the approach used for
interstate pipeline tariffs in éhPipeline Tariff Submodule. Suelm approach is currently being
reexamined. The specific methodologies used trutate distributor tariffare discussed in the
remainder of this chapter.

Residential and Commercial Sectors

Residential and commeat distributor tariffs are projeetl using econometrically estimated
equations. Both are a functiontbé gas consumption levels in thextor, as well as lagged values.
In some regions, the constant terms in the peailbd were estimated to henzero. The residential
distributor tariff is also set asfunction of the consumption pesigential customer, as projected
within the NEMS residentialemand module, as follows:

%t is not unusual for these “markups” to be negative.
®"Historical distributor tariffs for aextor in a particular region/season can be estimated by taking the difference
between the average sectoral end-use price and the average citygate price in the region/season (Appendix E, HCGPR).
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DTAR_SF.

DTAR_SF,

=2,r,n

* -CM_RHO(CM_ALP +CM_PKALP, ) *1000'BASQTY_SFREV

e

where,

NUMRS;1 = 0RSGASCUST: s * RECS_ALIGN * NUM_REGSHR

where,
DTAR_SK,

DTAR_SFPREV,

BASQTY_SFK,,
BASQTY_SFPREV,,

NUMRS
RS_ALR, CM_ALP

RS_PKALR,
CM_PKALP;,
RS_LNQ
CM_LNQ
RS_RHO

CM_RHO

=1,nn

ol

DTAR_SFPRE/

|

= g(OM_ALP+CM_PKALP,.) % (1000* BASQTY_SK_, , ,)™"-""?* DTAR_SFPRE/ 5.0

RS_ALP+RS_PKALR ) (

1000* BASQTY_SFAREV._

NUMRS:

-RS_RHORS_ALP,+RS_PKALP, )) %

1000* BASQTY_SFSZM]RS—LNQ .

RS_RHO, e( (82)

s=1,r,n

1,r,n

](-RS_RHO RS_LNQ)

NUMRS: 11

s=2,r,n

)-CM_RHO*CM_LNQ
s=2,n

(83)
(84)

core distributor tariff in current forecast year for sector s, regionr,
and network (1987%/Mcf)

core distributor tariff in mvious forecast year (1987%/Mcf).
[First forecast year set atetthistorical average from 1990 to
2004.]

sector level gas consumption $&ctor s, region r, and network n
(Bcf)

sector level gas consumption $&ctor s, region r, and network n
in previous year (Bcf)

number of residéial customers in year t

residential and commercial regional constant terms (Tables F6
and F7, Appendix F)

residential, regional, peak npmd, constant term (Table F6,
Appendix F)

commercial, regional, peak ned, constant term (Table F7,
Appendix F)

estimated parameters fosidential distributoequation (Table
F6, Appendix F)

estimated parameter fornesmercial distributoequation (Table
F7, Appendix F)

autocorrelation coefficiefdr residential dtributor equation
(Table F6, Appendix F)

autocorrelation coefficiefdr commercial distributor equation
(Table F7, Appendix F)
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RS_ADJ,CM_ADJ = adjustméfitapplied when predicting the value of “y” from an
estimating equation where the degdent variable is the natural
log of “y” for residential ad commercial distributor tariff
equations (Tables F6 and F7, Appendix F)

ORSGASCUSY1 = number of residential gas customers by census division in
previous forecast year (from NES residential demand module)
RECS_ALIGN = factor to align residenti@ustomer count data from EIA’s 2001

Residential Consumption Survg€iRECS), the data on which
0RSGASCUST is based, with similar data from the EIA’s Natural
Gas Annual, the data on whicletbTAR_SF estimation is based
(Appendix E)

NUM_REGSHR = average historical (1989-2002)s& of residential customers in
NGTDM region r relative to the number in the larger or equal
sized associated census division (Appendix E)

= sector (=1 for residential, =2 for commercial)

census division

region (12 NGTDM regions)

network (peak or offpeak)

= forecast year

(@]
~ 23 = 0O un
11

I ndustrial Sector

For the industrial sector, a singlsstributor tariff (i.e., no distin@n between core and noncore) is
estimated for each season and reg®a function of the industriabonsumption level in that season

and region. Next, core seasonal tariffs are set by assuming a differential between the core price and
the estimated distributor tariff for the seasand region, based dnistorical estimate¥ The

noncore price is set to insure that the quantity-weighted average of the core and noncore price in a
season and region will equal the originally estimated tariff for that season and region. Historical
prices for the industrial sect@re estimated based on the d#tat are available from the
Manufacturing Energy Consumption Survey (MECS) (Table F5, Appendix F). The industrial prices
within EIA’s Natural Gas Annual only reflect a sin@ercentage of all indaisal customers and only
industrial customers who purchase gas through lthezt distribution compan whereas the prices

in the MECS are more representative of thel toidustrial sector. The equation for the single
seasonal/regional industridistributor tariff follows:

TAR = IN_CNST+IN_ALP, + IN_PKALP,  +

(IN_LNQ* QCUR)) + (IN_RHO* TARLAG) - (85)
[IN_RHO* (IN_CNST+IN_ALP, + IN_PKALP, , + IN_LNQ* QLAG,))]

The core and noncore distributariffs are set using:

®8)effrey M. Woolridge, Introductory Econometrics: A Modern Approach, South-Western College Publishing, Z0E20B.
®Historical core and noncore prices frohe Manufacturing Energy Consumption Survey were used as a basis for setting this
differential in the last historical year.
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DTAR_SF_,. . =TAR +(DTAR_SFPFEV_, .~ TARLAG) (86)
(TAR*QCUR,) - (DTAR SF_. *BASQTY_SK_;,,)
DTAR_Sl g, ,= — =340 = (87)
BASQTY_SL_g,,
where,
TAR = seasonal distributor tariff for éhindustrial sector (s=3) in region r
(87%/Mcf)
TARLAGn = seasonal distributeariff for the industrial seor (s=3) in region r in the
previous forecast year (87%/Mcf)
IN.CNST = estimated constaetrm (Table F4, Appendix F)
IN_ALP, = estimated coefficient (Table F4, Appendix F)
IN_PKALP,, = estimated coefficient, set torpefor the offpeak period and for any
region where the coefficient is not statistically significant
IN_ LNQ = estimated coefficient (Table F4, Appendix F)
IN RHO = autocorrelation céfecient for the industriabistributor tariff equation
(Table F4, Appendix F)
DTAR_SFK s = seasonal distributor térfor the core industrial sector (s=3) in region r
(87%/Mcf)
DTAR_SkLs, = seasonal distributor tariff for the noncore industrial sector (s=3) in region

DTAR_SFPREVs,

BASQTY_SK s=3,
BASQTY_Sh =3,

QCUR,

BASQTY_SFPREVYs-3, =

BASQTY_SIPREV,s=s;
QLAG:
S

n
r

5-4

r (87$/Mcf)

seasonal distributor téfrfor the core industrial sector (s=3) in region r
(87%/Mcf) in the previous forecast ydam the first forecast year set to
an average of the historicalluas [Appendix F, Table F5] from 1990
through 2004 (87$/Mcf)]

seasonal core natural gas constimmgfor industrial sector(s=3) in the
current forecast year (Bcf)

seasonal noncore natural gas congigngor industrial sector (s=3) in
the current forecast year (Bcf)

sum of BASQTY_SF and BASQTY I $or industrial in a particular
season and region

seasonal volume of core natural gassumption for industrial sector in
the previous year (Bcf)

seasonal volume of noncore natural gansumption for industrial sector
in the previous year (Bcf)

sum of BASQTY_SFPREV and BBQTY_SIPREV for industrial in a
particular season and region, the value of QCUR in the last forecast year
end-use sector indése=3 for industrial sector)
network (peak or offpeak)

NGTDM region
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Electric Generation Sector

Seasonal distributor tariffer both the core and noncore segmenislectric genetion sector are

initially set as a simple averageretent historical levels (2000-2002 #&EO2006),” with some
adjustments made thereafter over the forecast period. First, a check is made each forecast year to
ensure that the previous yeatlistributor tariffs are not betoa lower limit of -1.00 (87$/McfJ?* If

any tariff falls below this threshold, then the cepending tariff is set to 95 percent of the previous
year’s level. Next, an adjustment factor is added to the tariffs which reflect additional costs incurred
resulting from expansions in the infrastructure that will be needed to support increased electric
generator consumption (that are not already specifically targeted to electric generators elsewhere in
the model). This adjustment factor is set as a function of the percentage change in the seasonal
regional electric generator consumption each year. The parameter used for the adjustment (0.27) is
an assumption. Thus, seasonal distabtariffs are calculated as follows:

UDTAR_SF,;= UDTAR_SFPREV;* (thresholdactor)+ CHQTY, ;* 0.27 (88)
UDTAR_SI,; = UDTAR_SIPREV,;* (thresholdactor)+ CHQTY  ;* 0.27 (89)
or
where,
UDTAR_SF,; = seasonal core electric generation sector distributor tariff, current forecast

year ($/Mcf)
seasonal noncore electric generasector distributottariff, current
forecast year ($/Mcf)
seasonal core electric generati@ctter distributortariff, previous
forecast year ($/Mcf)
seasonal noncore electric generatiecta distributottariff, previous
forecast year ($/Mcf)

setto 0.95if UTIL_DTAR_FPREV or UTIL_DTAR_IPREV is less than
-1.00 (87%/Mcf), else set th0 (analyst judgment)
annual percentage change in s@ascore or noncore electric generator
consumption (fraction)
n = network (peak or offpeak)
] = NGTDM/EMM region (see chapter 2)

UDTAR_Sk;

UDTAR_SFPREV,;

UDTAR_SIPREV;

threshold factor

CHQTY,

For the purposes of this calculation, the annuageage change in electgonsumption is limited
to be between -200 percemcdsa200 percent (analyst judgmgrand is set as follows:

For California the distributor tariff for 2001, which was an unusual year in California, is excluded from the average. For the
purpose of this calculation, historical core and noncore edeggrierator prices are both initially set to equal the averageof gas
to electric generators at the NGTDM/EMM regional level (i.e., the core and noncore historical prices are the same fdara particu
region and season).

In some isolated cases (e.g., Michigan) the data indicate elyrkaw prices of natural gas per cubic foot to electric ig#itue
to the use of blast furnace case, with a very low BTU content. Itis assumed that a greater mix of higher BTU contdyet gsesdwill
in the future.
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BASUQTY_SF,;- BASUQTY_SFPREV;

CHQTY, ;= (90)
‘ BASUQTY_SFPREV,;
or
BASUQTY_SI,;- BASUQTY .
CHQTY, = QTY_SI,, QTY_SIPREW,; 1)
' BASUQTY_SIPREW,,
where,
CHQTY,; = annual change in seasonalreccor noncore electric generator

consumption (fraction)

seasonal core electric generator consumption for region j (Bcf)
seasonal noncore electgenerator consumption for region j (Bcf)
seasonal core electric generatmmsumption for region j in previous
year (Bcf)

seasonal noncore elgct generator consumption for region j in
previous year (Bcf)

network (peak or offpeak)

NGTDM/EMM region (see chapter 2)

BASUQTY_SF;
BASUQTY_S},;
BASUQTY_SFPREY,

BASUQTY_SIPREV,,

n
j

Transportation Sector

Consumers of compressed natural gas (CNG) have been classified into two end-use categories within
the core transportation sector: fleet vehiclesl personal vehiclesTwo different pricing
methodologies are defined for det@ming distributor tariffs to thestwo end-use categories, with

the sector average (DTAR_SE, ) being determined as a quantity weighted average of both end-use
categories. Distributor tariffs associated with flesicles are a function tfe historicatistributor

tariffs, a decline rate, and Staand Federal taxesdjasted to 1987 year dollars), as shown:

DTAR_TRFV_SF,, =HDTAR_SFE <4, eHisyr*
, (STAX, +FTAX) (92)

(1- TRN_DECL)"*-P5
MC_PCWGDR

where,
DTAR_TRFV_SF,
HDTAR_SF s eHisvyr

distributor tarfif for the fleet véicle transportatin sector (87%$/Mcf)
historicaldistributor tariff for the transportation sectéfassumed to
be primarily for fleetvehicles (87%/ Mcf)

TRN_DECL = fleet vehile distributor decline rate, set to zero BEO2006
[Appendix E, (fraction)]
YR_DECL = difference between the current year and the last historical year over
which the decline rate is applied
STAX; = State motor vehicle fuel tax for CNG [Appendix E, (current yr
$/Mcf)]

"2E|A published, annual, State level data are used to set regional historical end-use prices for CNG vehicles. Sinceawwathly dat
not available for this sector, seasonal differentials for the industrial sector are applied to annual CNG data to appasdomate s

CNG prices.
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FTAX = Federal motor vehicle fuel tax for CNG [Appendix E, (current yr
$/Mcf)]

MC_PCWGDR = GDP conversion fromurrent year dollars to $87 [from the NEMS
macroeconomic module]
n = network (peak or offpeak)
s = end-use sector index=gsfor transportation sector)
r = NGTDM region
EHISYR = index defining last ye#inat historical data are available

t forecast year

Distributor tariffs for CNG consumeualy personal vehicles are derivas a function of the full cost

of delivering CNG to these alternate fuel vehicles. Thus, the distributor tariff is set equal to the sum
of the core industrial distributorrtéf, the cost of dispnsing CNG at a higiolume service station,

and State and Federal motohiae fuel taxes applied t6NG (converted to 1987 dollars)as

shown in the following equation:

(STAX, + FTAX)

DTAR_TRPV_SF,, =DTAR_SF, .3, + RETAIL_COST + (93)
’ s MC_PCWGDR
where,
DTAR_TRPV_Sk, = distributor tariff for the personal vehicle transportation sector (87$/Mcf)
DTAR_Sks, = distributor tarifffor the core industrial sector, s=3 (87%/Mcf)
RETAIL_ COST = cost of dispasing CNG [Appendix E, (87$/Mcf)]
STAX, = State motor vehicle fuel tax for CNG [Appendix E, (current yr $/Mcf)]
FTAX = Federal motor vehicle fuel tax for CNG [Appendix E, (current yr
$/Mcf)]
conversion from current year to $87
network (PK or OP)

end-use sector index-@for the industrial sector)
NGTDM region

MC_PCWGDPR
n
S
r
t current forecast year

"SMotor vehicle fuel taxes are assumed constant in current year dollars throughowgdhstfdnut are converted irit®87 dollars
for use in the model.
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6. Pipeline Tariff Submodule Solution M ethodology

The Pipeline Tariff Submodul@TS) sets rates charged for st@ragrvices and interstate pipeline
transportation. The ratédeveloped are based on actual costs for transportation and storage services.
These cost-based rates are used as a basis ftoplagdariff curves for th Interstate Transmission
Submodule (ITS). The PTS tariffalculation is divided into twghases: an historical year
initialization phase and a foretagear update phase. Eachtbése two phases includes the
following steps: (1) determine the various g@mments, in nominal dollars, of the total cost-of-
service, (2) classify these cponents as fixed and variable c$sed on the rate design (for
transportation), (3) allocate thefseed and variable costs to ratemponents (reservation and usage
costs) based on the rate desffpr transportation), and (49r transportation: compute rates for
services during peak and offpeak time periéatsstorage: compute annual regional tariffs. For the
historical year phase, the cossetvice is developed from histeai financial data on 28 major U.S.
interstate pipeline companies; while for the forecast year update phase the costs are estimated using a
set of econometric equations and an accountiggrigdhm. The pipeline tariff calculations are
described first, followed by themtge tariff calculations, and finally a description of the calculation

of the tariffs for moving gas by pipeline from Akasand from the MacKenzie Delta to Alberta. A
general overview of the methodology for derivingesais presented in the following box. The PTS
system diagram is presentedHigur e 6-1.

The purpose of the historical year initialization phase provide an initial set of transportation
revenue requirementsatariffs. The last histaral year for the PTS is currently 2000, which need
not align with the last historical year for the rest of the NGTDM. Ultimately the ITS requires
pipeline and storage tariffs; whether they are tham® historical or projeet financial data is
mechanically irrelevant. The historical yeaformation is developed from existing pipeline
company transportation data. The historiaaghryinitialization process draws heavily on three
databases: (1) a pipeline fingadacatabase (1988000) of 28 major interstateatural gas pipelines
developed by Foster Associatég2) “a competitive profile of natural gas services” database
developed by Foster Associatésnd (3) a pipeline capacity databdsgeloped by the Office of Oil

and Gas, EIA® The first database represents the existing physical U.S. interstate pipeline and
storage system, which includes protime processing, gathering, tiamission, storage, and other.

The physical system is at a more disaggregate level than the NGTDM network. This database
provides detailed company-ld¥mancial, cost, and rate base pagders. It contains information on
capital structure, rate base, andereue requirements by major line item of the cost of service for the
historical years of the modelhe second Foster database corgta@etailed datan gross and net

plant in service and deprecmati, depletion, and amortizationrfondividual plants (production
processing and gathering plants, gas storage pgagsransmission plants, and other plants) and is
used to compute sharing factors by pipeline comjpayyear to single outrfancial cost data for

"Foster Financial Reports, 28 Major Interstate Natural Gadifége2000 Edition, Foster Associates, Inc., Bethesda, Maryland.
The primary sources of data for this report are FERC Fomma 2 monthly FERC Form 11 pipeline company filings. This report
can be purchased from Foster Associates.

SCompetitive Profile of Natural Gas S&es, Individual Pipelines, Decemie97, Foster Associates, Inc., Bethesda, Maryland.
Volumes Il and IV of this report contafetailed information on the rfjua interstate pipelines, including a pipeline systeapm
capacity, rates, gas plant accounts, rate base, capitalization, cost of service, etc. This report can be purchasedésouibtester

A spreadsheet compiled by James Tobin of the Office of Oil and Gas (James.Tobin@eia.doe.gov) containing historical and
proposed state-to-state pipeline capacity levels and additions by year from 1990, by pipeline company.
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Figure6-1. Pipdine Tariff Submodule System Diagram
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transmission plants from the “total plants” datadha first database. Thhird database contains

pipeline capacity data by pipeline company,estatstate transfer,nd year (1990-2000). This
database is used to determine factors to allocate the pipeline company financial data to the NGTDM
interstate pipeline arcs based on capacity level in each historical year. These three databases are pre-
processed offline to generate the pipeline transmission financial data by pipeline company, NGTDM
interstate arc, and historical yga©88-2000) used as input into the PTS.

PTS Process for Dwing Rates
For Each Pipeline Arc

e Read historical financial database for 28 major interstate natural gas pipelines by pipeline ¢company,
arc, and historical year (1988-2000).

e Derive the total pipeline cost of service (TCOS)
- Historical years
- Aggregate pipeline TCOS items to network arcs
- Adjust TCOS componén to reflect all U.S. pigmes basedon annual “Rpeline
Economics” special reports in tkl & Gas Journal
- Forecast years
- Include capital costs for capacity expansion
- Estimate TCOS components from forecasting equations and accounting algorithim

e Allocate total cost of service to fixed and variable costs based on rate design
e Allocate costs to rate components (reservation and usage costs) based on rate design
e Compute rates for services for peak and offpeak time periods
For Each Storage Region:
e Derive the total storage cost of service (STCOS)
- Historical years: read regional financial data for 33 storage facilities by node (NGTDM [region)
and historical year (1990-1998)
- Forecast years:
- Estimate STCOS components from forecasting equations and accounting algorithm
- Adjust STCOS to refletdtal U.S. storagestilities based oannudstorage capacity dgta
reported by EIA

e Compute anndaegional storage rates for services

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 6-3



Historical Year Initialization Phase

The following section discussdw/o separate processehat occur during the historical year
initialization phase: (1) the computatiamdanitialization of the cost-of-service cpanents, and (2)
the computation of rates for services. The coatpar of historical yearost-of-service components
and rates for services involves falistinct procedures as outlingdthe above box and discussed
below. Rates are calculated immoal dollars and then convertedé&al dollars for use in the ITS.

Computation and Initialization of Pipeline Cost-of-Service Components

In the historical year initialization phase of the PTS, rates are computed using the following four-step
process: (Step 1) derivatiomdinitialization of the total cosif-service components, (Step 2)
classification of cost-ofesvice components as fixed and variatmets, (Step 3) allocation of fixed

and variable costs to rate cpanents (reservation and usage cdsasged on rate dign, and (Step

4) computation of rates at thecdevel for transportation services.

Step 1. Derivation and Initialization of the Total Cost-of-Service Components

The total cost-of-service for existing capacity on acansists of a just and reasonable return on the
rate base plus total normal opergtexpenses. Derivations of reton rate base and total normal
operating expenses are presented in the followingstibas. The total cost of service is computed
as follows:

TCOS.: = TRRBa + TNOEx, (94)
where,
TCOS = total cost-of-service (dollars)
TRRB = total return on rate base (dollars)
TNOE = total normal operating expenses (dollars)
a = arc
t = historical year

Just and Reasonable Return. In order to compute the return portion of the cost-of-service at the

arc level, the determination of capital structure and adjusted rate base is necessary. Capital structure
is important because it determines the cost of capital to the pipeline companies associated with a

network arc. The weighted average cost of capital is applied to the rate base to determine the return

component of the costservice, as follows:

TRRB.; = WAROR.:* APRBa; (95)
where,
TRRB = total return on rate base after taxes (dollars)
WAROR = weighted-average aftax return on capital (fraction)

APRB = adjusted pipelarate base (dollars)
a = arc
t = historical year
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In addition, the return on rabase is broken out into therél® components as shown below.

PFEN.: = )_[(PFES;:/ TOTCAP.,) * PFER:* APRB.p. (96)
p
CMENa; = D _[(CMES.p:/ TOTCAP:p) * CMERap:* APRBay,] (97)
p
LTDNa; = D _[(LTDSupt/ TOTCAPsp) * LTDRap: * APRBip.] (98)
p
such that,
TRRB.; = (PFEN;; * CMENa + LTDN ) (99)
where,
PFEN = total return opreferred stock (dollars)
PFES = value of preferred stock (dollars)
TOTCAP = total capitalization (dollars)
PFER = coupon rate for preferrsitbck (fraction) [read as D_PFER]
APRB = adjusted pipeline rate base (dollars) [read as D_APRB]
CMEN = total return on camon stock equity (dollars)
CMES = value of common stock equity (dollars)
CMER = common equity rate oftten (fraction) [read as D_CMER]
LTDN = total return on long-term debt (dollars)
LTDS = value of long-term debt (dollars)
LTDR = long-term debt rat@fraction) [read as D_LTDR]
p = pipeline company
a = arc
t = historical year

Note that the first terms (fractions) in paresé® on the right hand sidé equations 96 to 98
represent the capital structure ratios for each pipetingany associated with a network arc. These
fractions are computed exogenoushd read in along with the ratefsreturn and the adjusted rate
base. The total returns on pmeésl stock, common equity, and letegm debt at the arc level are
computed immediately after allehnput variables are read infhe capital structure ratios are

exogenously determined as follows:

GPFESTR,: = PFES,:/ TOTCAP:p:
GCMESTR.p: = CMES.p: / TOTCAP:,;
GLTDSTRap: = LTDS.p: / TOTCAP:p;

where,
GPFESTR

GCMESTR
GLTDSTR

PFES
CMES

NEMS Natural Gas Transmission and Distribution Module Documentation 2006

(100)
(101)
(102)

capital structure ratio for preferred stock for existing pipeline
(fraction) [read as D_GPFES]

capital structure ratio for common equity for existing pipeline
(fraction) [read as D_GCMES]

capital structure ratio for long-term debt for existing pipeline
(fraction) [read as D_GLTDS]

value of preferred stock (dollars)

value of common stock (dollars)
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value of long-term debt (dollars)

LTDS =
TOTCAP = total capitalization (dollars), equal to the sum of value of preferred
stock, common stock etjyy and long-term debt
p = pipeline company
a = arc
t = historical year

In the financial database, the estimated capital (capitalization) for each interstate pipeline is by
definition equal to its adjusted rate base. Hence, the estimated capital TQ;G&fihed in the

above equations eual to the adjust rate base APRB;..

TOTCAP:p: = APRBup; (103)
where,
TOTCAP = total capitalization (dollars)
APRB = adjusted rate base (dollars)
a = arc
p = pipeline company

t historical year

Substituting the estimated capital TOTGAfr the adjusted rate base APRB equations 100 to
102, the values of preferred stock, common stanH, long-term debt by pipeline and arc can be
computed by applying the capital structure ratios to the adjusted rate base, as follows:

PFES): = GPFESTR,:* APRBupy
CMES.p: = GCMESTRyp ¥ APRBap; (104)
LTDSap: = GLTDSTRap:* APRBapy

GPFESTRp: + GCMESTR,p: * GLTDSTRap: =1.0

where,
PFES value of prefemlestock in nominal dollars

CMES = value of common equity in nominal dollars

LTDS long-term debt in nominal dollars
GPFESTR = capital structure ratio fpreferred stock for existing pipeline
(fraction)
GCMESTR = capital structure ratio of common stock for existing pipeline (fraction)
GLTDSTR = capital structure ratio of long term debt for existing pipeline (fraction)
APRB = adjusted rate base (dollars)
p = pipeline
a = arc
t = forecastyear

The cost of capital at the arc level (WARQRs computed as the weighted average cost of capital
for preferred stock, common stoefuity, and long-term debt foll pipeline companies associated

with that arc, as follows:
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WAROR:: = Y [(PFESp:* PFERp: * CMESip:* CMERap: +
p

(105)
LTDSap:* LTDRap1)] / APRB:;
APRB:: = PFESQ: * CMES&:;: + LTDSs: (106)
where,
WAROR = weighted-average after-tax return on capital (fraction)
PFES = value of prefred stock (dollars)
PFER = preferred stk rate (fraction)
CMES = value of common stock equity (dollars)
CMER = common equity rate of return (fraction)
LTDS = value of long-term debt (dollars)
LTDR = long-term debt rate (fraction)
APRB = adjusted rate base (dollars)
p = pipeline
a = arc
t = historical year

The adjusted rate base by pipeline and arc is computed as the sum of net plant in service and total
cash working capital (which includes plant heldfidure use, materialsnd supplies, and other
working capital) minus accumulated deferred income taxes. This rate base is computed offline and
read in by the PTS. The computation is as follows:

APRB.pt = NPI1Sipt + CWCapt - ADIT apy (107)
where,
APRB = adjusted rate base (dollars)
NPIS = net capital cost of plant in service (dollars) [read as D_NPIS]
CWC = total cash working capital (dollars) [read as D_CWC]
ADIT = accumulated deferred income taxes (dollars) [read as D_ADIT]
p = pipeline company
a = arc

t historical year

The net plant in service by pipeline and arc is the original capital cost of plant in service minus the
accumulated depreciation. Itis computed offlinettwet read in by the PTS. The computation is as

follows:

NPISp: = GPISp: - ADDAapt (108)
where,
NPIS = net capital cost of plant in service (dollars)
GPIS = original capital cost of plant in service (dollars) [read as D_GPIS]
ADDA = accumulated depreciation, depletion, and amortization (dollars) [read
as D_ADDA]
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The adjusted rate base at the arc level is computed as follows:

APRB:,: = Z APRBap: — Z (NPIS,pt + CWCap: - ADIT apy)
p p (109)

=(NPIS;; + CWCs; - ADIT 2y)

with,
NPIS, = (GPIS,p: - ADDA )
p (110)
=(GPIS. - ADDA4,)
where,
APRB,;: = adjusted rate base (dollars) at the arc level
NPIS: = net capital cost of plant in service (dollars) at the arc level
CWG,: = total cash working capital (dollars) at the arc level
ADIT,: = accumulated deferred income taxes (dollars) at the arc level
GPIS: = original capital cost of plant in service (dollars) at the arc level
ADDA,: = accumulated depreciation, depletion, and amortization (dollars) at the
arc level
p = pipeline company
a = arc
t = historical year

Total Normal Operating Expenses. Total normal operating expense line items include
depreciation, taxes, and total operating and maamee expenses. Totgderating and maintenance
expenses include administrataed general expenses, customgyenses, and other operating and
maintenance expenses. In the PTS, taxes are disaggregated further into Federal, State, and other
taxes and deferred income taxes. Tipeadion for total normadperating expenses

at the arc level is given as follows:

TNOEz: = ) (DDAsp: * TOTAXap: + TOMap,) (111)
p

where,

total normal operating expenses (dollars)

depreciation, depletion, and amortization costs (dollars) [read as
D_DDA]

TOTAX = total Federal and State income tax liability (dollars)

TOM = total operating and maintenance expense (dollars) [read as D_TOM]
p = pipeline
a = arc
t = historical year

Depreciation, depletion, and anization costs, and total opérag and maintenance expense are
available directly from the financial database. The equations to compute these costs at the arc level
are as follows:
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DDAa; = D DDAap; (112)
p

TOMa; = ) TOMap: (113)
p

Total taxes at the arc level are computed as the sum of Federal and State income taxes, other taxes,
and deferred income taxes, as follows:

TOTAXa: =, (FSITapt + OTTAXap: + DITaps) (114)
p
FSITac= ) FSITapt = 2 (FITaps * SlTaps) (115)
p p
where,
TOTAX = total Federal and State income tax liability (dollars)
FSIT = Federal and State income tax (dollars)
OTTAX = allothertaxes assessed by Federal, State, or local governments except
income taxes and deferred income tax (dollars) [read as D_OTTAX]
DIT = deferred income taxes (dollars) [read as D_DIT]
FIT = Federal income tax (dollars)
SIT = State income tax (dollars)

Federal income taxes are derived from returnsitaneon stock equity and preferred stock (after-tax
profit) and the Federal tax rate. The after-tax profit at the arc level is determined as follows:

ATPa: = Z (PFERyp:* PFESp:* CMERap:* CMES,p) (116)
P
where,
ATP = after-tax profit (dollars) at the arc level
PFER = preferred stk rate (fraction)
PFES = value of prefred stock (dollars)
CMER = common equity rate of return (fraction)
CMES = value of common stock equity (dollars)
a = arc
t = historical year

and the Federal income taxes at the arc level are

FRATE*
_ ATPa; (117)

(1.- FRATE)

at

where,
FIT = Federal income tax (dollars) at the arc level
FRATE = Federal income taate (fraction) (Appendix E)
ATP = after-tax profit (dollars)
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State income taxes are computed by multiplying the sum of taxable profit and the associated Federal

income tax by a weighted-average State tax rate associated with each pipeline company. The

weighted-average State tax rate is based on peak service volumes in each State delivered by the
pipeline company. State income taxes at the arc level are computed as follows:

SITa: = SRATE* (FITa: + ATPay) (118)
where,
SIT = State income tax (dollars) at the arc level
SRATE = average State income tax rate (fraction) (Appendix E)
FIT = Federal income tax (dollars) at the arc level
ATP = after-tax profits (dollars) at the arc level

Thus, total taxes at the arc level carelpressed by the following equation:

TOTAXar = (FSITar * OTTAXa:r + DITar) (119)

where,

TOTAX total Federal and State income tax liability (dollars) at the arc level

FSIT Federal and State income tax (dollars) at the arc level
OTTAX = allothertaxes assessed by Federal, State, or local governments except
income taxes and deferred income taxes (dollars), at the arc level
DIT = deferred income taxes (dollars) at the arc level
a = arc
t = historical year

All other taxes and deferred income taxes at the arc level are expressed as follows:

OTTAXa: = Y OTTAXap: (120)
p

DITat= ) DlTap: (121)
p

Adjustment from 28 major pipeinesto total U.S. Note that all cost-of-service and rate base
components computed so far are based on the falatatabase a28 major interstate pipelines.
According to the U.S. natural gas pipeline consimaand financiateports filed with the FERC and
published in the Oil and Gas Jourhathere were more than 120 irgte natural gas pipelines
operating in the United States in 2000. The tmaual capitalization and operating revenues for alll
these pipelines are much higher than those for the 28 major interstate pipelines in the financial
database. The totahnual gross plant in service for all intate natural gas pipees in the U.S.
declines from 135 percent of totainual gross plant in service tbe 28 major interstate pipelines
in 1988 to about 127 percent in 2000, while thd entaual operatingevenues for athe interstate
natural gas pipelines in the United States fatif&2¥ 0 percent of totahaual operating revenues for
the 28 major natural gas pipelines in 1988 to 150gye in 2000. All the cost-of-service and rate
base components at the arc level computédarabove sections are scaled up as follows:

""Pipeline Economics, Oil and Gas Journal, 1991, 1993, 1994, 1995, 1997, 1999, 2001.
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For the capital costs and adjusted rate base components,

GPIS,:=GPIS,* HFAC_GPIS
ADDA.: = ADDA. * HFAC_GPIS
NPIS,: = NPIS,* HFAC_GPIS (122)
CWGC,: =CWGC, * HFAC_GPIS
ADIT a; = ADIT 2. * HFAC_GPIS
APRB:; = APRB,;* HFAC_GPIS
For the cost-of-service components,
PFEN,: = PFEN,.* HFAC_REV,
CMENa; = CMEN,, * HFAC_REV,
LTDNa; = LTDNa:* HFAC_REV;
at = . FHFAC
DDAt = DDAa; _REV; (123)
FSITa: = FSIT, * HFAC_REV,
OTTAXa: = OTTAX.* HFAC_REV,
DITat =DITa* HFAC_REV,
TOMa; = TOM,, * HFAC_REV,
where,
GPIS = original capital cost of plant in service (dollars)
HFAC_GPIS = adjustment factor for capital costs to total U.S. (Appendix E)
ADDA = accumulated depreciation, depletion, and amortization (dollars)
NPIS = net capital cost of plant in service (dollars)
CWC = total cash working capital (dollars)
ADIT = accumulated deferred income taxes (dollars)
APRB = adjusted pipeline rate base (dollars)
PFEN = total return opreferred stock (dollars)
HFAC_REV = adjustment factor for op&om revenues to totd.S. (Appendix E)
CMEN = total return on common stock equity (dollars)
LTDN = total return on long-term debt (dollars)
DDA = depreciation, depletion, and amortization costs (dollars)
FSIT = Federal and State income tax (dollars)
OTTAX = allothertaxes assessed by Federal, State, or local governments except
income taxes and deferred income taxes (dollars)
DIT = deferred income taxes (dollars)
TOM = total operations and mméenance expense (dollars)
a = arc

t
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Except for the Federal and State income taxes and returns on capital, all the cost-of-service and rate
base components computed at theel@vel above are also used asahvalues in the forecast year
update phase that starts in 2001.

Step 2: Classification of Cost-of-Service Lineltemsas Fixed and Variable Costs

The PTS breaks each line item of the cost of service (computed in Step 1) into fixed and variable
costs. Fixed costs are independent of storage/transportation usage, while variable costs are a
function of usage. Fixed and variable costs are computed by multiplying each line item of the cost of
service by the percentage of the cost that is fixed and the percentage of the cost that is variable. The
classification of fixed and variabtmsts is defined by the user as part of the scenario specification.
The classification of line item cost ® fixed and variable cost is determined as follows:

Ris =ALL:*R;/100 (124)
Riv=ALL,*R;/100 (125)
where,
R = fixed cost portion of line item;Rdollars)
ALL; = percentage of line item; Representing fixed cost

R = total cost of line item i (dollars)
Ry = variable cost portion of line item Rlollars)
ALL, = percentage of line item; Representing variable cost

i = lineitem index
rv = fixed or variable
100 = ALL + ALL,

An example of this procedure is illustratedriable 6-1.

The resulting fixed and variable costs at the arc level are obtained by summing all line iesrals for
cost category from the above equations, as follows:

FC.= Z Ri¢ (126)

VC,= Z Riv (127)

where,
FC, = total fixed cost (dollars) at the arc level
VC, = total variable cost (dollars) at the arc level
a = arc
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Table6-1. Illustration of Fixed and Variable Cost Classification

Cost Allocation Factors Cost Component
Total (per cent) (dollars)
Cost of ServicelLineltem (dollars) Fixed Variable Fixed Variable
Total Return
Preferred Stock 1,000 100 0 1,000 0
Common Stock 30,000 100 0 30,000 0
Long-Term Debt 29,000 100 0 29,000 0
Normal Operating Expenses
Depreciation 30,000 100 0 30,000 0
Taxes
Federal Tax 25,000 100 0 25,000 0
State Tax 5,000 100 0 5,000 0
Other Tax 1,000 100 0 1,000 10
Deferred Income
Taxes 1,000 100 0 1,000 (MO
. 105,000 60 40 63,000 42,0010
Total Operations &
Maintenance
Total Cost-of-Service 227,000 185,000 42,("00

Step 3. Allocation of Fixed and Variable Coststo Rate Components

Allocation of fixed and variableosts to rate componentsasnducted only for transportation
services because storage service is modeled in a more simplified manner using a one-part rate. The
rate design to be used within the PTS is specdifigdput parameters, which can be modified by the

user to reflect changes in rate design over time. The PTS allocates the fixed and variable costs
computed in Step 2 to rate cponents as specified by the ratsida. For transportation service,

the components of the rate consika reservation and a usage f@ée reservation fee is a charge
assessed based on the amount of e¢gp@served. It typically is a monthly fee that does not vary

with throughput. The usage fee is a chargesasskfor each unit of gas that moves through the

system.

The actual reservation and usage fees that pipelines are allowed to charge are regulated by the
Federal Energy Regulatory Commission (FERC). How costs are allocated determines the extent of
differences in the rates charged for different clagbeastomers for different types of services. In
general, if more fixed costs are allocated to usage fees, more costs are recovered based on

throughput.

Costs are assigned either to the reservation fee or to the usage fee according to the rate design
specified for the pipeline company. The rate design can vary among pipeline companies. Three
typical rate desighare described ihable6-2. The PTS provides two options for specifying the rate
design. In the first option, a rate design for gaipleline company can lspecified for each forecast

year. This option permits differerdte designs to be used thfferent pipeline companies while

also allowing individual company rate designs to change over time. Since pipeline company data
subsequently are aggregated to network arcs, the composite rate design at the arc-level is the
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Table 6-2. Approachesto Rate Design

M odified Fixed Variable
(Three-Part Rate)

M odified Fixed Variable
(Two-Part Rate)

Straight Fixed
Variable
(Two-Part Rate)

Two-part reservation fee. | o
Return on equity and related
taxes are held at risk tp
achieving throughput targets by
allocating these costs to the
usage fee. Of the remaining
fixed costs, 50 percent are
recovered from a peak day
reservation fee and 50 percent
are recovered through an annyal
reservation fee.
Variable costsallocated to the| e
usage fee. In addition, return gn
equity and related taxes are also
recovered through the usage fge.

Reservation fee based on peple
day requirements - all fixed
costs except return on equity
and related taxes recovered
through this fee.

Variable costs plus return on e
equity and related taxes afe
recovered through the usage
fee.

One-part capacity reservatign
fee. All fixed costs areg
recovered through the
reservation fee, which i
assessed based on peak gay
capacity requirements.

Variable costs are recoverdd
through the usage fee.

guantity-weighted average of the pipeline company rate designs. ©he sgtion permits a global

specification of the rate design, where all pipeline companies have the same rate design for a specific

time period but can switch to another rdésign in a different time period.

The allocation of fixed costs teservation and usage fees entails multiplying each fixed cost line

item of the total cost of service by the correspondixeg cost rate desigriassification factor. A
similar process is carried out for variable costs. This procedure is illustrafed!ss 6-3a and

6-3b and is generalized in the equations that follow. The classification of transportation line item

costs R and R, to reservation and usage cost is determined as follows:

Rifr=ALLf* R /100

Rifu=ALLfu* Ri /100
Rivs = ALLy,* Riy/100
Rivu=ALLyy* Riy/100

line item cost (dollars)
percentage of reservation vsage line item R representing fixed or

(128)
(129)
(130)
(131)

variable cost (Appendix E -- AFR, AVR, AFU, AJU

ALLs, + ALL;,

ALL,; + ALLy,

= line item number index
fixed cost index
variable cost index
reservation cost index
= usage cost index
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100 =
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i
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r =
u
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Table 6-3a. Illustration of Allocation of Fixed Coststo Rate Components

Cost Assigned to
Allocation Factors Rate Component
Total (percent) (dollars)
Cost of ServiceLineltem (dollars) Reservation Usage Reservation Usage
Total Return
Preferred Stock 1,000 0 1C0 0 l,gﬁo
Common Stock 30,000 0] 100 0 30,000
Long-Term Debt 29,000 100 0 29,000 0
Normal Operating Expenses
Depreciation 30,000 100 0 30,000 0
Taxes
Federal Tax 25,000 0 100 0 25,00
State Tax 5,000 0 100 0 5,0<H)0
Other Tax 1,000 100 0 1,000 0
Deferred Income
Taxes 1,000 100 0 1,000 0
Total Operations &
Maintenance 63,000 100 0 63,000 0
Total Cost-of-Service 185,000 124,000 61,“00
Table 6-3b. Illustration of Allocation of Variable Coststo Rate Components
Cost Assigned to
Total Allocation Factors Rate Component
(dollars) (percent) (dollars)
Cost of ServiceLineltem Reservation  Usage Reservation Usage
Total Return
Preferred Stock 0 0 100 0
Common Stock 0 0 100 0 D
Long-Term Debt 0 C 100 0 D
Normal Operating Expenses
Depreciation 0 0 100 0
Taxes
Federal Tax 0 4 100 0 D
State Tax 0 C 100 0 )
Other Tax 0 0 100 0 0
Deferred Income Taxes 0 0 100 0 0
Total Operations & 42,000 0 100 0 42,000
Maintenance
Total Cost-of-Service 42,000 0 42,0H)0

At this stage in the procedure, the line items casimm the fixed and vaable cost components of
the reservation and usage fees can be sumnudaldam total reservatioand usage components of

the rates.

RCOST =D (Risr + Rivr) (132)
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UCOST. = (Risu* Rivu) (133)

where,
RCOST, = total reservation cost (dollars) at the arc level
UCOST, = total usage cost (dollars) at the arc level
a = arc

After ratemaking Steps 1, 2 and 3 are completed for each arc by historical year, the rates are
computed below.

Computation of Ratesfor Historical Years

The reservation and usage @aef-service (RCOST and UCOpdeveloped above are used

separately to develop two types of rates at the arc Maréhbl e tariffs and annual fixed usage fees.
The development of bothtess is described below.

Variable Tariff Curves

Variable tariffs are proportional teservation charges and are broken up into peak and offpeak time
periods. Variable tariffs are derived directlyrfroariable tariff curvewhich are developed based
on reservation costs, utilization rates, annual flows, and other parameters.

In the PTS code, these variable tariff curves are defined by FUNCTION (NGPIPE_VARTAR) which
is used by the ITS to compute the variable peak and offpeak tariffs by arc and by forecast year. The
pipeline tariff curves are a function of peak or offpeak flow and are specified using a base point

[price and quantity (PNOD, QNOD)] and an assurpade elasticity. This functional form is
presented below:

NGPIPE_VARTARa = PNOD,* (Q,,/ QNOD,, )™ (134)

such that,
For peak transmission tariffs:

RCOST..* PKSHR_YR
PNOD;, = - (135)
(QNOD,,* MC_PCWGDR)
QNOD,, = PTCURPCAR,* PKSHR_YR* PTPKUTZ, * ADJ_PIP+
PTNETFLOW, * (1.0-ADJ_PIP)

For offpeak transmission tariffs:

(136)

RCOST,* (1.0- PKSHR_YR
PNOD;, = : *( -'R) (137)
(QNOD,,* MC_PCWGDR)
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QNOD,; = PTCURPCAR; * (1~ PKSHR_YRY PTPKUTZ,* ADJ_PIP+

(138)
PTNETFLOW, * (1.0- ADJ_PIP)
where,
NGPIPE_VARTAR = function to dae pipeline tariffs (87%/Mcf)
PNOD = base point, price (87$/Mcf)
QNOD = base point, quantity (Bcf)
Q = flow along pipeline arc (Bcfilependent variable for the function
ALPHA_PIPE = price elasticity for pipeline tariff curve for current capacity
RCOST = reservation cost-of-service (dollars)
PTPKUTZ = peak pipeline utilization (fraction)
PTOPUTZ = offpeak pipeline utilization (fraction)
PTCURPCAP = current pipeline capacity (Bcf)
PTNETFLOW = natural gas flow (throughput, Bcf)
ADJ_PIP = pipeline tariff curve adjustment factor (fraction)
PKSHR_YR = portion of the year reggented by the peak season (fraction)
MC_PCWGDP = GDP chain-type priceflidor (from the Macroeconomic Activity
Module)
a = arc
t = historical year

Annual Fixed Usage Fees
The annual fixed usage fees (Wwletric charges) are derivedretitly from the usage costs,

utilization rates for peak and offpeak time periods, amthal arc capacity. These fees are computed
as the average fees over each historical year, as follows:

FIXTAR oy = UCOST, / [(PKSHR_YR* PTPKUTZ.* PTCURPCAR; +

139
(1.0- PKSHR_YR) PTOPUTZ,* PTCURPCAR,) * MC_ PCWGDR] (139
where,
FIXTAR = annual fixed usage feéx existing and new capacity (87$/Mcf)
UCOST = annual usage cadtservice for existing and new capacity (dollars)
PKSHR_YR = portion of the year reggented by the peak season (fraction)
PTPKUTZ = peak pipeline utilization (fraction)
PTCURPCAP = current pipeline capacity (Bcf)
PTOPUTZ = offpeak pipeline utilization (fraction)
MC_PCWGDP = GDP chain-type pricefldor (from the Macroeconomic Activity
Module)
a = arc
t = historical year

Canadian Tariffs

In the historical year phase, Canadian tariffs are set to the historical differences between the import
prices and the Western @ada Sedimentary Bagiw/CSB) wellhead price.
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Computation of Storage Rates

The annual storage tariff for each NGTDM region aedrys defined as a function of storage flow

and is specified using a bapeint [price and quantity (PNOBQNOD)] and an assumed price
elasticity, as follows:

X1NGSTR_VARTAR.=PNOD.* (Q,,/ QNOD,, )*" T (140)
such that,
PNOD, = =TE5 *
" (MC_PCWGDR* QNOD, *1,000,000. (141)

STRATIO.* STCAP_ADJ,.* ADJ_STR

QNOD,, = PTCURPSTR:* PTSTUTZ, (142)
where,
XINGSTR_VARTAR = function to diane storage tariffs (87$/Mcf)
Q = peak period net storage withdrawals (Bcf), dependent variable in the
function
PNOD base point, price (87$/Mcf)
QNOD base point, quantity (Bcf)

ALPHA_STR = price elasticity for storage tariff curve (ratio, Appendix E)
STCOS =
cost-of-service components
MC_PCWGDP = GDP chain-type pricefld¢or (from the Macroeconomic Activity
Module)
STRATIO = portion of revenue requirenteobtained by moving gas from the
offpeak to the peak period (fraction, Appendix E)

STCAP_ADJ = adjustment factor for the cost of service to total U.S. (ratio), defined
as annual storage working gas capacity divided by Foster storage
working gas capacity

ADJ_STR = storage tariff curve adjustment factor (fraction, Appendix E)
PTSTUTZ = storage utilization (fraction)
PTCURPSTR = annual storage working gas capacity (Bcf)
r NGTDM region
t historical year

Forecast Year Update Phase

The purpose of the forecast year update phasei®fect, for each subsequent year of the forecast
period, the cost-of-service components by arcdhatused to develop rates for peak and offpeak
periods. For each year, the PTS forecasts the adpadeeldase, cost of capital, return on rate base,
depreciation, taxes, and operation and maimema&xpenses. The forecasting relationships are
discussed in detail below.
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After all of the components oféltost-of-service at the arc leask forecast, the PTS proceeds to:

(2) classify the components of thest of service as fixed and \aloie costs, (2) allocate fixed and
variable costs to rate componeifteservation and usage costs) based on the rate design, and (3)
compute arc-specific rates (variable anddixariffs) for peak and offpeak periods.

I nvestment Costs for Generic Pipeline Companies

The PTS projects the capital costs to expand pipeline capacity at the arc level, as opposed to
determining costs of expansion for individual companies. The PTS represents arc-specific generic
pipeline companies to generate the cost of capacity expansion by arc. Thus, the PTS tracks costs
attributable to capacity added during the forecast period separately from the costs attributable to
facilities in service in the historical years. TRES estimates the capital costs associated with the
level of capacity expansion forecast by the ITS in the previous forecast year based on exogenously
specified estimates for the costs associated with expanding capacity using compression, looping, and
new pipeline. These data were compiled by Fasteociates and include arc-specific (within and
between NGTDM regions) capital costs per unit of expansion in 1998 dollars-day per Mcf-mile.
These costs are to be adjusted for inflation fr@®8lthroughout the forecast period (i.e., they are

held constant in real terms).

Given the unit capital costs by type of expansion by arc, the PTS first computes the average unit
capital cost by arc based on the weightings for compression, existing pipelines, and new pipelines
that Foster has develop&dThen, the PTS increases this average unit capital cost by arc by a small
percentage to reflect additionadsts on pipeline replacements.nde, the capital cost to expand
capacity on a network arc can be estimated from any amount of capacity additions in year t provided
by the ITS and the associated unit capital cost. This capital cost represents the investment cost for
generic pipeline companies associated with that arc. The unit capital cost (G0©8dImputed

using the following equation:

CCOST, = (PCNT_C* CC_COMPR +PCNT_L* CC_LOOP], +
PCNT_N* CC_NEWPL)* (143)
(1..0+ PCNT_R)* MC_PCWGDP/MC_PCWGDR,,,

where,
CCOST = capital cost per unit of expansion (dollars-day per Mcf-mile)

PCNT_C = average percentage (fraction) for compression costs (Appendix E)
CC_COMPR = unit capital cost for compression (Appendix E)

PCNT_L = average percentage (fraction) for looping costs (Appendix E)

CC_LOOPI = unit capital cost for looping (Appendix E)

PCNT_N = average percentage (fraction) for new pipeline costs (Appendix E)
CC_NEWRPI = unit capital cost for new pipeline (Appendix E)

PCNT_R = assumed average percentage (fraction) for replacement costs

(Appendix E)

8Prepared for the Department of Energy: “Capital Costs for Gas Pipeline and Storage Project Expansions,” Foster Associates, Inc
May 1999, p. 5.
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MC_PCWGDP = GDP chain-type pricefldor (from the Macroeconomic Activity

Module)
a = arc
t = forecastyear

Given approximate mileage along each arc, the new capacity expansion expenditures allowed in the
rate base within a forecast year are derived from the above unit capital cost (G)Ca8ETthe
amount of incremental capacity additions detaad by the ITS for each arc, as follows:

NCAE,, = CCOST,, * (CAPADD,,/365)* (MILE_FAC* MILES,)*1,000,000  (144)

where,
NCAE = capital cost to expand capacity on a network arc (dollars)
CCOST = capital cost per unit of expansion (dollars-day per Mcf-mile)
CAPADD = capacity additions for ancaas determined in the ITS (Bcf/yr)
MILE_FAC = mileage factor to compute effective or real mileage (Appendix E)
MILES = length of transportation arc in miles (Appendix E)
a = arc
t = forecastyear

Once the capital cost of new plant in service is compoyetc in year t, this amount is used in an
accounting algorithm for the computation of gross plant in service for new capacity expansion along
with its depreciation, depletion, and amortizatidimese will in turn be used in the computation of
updated cost-of-service compotefor the existing and new capacity for an arc.

Forecasting Cost-of-Service™

The primary purpose in forecasting cost-of-service is to capture major changes in the composition of
the revenue requirements and major changesshtoends through the forecast period. These
changes may be caused by capacity expansion or maintenance and life extension of nearly
depreciated plants, as well as by changes in the cost and availability of capital.

The projection of the cost-of-service is approadnesh the viewpoint of a long-run marginal cost
analysis for gas pipeline systems. This diffieesn the determination afost-of-service for the
purpose of a rate case. Costs that are viewegexbfir the purposes of a rate case actually vary in

the long-run with one or more external measuresizd or activity levels in the industry. For
example, capital investments feplacement and refurbishment of existing facilities are a long-run
marginal cost of the pipeline system. Once in place, however, the capital investments are viewed as
fixed costs for the purposes of rate cases. The samue of operations and maintenance expenses
that, except for short-run variable costs such ek &me most commonly classified as fixed costs in

rate cases. For example, customer expenses logically vary over time based on the number of
customers served and the cost of serving each customer. The unit cost of serving each customer,
itself, depends on changes in the rate base and individual cost-of-service components, the extent
and/or complexity of service provided to each customer, and the efficiency of the technology level
employed in providing the service.

Al cost components in the fecast equations in this section are in nomitwdlars, unless explicitly stated otherwise.
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The long-run marginal cost approach generally projects total costs as the product of unit cost for the
activity multiplied by the incidence of the activity. Unit costs are projected from cost-of-service
components combined with time trends descrilhgnges in level of service, complexity, or
technology. The level of activity is projected@mms of variables externi the PTS (e.g., annual
throughput) that are both logically and empirically related to the incurrence of costs. Implementation
of the long-run marginal cost approach involves forecasting relationships developed through
empirical studies of historical change in pipeline costs, accounting algorithms, exogenous
assumptions, and inputs from other NEMS modules. Thesgafsting algorithms may be classified

into three distinct areas, as follows:

. The projection of adjusted rate base and cost of capital for the combined existing and
new capacity.

. The projection of component$ the revenue requirements.

. The computation of variable and fixed rates for peak and offpeak periods.

The empirically derived forecasting algorithms discussed below are determined for each network arc.

Projection of Adjusted Rate Base and Cost of Capital

The approach for projecting adjusted rate base and cost of capital at the arc level is summarized in
Table6-4. Long-run marginal capital costs of pipeline companies reflect changes in the AA utility
bond index rate. Once projected, the adjusted raeibaranslated intapital-related components

of the revenue requiremes based on projections of the cost of capital, total operating and
maintenance expenses, and algorithms for depreciation and tax effects.

The projected adjusted rate base for the combinstrexand new pipelines at the arc level in year

t is computed as the amount of gross plant in service in year t minus previessaygeamulated
depreciation, depletion, and amortization plus total cash working capital minus accumulated deferred
income taxes in year t.

APRB.: = GPIS, - ADDA a1+ CWCs; - ADIT o (145)
where,
APRB = adjusted rate base in dollars
GPIS = total capital cost of plant in service (gross plant in service) in dollars
ADDA = accumulated depreciation, depletion, and amortization in dollars
CWC = total cash working capital including other cash working capital in
dollars
ADIT = accumulated deferred income taxes in dollars
a = arc
t = forecastyear

All the variables in the above equation represent the aggregate variables for all interstate pipelines
associated with an arc. The aggregate variablabenght hand side of the adjusted rate base
equation are forecast by the equations below. FEotst,(existing and new) gross plant in service in

the forecast year is determined as the sum of existing gross plant in service and new capacity
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Table 6-4. Approach to Projection of Rate Base and Capital Costs

Projection Component Approach

1. Adjusted Rate Base
a. Gross plant in service in year t
I. Capital cost of existing plant in service

[1%
QD
=

Gross plant in service in the last historical
(2000)

Accounting algorithm [equation 147]
Accounting algorithm [equations 153, 154, 156
and empirically estimated for existing capacity
[equation 155]

User defined option for the combined existifg and
new capacity [equation 157]

Empirically estimated for the combined exigting
and new capacity [equation 158]

Existing Capacity: empirically estimated
[equation 155]

New Capacity: accounting algorithm [equation
156]

Il. Capacity expansion costs for new capacity
b. Accumulated Depreciation, Depletion &
Amortization

c. Cash and other working capital

d. Accumulated deferred income taxes

f. Depreciation, depletion, and amortization

2. Cost of Capital
a. Long-term debt rate

Projected AA utility bond yields adjusted by
historical average deviation constant for long-
term debt rate

Projected AA utility bond yields adjusted by
historical average deviation constant for preferged
equity rate

Projected AA utility bond yields adjusted by
historical average deviation constant for commpn
equity return

Held constant at average historical values

b. Preferred equity rate

c. Common equity return

3. Capital Structure

expansion expenditures added to existing grosd piaservice. New capacity expansion can be
compression, looping, and new pipelines. Fanpdification, the replacement, refurbishment,
retirement, and cost associateith new facilities for complyingvith Order 636 are not accounted

for in projecting total gross plant in service in year t. Total gross plant in service for a network arc is

forecast as follows:

GPIS, = GPIS_E. + GPIS_N,; (146)
where,
GPIS = total capital cost of plant in service (gross plant in service) in dollars
GPIS_E = gross plantin service in the last historical year (2000)
GPIS_N = capital cost of new plant in service in dollars
a = arc
t = forecastyear

In the above equation, the capital aofsexisting plant in service (GPISg freflects the amount of
gross plant in service in the last historical year (2000). The capital cost of new plant in service
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(GPIS_N,y in year t is computed as the accumulated new capacity expansion expenditures from
2001 to year t and is determinley the following equation:

t
GPIS_N.;= >, NCAEas (147)
s=2001
where,
GPIS_N = gross plant in service for new capacity expansion in dollars
NCAE = new capacity expansion expenditures occurring in year s after 2000

(in dollars) [equation 144]
S the year new expansion occurred
a = arc
t = forecastyear

Next, net plant in service in year t is determined as the difference between total capital cost of plant

in service (gross plant in service) in year t and previoussyaecumulated depreciation, depletion,
and amortization.

NPIS: = GPIS. - ADDA 11 (148)
where,
NPIS = total net plant in service in dollars
GPIS = total capital cost of plant in service (gross plant in service) in dollars
ADDA = accumulated depreciation, depletion, and amortization in dollars
a = arc
t = forecastyear

Accumulated depreciation, depletion, and amortization for the combined existing and new capacity
in year t is determined by the following equation:

ADDA ., =ADDA_ E,; + ADDA_ Ng; (149)
where,
ADDA = accumulated depreciation, depletion, and amortization in dollars
ADDA _E = accumulated depreciation, depletion, and amortization for existing

capacity in dollars

accumulated depreciation, depletion, and amortization for new
capacity in dollars

a = arc

t = forecastyear

ADDA_N

With this equation and the relationship between the capital costs of existing and new plants in
service from equation 146, total net plant in service (NiSset equal to the sum of net plant in
service for existing pipelines and new capacity expansions, as follows:

NPIS, = NPIS_E,; + NPIS_N., (150)
NPIS_E,,=GPIS_E,,- ADDA_ E.. (151)
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NPIS_N.;=GPIS_Na,- ADDA_N,u (152)

where,
NPIS = total net plant in service in dollars
NPIS_E = net plantin service for existing capacity in dollars
NPIS_N = net plant in service for new capacity in dollars
GPIS_E = gross plant in service in the last historical year (2000)
ADDA _E = accumulated depreciation, depletion, and amortization for existing
capacity in dollars
GPIS_N = gross plant in service for new capacity in dollars
ADDA_N = accumulated depreciation, depletion, and amortization for new
capacity in dollars
a = arc
t = forecastyear

Accumulated depreciation, depletion, and amortization for a network arc in year t is determined as
the sum of previous yearaccumulated depreciation, depletion, and amortization and curreat year
depreciation, deplein, and amortization.

ADDA.; = ADDA .1+ DDA (153)
where,
ADDA = accumulated depreciation, depletion, and amortization in dollars
DDA = annual depreciation, depletiaand amortization costs in dollars
a = arc
t = forecastyear

Annual depreciation, degion, and amortization for a netwoarc in year t is the sum of

depreciation, depletion, and amortization for the combined existing and new capacity associated with
the arc.

DDAa,t = DDA_ Ea,t + DDA_ Na,t (154)
where,
DDA = annual depreciation, defiln, and amortization in dollars
DDA_E = depreciation, depletion, and antization costs for existing capacity in
dollars

DDA_N = depreciation, depletion, and amortization costs for new capacity in dollars
a = arc
t = forecastyear

A regression equation is used to determine the annual depreciation, depletion, and amortization for
existing capacity associated with an arc, whila@ounting algorithm is used for new capacity. For
existing capacity, this expense is forecast as follows:

Energy Information Administration
6-24 NEMS Natural Gas Transmission and Distribution Module Documentation 2006



DDA_E.,=DDA_C,* (1- p) + DDA_NPIS* NPIS_E, ., +
DDA_NEWCAP* NEWCAP,:1+ 0* DDA_ Eay1- (155)
p* (DDA_NPIS* NPIS_E,,,+ DDA_NEWCAP* NEWCAP:.2)

where,
DDA_E = annual depreciation, deptati and amortization costs for existing
capacity in dollars
DDA_C = constant term, estimatbg arc (Appendix F, Table F3)
p = autocorrelation coefficient from estimation (Appendix F, Table F3 --
DDA _RHO)
DDA_NPIS = estimated coeffient for net plant in service for existing capacity

(Appendix F, Table F3)
DDA _NEWCAP = estimated coeffient for the change in gross plant in service for
existing capacity (Appendix F, Table F3)

NPIS_E = net plantin service for existing capacity (dollars)
NEWCAP = change in gross plant in service for existing capacity between t and t-
1 (dollars)
a = arc
t = forecastyear

The accounting algorithm used to define the anthejateciation, depletioand amortization for new
capacity assumes straight-line depreciation over a 30-year life, as follows:

DDA_ Na.;=GPIS_N,, /30 (156)
where,
DDA_N = annual depreciation, depleti@nd amortization for new capacity in
dollars
GPIS_N = gross plant in service for new capacity in dollars [equation 147]
30 = 30 years of plant life

a = arc
t = forecastyear

Next, total cash working capital (CWfor the combined existing and new capacity by arc in the
adjusted rate base equation consists of cash working capital, material and supplies, and other
components that vary by company. Total castkimg capital for pipeline transmission for existing

and new capacity at the arc level is deflated using the chain weighted GDP price index with 1996 as
abase. This level of cash working capital (R_GW!S determined using a log-linear specification

with correction for serial correlation given the economies in cash management in gas transmission.
The estimated equation used for R_CWC (AppefdiXable F3) is determined as a function of
gross plant in service and fraction of pipeline throughput accounted for by third party transportation

(CARRIAGE_C), as defined below:
R_CWCa,t — e(CWC_Ca*(l-p))* GPI éyvc_eplsk e(CWC_CARR* CARRIAGE_C,) *

(157)

* *CWC_GPISkx -p* CWC_CARR* CARRIAGE C;.
R_CWCE* GPISH,We-CFISk ghprewe Ceo)
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where,
R_CWC = total pipeline transmission cash working capital for existing and new

capacity (1996 real dollars)

CWC_G = estimated arc spedafconstant for gas transported from node to node
(Appendix F, Table F3)
p = autocorrelation coefficient from estimation (Appendix F, Table F3 --
CWC_RHO)
GPIS = capital cost of plant in service for existing and new capacity in dollars
(not deflated)
CWC_GPIS = estimated GPIS coefficient (Appendix F, Table F3)

CARRIAGE_C = fraction of pipeline throughput accounted for by the third party
transportation (this variable isdluded to account for the effect of
open access on the cost efficiency of the pipelines. Itis setto 1inthe
code to fully account faihe effect of open access.)

CWC_CARR = estimated coefficient for CARRIAGE_C (Appendix F, Table F3)
a = arc
t = forecastyear

Last, the level of accumulated deferred income taxes for the combined existing and new capacity on
a network arc in year t in the adjusted rate legsation depends on income tax regulations in effect,
differences in tax and book deprdma, and the time vintage of pastinstruction. The level of
accumulated deferred income taxes for the combined existing and new capacity is derived as
follows:

ADIT ., =ADIT_ C,+ADIT_ADIT * ADIT 2.2 + ADIT_NEWCAP* NEWCAP,;  (158)

where,
ADIT = accumulated deferred income taxes in dollars
ADIT_C = constant term estimated by arc (Appendix F, Table F3)

ADIT_ADIT estimated coefficient on lagged accumulated deferred income tax
(Appendix F, Table F3)
ADIT_NEWCAP = estimated coefficient othe change in gross plant in service
(Appendix F, Table F3)
NEWCAP = change in gross plant imsee for the combined existing and new
capacity between years t and t-1 (in dollars)
a = arc
t = forecastyear

Cost of capital. The capital-related components of the rew@requirement #te arc level depend

upon the size of the adjusted rate base and #teo€oapital to the pipeline companies associated

with that arc. In turn, the company level st capital depend upon thees of return on debt,
preferred stock and common equéwd the amounts of debt and #gin the overall capitalization.

Cost of capital for a company is the weighted average after-tax rate of return (WAROR) which is a
function of long-term debt, prafed stock, and common equity. & hate of return variables for
preferred stock, common equity, and debt aregeéle forecast macroeconomic variables. For the
combined existing and new capacity at the arc level, it is assumed that these rates will vary as a
function of the yield on AA utility bonds (provideby the Macroeconomic Activity Module as a
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percent) in year t adjusted by a historical average deviation constant, as follows:

PFER,: = MC_RMPUAANS /100.0+ ADJ_PFER, (159)
CMER.: = MC_RMPUAANS /100.0+ ADJ_CMER, (160)
LTDRa; = MC_ RMPUAANS /100.0+ ADJ_LTDR, (161)
where,
PFER: rate of return for preferred stock

CMER;
LTDR.
MC_RMPUAANS

common equity rate of return

long-term debt rate

AA utility bond index rate provided by the Macroeconomic Activity
Module (percentage)

historical average deation constant (fraction) for rate of return for
preferred stock (1991-2000, over @@&jor gas pipeline companies)
(D_PFER/100., Appendix E)

historical average deation constant (fraction) for rate of return for
common equity (1991-2000, over 28joragas pipeline companies)
(D_CMER/100., Appendix E)

historical average devtian constant (fraction) for long term debt rate
(1991-2000, over 28 major gas dipe companies) (D_LTDR/100.,
Appendix E)

a = arc
t = forecast year

ADJ_PFER

ADJ_CMER

ADJ_LTDR

The weighted average cost of capital in the foregaar is computed as the sum of the capital-
weighted rates of return for preferredct, common equity, and debt, as follows:

_ (PFER.* PFES;) * (CMERs* CMES,) * (LTDR 4 * LTDSay)

= 162
WAROR.: TOTCAP, (162)
TOTCAP,, = (PFES; + CMES;; + LTDSa) (163)
where,
WAROR = weighted-average after-tax rate of return on capital (fraction)
PFER = rate or return for preferred stock (fraction)
PFES = value of prefred stock (dollars)
CMER = common equity ta of return (fraction)
CMES = value of common stock (dollars)
LTDR = long-term debt rate (fraction)
LTDS = value of long-term debt (dollars)
TOTCAP = sum of the value of long-term debgferred stock, and common stock equity dollars)
a = arc
t = forecast year

The above equation can be written as a function of the rates of return and capital structure ratios as
follows:
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WAROR;; = (PFER.* GPFESTR;) + (CMERs* GCMESTR,,) + (164)
(LTDRa:* GLTDSTR.y)

where,
GPFESTR,: = PFES,;/ TOTCAP;, (165)
GCMESTR,;= CMES,;/ TOTCAP, (166)
GLTDSTRs: = LTDSs; / TOTCAP, (167)
and,
WAROR = weighted-average after-tax rate of return on capital (fraction)
PFER = coupon rate forgferred stock (fraction)
CMER = common equity ta of return (fraction)
LTDR = long-term debt rate (fraction)
GPFESTR = ratio of preferred stock to estimated capital for existing and new
capacity (fraction) [referred to as capital structure for preferred stock]
GCMESTR = ratio of common stock to estimated capital for existing and new
capacity (fraction)[referred to as capital structure for common stock]
GLTDSTR = ratio of long term debt to estimated capital for existing and new
capacity (fraction)[referred to as capital structure for long term debt]
PFES = value of prefred stock (dollars)
CMES = value of common stock (dollars)
LTDS = value of long-term debt (dollars)
TOTCAP = estimated capital equal to the sum of the value of preferred stock,
common stock equity, andrg-term debt (dollars)
a = arc
t = forecastyear

In the financial database, the estimated capital for each interstate pipeline is by definition equal to its
adjusted rate base. Hence, the estimated capital (TOJj0dfned in equation 163 is equal to the
adjusted rate base (APR{Bdefined in equation 145:

TOTCAP.: = APRB.; (168)

where,
TOTCAP = estimated capital in dollars
APRB = adjusted rate base in dollars
a = arc

t forecast year

Substituting the estimated capital TOTGAf®r the adjusted rate base variable ARRBequations

165 to 167, the values of preferred stock, commackstnd long term debly arc can be derived

as functions of the capital structure ratios and the adjusted rate base. Capital structure is the percent
of total capitalization @usted rate base) reggented by each of the three capital components:
preferred equity, common equityyéilong-term debt. The percentagé total capitalization due to
common stock, preferred stockydalong-term debt are considerixkd throughout the forecast.
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Assuming that the total capitalization fractions remain the same over the forecast horizon, the values
of preferred stock, commatock, and long-term deban be derived as follows:

PFES; = GPFESTR* APRBy
CMES, = GCMESTR.* APRBx; (169)
LTDS.: = GLTDSTR.* APRB;;

where,
PFES value of prefemlestock in nominal dollars
value of common equity in nominal dollars

CMES =
LTDS = long-term debt in nominal dollars
GPFESTR = ratio of preferred stockddjusted rate base for existing and new
capacity (fraction) [referred to as capital structure for preferred stock]
GCMESTR = ratio of common stock tojasted rate base for existing and new
capacity (fraction)[referred to as capital structure for common stock]
GLTDSTR = ratio of long term debt to adjusted rate base for existing and new
capacity (fraction)[referred to as capital structure for long term debt]
APRB = adjusted pipeline rate base (dollars)
a = arc

t forecast year

In the forecast year update phabe capital structures (GPFESTBCMESTR, and GLTDSTR)
at the arc level in the above etjoas are held constant over thedoast period. They are defined

below as the average adjusted rate base weigafethl structures over all pipelines associated with
an arc and over the histoal time period (1991-2000).

2000
> > (GPFESTRp:* APRBup.)
(170)

t=1991 p

GPFESTR= 5000

> > APRBup:

t=1991 p

2000
Y > (GCMESTRup:* APRBup.)
(171)

t=1991 p

GCMESTR, = —

> > APRBag:

t=1991 p

2000
Y > (GLTDSTRap:* APRB:p,)
(172)

_t=1991 p

GLTDSTR,= —

> > APRBag:

t=1991 p
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where,
GPFESTR = historical average capital structure for preferred stock for existing and
new capacity (fraction), held constant over the forecast period
GCMESTR = historical average capital structure for common stock for existing and
new capacity (fraction), held constant over the forecast period
GLTDSTR, = historical average capital structure for long term debt for existing and
new capacity (fraction), held constant over the forecast period
GPFESTR,;: = capital structure for preferred stock (fraction) by pipeline companyin
the historical years (1991-2000) (Appendix E)
GCMESTR,p: = capital structure for common stock (fraction) by pipeline company in
the historical years (1991-2000)(Appendix E)
GLTDSTR.p: = capital structure for long termlate(fraction) by pipeline company in
the historical years (1991-2000) (Appendix E)

APRB,,: = adjusted rate base (capitalization) by pipeline company in the
historical years (1991-2000) (Appendix E)
p = pipeline company
a = arc
t = historical year (1991-2000)

The weighted average cost of capital in thedast year in equation 164 is forecast as follows:

WAROR;; = (PFER.* GPFESTR) + (CMER. * GCMESTR) +

a73)
(LTDR4:* GLTDSTR.)
where,
WAROR = weighted-average after-tax rate of return on capital (fraction)
PFER = coupon rate for preferredgh (fraction), funtion of AA utility bond
rate [equation 159]
CMER = common equity rate of return (fraction), function of AA utility bond

rate [equation 160]
LTDR = long-term debt rate (fraction), function of AA utility bond rate

[equation 161]

GPFESTR = historical average capital structure for preferred stock for existing and
new capacity (fraction), held constant over the forecast period

GCMESTR = historical average capital structure for common stock for existing and
new capacity (fraction), held constant over the forecast period

GLTDSTR, = historical average capital structure for long term debt for existing and

new capacity (fraction), held constant over the forecast period

arc

a
t forecast year

The weighted-average after-tax rate of return on capital (WAR@Rapplied to the adjusted rate
base (APRB) to project the total returon rate base (after taxgsjso known as the after-tax
operating income, which is a majomsponent of the neenue requirement.
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Projection of Revenue Requirement Components

The approach to the projection of revemaguirement components is summarized able 6-5.

Given the rate base, rates ofure, and capitalization structupgojections discussed above, the
revenue requirement components aelatively straightforward tproject. The capital-related
components include total return oterbase (after taxedjederal and Statedome taxes; deferred

income taxes; other taxes; amhepreciation, depletion, and artipation costs. Other components
include total operating and maintenance expenses, and regulatory amortization, which is small and
thus assumed to be negligible in the forecast period. The total operating and maintenance expense
variable includes expenses fansmission of gas for others; adisirative and general expenses;

and sales, customer accounts ameoéexpenses. The total cossefvice (revenue requirement) at

the arc level for a forecast year is determined as follows:

TCOS.: = TRRBa + DDA + TOTAXa; + TOMa; (174)
where,
TCOS = total cost-of-service or revenue requirement for existing and new capacity
(dollars)
TRRB = total return on rate base for existing and new capacity after taxes (dollars)
DDA = depreciation, depletion, and artization for existing and new capacity
(dollars)
TOTAX = total Federal and State income tax liability for existing and new capacity
(dollars)
TOM = total operating and maintenance expenses for existing and new capacity
(dollars)
a = arc

t forecast year

The total return on rate base for existing and new capacity is computed from the projected weighted
cost of capital and estimated rate base, as follows:

TRRB.: = WAROR. * APRB.; (175)

where,
total return on rate base (after taxes) for existing and new capacity in

dollars

TRRB

WAROR = weighted-average after-tax rate of return on capital for existing and
new capacity (fraction)
APRB = adjusted pipeline rate base for existing and new capacity in dollars
a = arc
t = forecastyear

The return on rate base for existing and new dgpan an arc can be broken out into the three
components:

PFEN,; = GPFESTR* PFER.: * APRB;; (176)
CMEN,; = GCMESTR.* CMER.;* APRB; (177)
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Table 6-5. Approach to Projection of Revenue Requirements
Proj ection Component Approach

1. Capital-Related Costs
a. Total return on rate base

Direct calculation from projected rate base gnd
rates of return

Accounting algorithms based on tax rates

Difference in the accumulated deferred incoipe
taxes between years t and t-1

Estimated equation and accounting algorithm

b. Federal/State income taxes
c. Deferred income taxes

2. Depreciation, Depletion, and Amortizatio
3. Total Operating and Maintenance Expenses Estimated equation

Previous year's other taxes adjusted to inflatipn
rate and growth in capacity

4. Other Taxes

LTDN ;= GLTDSTR.* LTDR &t * APRB.; (178)

where,
PFEN = total return on preferred dtdor existing and new capacity (dollars)
GPFESTR = historical average capital structure for preferred stock for existing and new
capacity (fraction), held constant over the forecast period
PFER = coupon rate for preferred stéakexisting and new capacity (fraction)
APRB = adjusted rate base for existing and new capacity (dollars)
CMEN = total return on common stock equity for existing and new capacity (dollars)
GCMESTR historical average capital structure for common stock for existing and new
capacity (fraction), held constant over the forecast period
CMER = common equity rate of retufor existing and new capacity (fraction)
LTDN = total return on long-term debt for existing and new capacity (dollars)
GLTDSTR historical average capital structure ratio for long term debt for existing and new
capacity (fraction), held constant over the forecast period
LTDR = long-term debt rate faxisting and new capacity (fraction)
a = arc
t = forecast year

Next, annual depreciation, pletion, and amortization DDAfor a network arc in year t is calculated
as the sum of depreciation, defbn, and amortization for the mdined existing and new capacity

associated with the arc. DRQAS defined earlier in equation 154.

Next, total taxes consist of Federal income taxes, State income taxes, deferred income taxes, and
other taxes. Federal income taxes and State income taxes are calculated using average tax rates. The

equation for total taxes is as follows:

(179)

TOTAXa; = FSITag + DITa; + OTTAXx
(180)

FSlTa,t = FlTa,t + SlTa,t
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where,

TOTAX = total Federal and State income tax liability for existing and new
capacity (dollars)
FSIT = Federal and State income tax for existing and new capacity (dollars)
FIT = Federal income tax for existing and new capacity (dollars)
SIT = State income tax for existing and new capacity (dollars)
DIT = deferred income taxes for existing and new capacity (dollars)
OTTAX = all other Federal, State, or local taxes for existing and new capacity
(dollars)
a = arc
t =

= forecast year

Federal income taxes are derived from returnsitaneon stock equity and preferred stock (after-tax
profit) and the Federal tax rate. The after-tax profit is determined as follows:

ATPa; = APRB.:* (PFER* GPFESTR + CMER.;* GCMESTR)

(181)
where,
ATP = after-tax profit for existing and new capacity (dollars)
APRB = adjusted pipeline rate base for existing and new capacity (dollars)
PFER = coupon rate for preferrediock for existing and new capacity
(fraction)
GPFESTR = historical average capital structure for preferred stock for existing and
new capacity (fraction), held constant over the forecast period
CMER = common equity rate of return for existing and new capacity (fraction)
GCMESTR = historical average capital structure for common stock for existing and
new capacity (fraction), held constant over the forecast period
a = arc
t =

= forecast year

and the Federal income taxes are:

FIT. = (FRATE*ATP,, /1.- FRATE)

(182)
where,
FIT = Federal income tax for existing and new capacity (dollars)
FRATE = Federal income taate (fraction, Appendix E)
ATP = after-tax profit for existing and new capacity (dollars)
a = arc
t = forecastyear

State income taxes are computed by multiplying the sum of taxable profit and the associated Federal
income tax by a weighted-average State tax rate associated with each pipeline company. The

weighted-average State tax rate is based on peak service volumes in each State served by the pipeline
company. State income taxes are computed as follows:

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 6-33



SITar =SRATE* (FITa + ATPay) (183)

where,
SIT = State income tax for existing and new capacity (dollars)
SRATE = average State income tax rate (fraction, Appendix E)
FIT = Federal income tax for existing and new capacity (dollars)
ATP = after-tax profits for existing and new capacity (dollars)
a = arc
t = forecastyear

Deferred income taxes for existing and new capacity at the arc level are the differences in the
accumulated deferred income taxes between year t and year t-1.

DITa; = ADIT ot - ADIT a1 (184)
where,
DIT = deferred income taxes for existing and new capacity (dollars)
ADIT = accumulated deferred income taxes for existing and new capacity
(dollars)
= arc
t = forecastyear

Other taxes consist of a comhiioa of ad valorem taxes (whiajrow with company revenue),
property taxes (which grow in proportion to grgésnt), and all other tasglassumed constant in

real terms). Other taxes in year t are determined as the previous year's other taxes adjusted for
inflation and capacity expansion.

OTTAX 2t = OTTAX ata* EXPFAC,:* (MC_ PCWGDR /MC_ PCWGDR.) (185)

where,
OTTAX = all other taxes ssessed by Federal, Stabe,local governments except
income taxes for existing and new capacity (dollars)

EXPFAC = capacity expansion factor (growth in capacity) from previoussyear
capacity
MC_PCWGDP = GDP chain-type price dedlaffrom the MacroeconoimActivity Module)
a = arc
t = forecast year

The capacity expansion factor is expressed as follows:
EXPFAG., = PTCURPCAR,/ PTCURPCAR. (186)

where,
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EXPFAC = capacity expansion factor (growth in capacity)
PTCURPCAP = current pipeline capacity (Bcf) for existing and new capacity
a = arc
t = forecastyear

Last, the total operating and maintenance costs for existing and new capacity by arc (B_ar&M
determined using a log-linear form, given the econsmifescale inherent in gas transmission. The
estimated equation used for R_TOM (Appendix ll&d&3) is determined as a function of gross
plant in service, amount of gross plant in sesvadded to arc a during year t (NEWCAP), ratio of
accumulated DDA to GPIS measured at the beginning of year t (DEPSHR), and fraction of pipeline
throughput accounted for by third party traogation (CARRIAGE_T), as defined below:

R TOMa; = e(TOM_Ca*(l-p)) * GP| g?M_GPIS* e(TOM_NEWCAP* NEWCAP,;) % e(TOM_DEPSH?* DEPSHRut.1) *

e(TOM_CARR CARRIAGE_T,,) % R_TOM?’.* GPIS? TOM_GPISk

at1l 1 (187)
e(-p* TOM_NEWCAP* NEWCAP, 1) * e(-p* TOM_DEPSHR* DEPSHR,.2) *
e(- p* TOM_CARR* CARRIAGE T 51.1)
where,
R_TOM = total operating andaintenance cost for existjrand new capacity (1996 real
dollars)
TOM_GC, = arc specific constant for gas transported, estimated by arc (Appendix F, Table
F3)
p = estimated autocorrelation coefficient (Appendix F, Table F3 -- TOM_RHO)
GPIS = capital cost of plant in service for existing and new capacity in dollars (not
deflated)
TOM_GPIS = estimated GPIS coefficient (Appendix F, Table F3)
NEWCAP = amount of gross plantservice added to arc a during year t
TOM_NEWCAP = estimated NEWCAP coefficient (Appendix F, Table F3)
DEPSHR = ratio of accumulated DDA to GPIS measured at the beginning of year t
TOM_DEPSHR = estimated DEPSHR coefficient (Appendix F, Table F3)

CARRIAGE_T = fraction of pipeline throughput @emted for by third party transportation (to
account for the effect of open access on etiitiency, set to 1 to account for
the effect of open access.)

TOM_CARR = estimated CARRIAGE_T coefficient (Appendix F, Table F3)
a = arc

t forecast year

Finally, for consistency the totaperating and maintenance costs@nverted to nominal dollars,
as follows:

MC_PCWGDR (188)
MC_ PCWGDRygs

TOMa; =R_TOM4*

where,
TOM = total operating and maintenance costs for existing and new capacity (hominal

dollars)
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R_TOM = total operating andaintenance costs for existing and new capacity (1996 real

dollars)
MC_PCWGDP = GDP chain-type price deflaffrom the Macroeconomic Activity Module)
a = arc

t = forecast year
Once all four components (TRRBDDA,, TOTAX,, TOM, ) of the cost-of-service of equation

174 are computed by arc in year t, each of tivaihbe disaggregated into fixed and variable costs
which in turn will be disaggregated further into reservation and usage costs using the allocation
factors for a straight fixed variable (SFV) rate design summariz€dlite 6-6.2° Note that the

return on rate base (TRRBhas three components (PEENCMEN, ;, and LTDN, ;[equations 176,

177, and 178)).

Disaggregation of Cost-of-Service Componentsinto Fixed and Variable Costs

Let Item 4 be a cost-of-service compondnrtcost component index, arc, and t=forecast year).

Using the first group of ratesign allocation factorg (T able 6-6), all the components of cost-of-
service computed in the above section can be splitinto fixed and variable costs, and then summed
over the cost categories to determine fixed and variable costs-of-service as follows:

FCai= Y (&% ltema) (189)
VCa,t = Z [(10' E.) * |temi,a,t] (190)
TCOS,=FCqt +VCay (291)
where,
TCOS = total cost-of-service for existing and new capacity (dollars)
FC = fixed cost for existing and new capacity (dollars)
VC = variable cost for existing and new capacity (dollars)
ltema: = cost-of-service componeimdex at the arc level
& = first group of allocation factorsatios) to disaggregate the cost-of-
service components into fixed and variable costs
I = subscript to designate a cadtservice component (i=1 for PFEN,
i=2 for CMEN, i=3 for LTDN, i=4 for DDA, i=5 for FSIT, i=6 for
DIT, i=7 for OTTAX, and i=8 for TOM)
a arc

t forecast year

Disaggregation of Fixed and Variable Costsinto Reservation and Usage Costs

Each type of cost-of-service cponent (fixed or variable) in thebove equations can be further
disaggregated into reservation and usage costg tl®e second and thigroups of rate design

allocation factorg, andy; (Table 6-6), as follows:

8 The allocation factors of SFV rate design are given in percent in this table for illustration purposes. They are ctmaited in
immediately after they are read in from the input file by dividing by 100.
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Table 6-6. Percentage Allocation Factorsfor a Straight Fixed Variable (SFV) Rate Design

Cost-of-service ltems Break up cost-of- Break up variable
(percentage) serviceitemsinto Break up fixed cost cost itemsinto
[Iltem; 5, i=cOSt component fixed and variable itemsintoreservation | reservation and usage
index, a=arc, t=year] costs and usage costs costs
Item; 5 FCiat VGCiat RFC; ot UFC; ot RVC; UVCi .,
Cost Allocation Factors & 100 - & A 100 - A Tr 100-;
After-tax Operating Income
Return on Preferred Stocks 100 0 100 0 0 100
Return on Common Stocks 100 0 100 0 0 100
Return on Long-Term Debt 100 0 100 0 0 100
Normal Operating Expenses
Depreciation 100 0 100 0 0 100
Income Taxes 100 0 100 0 0 100
Deferred Income Taxes 100 0 100 0 0 100
Other Taxes 100 0 100 0 0 100
Total O& M 60 40 100 0 0 100
RFC: =Y (A * &* ltemay) (192)
i
UFCy = Z [(1.0-2)* in * Item,a,t] (193)
I
RVCa: =D [14* (1.0-&)* ltem ] (194)
i
UVCa; = D [(1.0- 1) * (1.0- &) * Item; o] (195)
I
TCOS:=RFCy: t UFCy: + RVCa + UVCay; (196)
where,
TCOS = total cost-of-service for existing and new capacity (dollars)
RFC = fixed reservation cost for existing and new capacity (dollars)
UFC = fixed usage cost for existing and new capacity (dollars)
RVC = variable reservation cost for existing and new capacity (dollars)
UVC = variable usage cost for existing and new capacity (dollars)
ltema: = cost-of-service componeimdex at the arc level
& = first group of allocatiofactors to disaggregate cost-of-service components into
fixed and variable costs
A = second group of allocation factors teafigregate fixed costs into reservation
and usage costs
wi = third group of allocation factors to dggaegate variable costs into reservation

and usage costs
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i = subscript to designate a cost-ofvsee component (i=1 for PFEN, i=2 for
CMEN, i=3 for LTDN, i=4 for DDA, i=5 for FSIT, i=6 for DIT, i=7 for
OTTAX, and i=8 for TOM)

arc

a
t forecast year

The summation of fixed and variablkeservation costs (RFC and RVC) yields the total reservation
cost (RCOST). This can be disaggregated furttierpeak and offpeak reservation costs, which are
used to develop variable tariffsr peak and offpeak time peds. The summation of fixed and
variable usage costs (UFC and UVC), which yields the total usage cost (UCOST), is used to compute
the annual average fixed usage fees. Both typested are developed the next section. The
equations for the reservation and wesagsts can be expressed as follows:

(197)

RCOST; = (RFCy + RVCay)
(198)

UCOSTy = (UFCyst + UVCay)

where,
reservation cost for existing and new capacity (dollars)

RCOST =
UCOST = annual usage cost foistixg and new capacity (dollars)
RFC = fixed reservation cost for existing and new capacity (dollars)
UFC = fixed usage cost for existing and new capacity (dollars)
RVC = variable reservation cost for existing and new capacity (dollars)
UVC = variable usage cost for existing and new capacity (dollars)
a = arc

t forecast period

As Table 6-6 indicates, all the fixed costs are included in the reservation costs and all the variable
costs are included in the usage costs.

Computation of Ratesfor Forecast Years

The reservation and usage costs-of-service EC@nd UCOST determined above are used
separately to develop two types of rates at the arc harédbletariffsand annual fixed usage fees.

The determination of bothtes is described below.

Variable Tariff Curves

Variable tariffs are proportional teservation charges and are broken up into peak and offpeak time
periods. Variable tariffs are derived directlyrfroariable tariff curvewhich are developed based
on reservation costs, utilization rates, annual flows, and other curve parameters.

In the PTS code, these variable curves are defined by a FUNCTION (NGPIPE_VARTAR) which is
called by the ITS to compute the variable tariffs for peak and offpeak by arc and by forecast year. In
this pipeline function, the tariff curves are segmented such that tariffs associateminnet
capacity and capacity expansion are represented by separate &imilar equations. A uniform
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functional form is used to defirnthese tariff curves for both theirrent capacity andcapacity
expansion segments of the tariff curves. Itis defined as a function of a base point [price and quantity
(PNOD, QNOD)] using differenprocess-specific parameters, peak or offpeak flow, and a price
elasticity. This functional form is presented below:

current capacity segment:

NGPIPE_VARTAR.; = PNOD,* (Q,, / QNOD,, )* """ (199)
capacity expansion segment:

NGPIPE_VARTAR; = PNOD,* (Q,, / QNOD, )" ™" *-"* (200)
such that,

for peak transmission tariffs:

RCOST, * PKSHR_YR
PNOD,, = " (201)
(QNOD,,* MC_ PCWGDR)

QNOD,, = PTCURPCAR;* PKSHR_YR* PTPKUTZ,* ADJ_PIP+

PTNETFLOW, * (1.0- ADJ_PIP)
for offpeak transmission tariffs:

(202)

RCOST,* (1.0- PKSHR_YR
PNOD, = : *( ) (203)
(QNOD,,* MC_PCWGDR)

QNOD,, = PTCURPCAR,* (1-PKSHR_YR)* PTPKUTZ,* ADJ_PIP+

(204)
PTNETFLOW, * (1.0- ADJ_PIP)
where,
NGPIPE_VARTAR = function to dae pipeline tariffs (87$/Mcf)
PNOD = base point, price (87$/Mcf)
QNOD = base point, quantity (Bcf)
Q = flow along pipeline arc (Bcf)
ALPHA_PIPE = price elasticity for pipeline tariff curve for current capacity (Appendix
E)
ALPHA2_PIPE = price elasticity for pipeline tariff curve for capacity expansion
segment (Appendix E)
RCOST = reservation cost-of-service (million dollars)
PTPKUTZ = peak pipeline utilization (fraction)
PTOPUTZ = offpeak pipeline utilization (fraction)
PTCURPCAP = current pipeline capacity (Bcf)
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PTNETFLOW natural gas flow (throughput, Bcf)

ADJ_PIP = pipeline tariff curve adjusent factor (fraction, Appendix E)
PKSHR_YR = portion of the year reggented by the peak season (fraction)
MC_PCWGDP = GDP chain-type pricefldor (from the Macroeconomic Activity
Module)
a = arc
t = forecastyear

Annual Fixed Usage Fees

The annual fixed usage fees (volunetharges) are derived directly from the usage costs, peak and

offpeak utilization rates, and annual arc capacity. These fees are computed as the average fees over
each forecast year, as follows:

FIXTAR 2; = UCOST,: / [(PKSHR_YR* PTPKUTZ.* PTCURPCAR; +

205
(1.0- PKSHR_YRY PTOPUTZ,* PTCURPCAR,)* MC_ PCWGDF?]( o)
where,
FIXTAR = annual fixed usage feés existing and new capacity (87%$/Mcf)
UCOST = annual usage cost for existing and new capacity (million dollars)
PKSHR_YR = portion of the year reygented by the peak season (fraction)
PTPKUTZ = peak pipeline utilization (fraction)
PTCURPCAP = current pipeline capacity (Bcf)
PTOPUTZ = offpeak pipeline utilization (fraction)
MC_PCWGDP = GDP chain-type pricefld¢or (from the Macroeconomic Activity
Module)
a = arc
t = forecastyear

As can be seen from the allocation factord @able 6-6, usage costs (UCOST) are less than 10
percent of reservation sts (RCOST). Therefore, annual fixezhge fees which are proportional to

usage costs are expected to be less than 10 percent of the variable tariffs. In general, these fixed fees
are within the range of 5 percent of the variable tariffs which are charged to firm customers.

Canadian Fixed and Variable Tariffs

Fixed and variables tariffs along i@adian import arcs are defined uginput data. Fixed tariffs are
obtained directly from the ¢& (Appendix E, ARC_FIXTAR,), while variables tariffs are
calculated in the FUNCTION subroutine (NGPIPE_VARTAR) and are based on pipeline utilization
and a maximum expected tariff, CNMAXTAR. If the pipeline utilization along a Canadian arc for
any time period (peak or offpeak) is less than 50 percent, then the pipeline tariff is set to a low level
(70 percent of CNMAXTAR). If the Canadian pipeline utilization is between 50 and 90 percent,
then the pipeline tariff is set to a level between 70 and 80 percent of CNMAXTAR. The sliding
scale is determined using the corresponding utilization factor, as follows:
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NGPIPE_VARTAR.: = CNMAXTAR -[CNMAXTAR * (1.0-0.9)* 2.0]- (206)
[CNMAXTAR * (0.9- CANUTIL o) * 0.25]

If the Canadian pipeline utilization is greater than 90 percent, then the pipeline tariff is set to between
80 and 100 percent of CNMAXTAR. This &ccomplished again using Canadian pipeline

utilization, as follows:

NGPIPE_VARTAR.; = CNMAXTAR -[CNMAXTAR * (1.0- CANUTIL .,) * 2.0] (207)

where,
CANUTIL 5= —2 (208)
* QNOD,,
for peak period:
QNOD,, = PTCURPCAR;* PKSHR_YR* PTPKUTZ,, (209)
for offpeak period:
QNOD,, = PTCURPCAR,* (1.0- PKSHR_YR)* PTOPUTZ; (210)

and,

NGPIPE_VARTAR = function to dae pipeline tariffs (87$/Mcf)
maximum effective tafi (87$/Mcf, ARC_VARTAR, Appendix E)

CNMAXTAR
CANUTIL pipeline utilization (fraction)
QNOD base point, quantity (Bcf)

Q = flow along pipeline arc (Bcf)
PKSHR_YR = portion of the year reggented by the peak season (fraction)

PTPKUTZ peak pipeline utilization (fraction)
PTCURPCAP current pipeline capacity (Bcf)
PTOPUTZ offpeak pipeline utilization (fraction)
a arc
t forecast year

For the eastern and western Canadian storage regions, the “variable” tariff is set to zero and only the
assumed “fixed” tariff (Appendi, ARC_FIXTAR) is applied.
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Storage Tariff Routine M ethodology

Background

This section describes the methodology thptases a placeholder function which was used to
assign a storage tariff for each region in Amaual Energy Outlook 2000 version of the Pipeline

Tariff Submodule. All variales and equations presentedow are used for the fecast time period
(1999-2030). If the time period t is less than 1999, the associated variables are set to the initial
values read in from the input filEoster’s storagénancial databad&by region and year, 1990-
1998).

This section starts with the presentation of the natural gas storage cost-of-service equation by region.
The equation sums four compmie to be forecast: after-&xotal return on rate base (operating
income); total taxes; depreciation, depletiord amortization; and totaperating and maintenance
expenses. Once these four gmments are computed, the regiostrage cost of service is
projected and, with the associated effective storage capacity provided by the ITS, a storage tariff
curve can be established (as ddsmamtiat the end of this section).

Cost-of-Service by Storage Region

The cost-of-service (or revenue requirement) for existing and new storage capacity in an NGTDM
region can be written as follows:

STCOS:=STBTOl.+STDDA + STTOTAX + STTOM;, (211)
where,
STCOS = total cost-of-service or rene requirement for existing and new
capacity (dollars)

STBTOI = total return on rate base for existing and new capacity (after-tax
operating income) (dollars)
STDDA = depreciation, depletion,nd amortization for existing and new
capacity (dollars)
STTOTAX = total Federal and State income tax liability for existing and new
capacity (dollars)
STTOM = total operating and maintenance expenses for existing and new

capacity (dollars)
r = NGTDM region
t = forecastyear

The storage cost-of-service by region is firsmpoted in nominal dollars and subsequently
converted to 1987$ for use in the computatiba base for regional storage tarify®D (87$/Mcf).
PNOD is used in the development of a regionabsgetariff curve. Angproach is developed to

81 Natural Gas Storage Financial Data, compiled by Foster Associates, Inc., Bethesda, Maryland for EIA under purchase order #01-
99EI36663 in @cember 01999. This data set includes financial information on 33 major storage companies. The primary source of

the data is FERC Form 2 (or Form 2A for the smaller pipelines). These data can be purchased from Foster Associates.
82 After-tax’ in this section refers to ‘after taxes have been taken out.’
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project the storage cost-of-service in nominal dolbgrBIGTDM region in year t and is provided in
Table 6-7.

Table 6-7. Approach to Projection of Storage Cost-of-Service

Projection Component Approach
1. Capital-Related Costs
a. Total return in rate base Direct calculation from projected rate base a@nd
rates of return
b. Federal/State income taxes Accounting algorithms based on tax rates
c. Deferred income taxes Difference in the accumulated deferred incofne
taxes between years t and t-1
2. Depreciation, Depletion, and Amortizan Estimated equatioand accounting algorithm
3. Total Operating and Maintenance Expenses Estimated equation
4. Other Taxes Previous year’s other taxes adjusted to inflatipn
rate and growth in capacity

Computation of total return on rate base (after-tax operating income), STBTOI, ;

The total return on rate base for existing and new capacity is computed from the projected weighted
cost of capital and estimated rate base, as follows:

STBTOl:=STWAROR.* STAPRB; (212)
where,
STBTOI = total return on rate base (after-tax operating income) for existing and new
capacity in dollars
STWAROR = weighted-average after-tax rate of return on capital for existing and new
capacity (fraction)
STAPRB = adjusted storage rate base for existing and new capacity in dollars
r NGTDM region
t forecast year

The return on rate base for existing and newesfe capacity in an NGTDM region can be broken
out into three components as shown below.

STPFEN, =STGPFESTR* STPFER,* STAPRB, (213)
STCMEN. =STGCMESTR* STCMER,* STAPRB (214)
STLTDN,=STGLTDSTR * STLTDR.* STAPRB; (215)
where,
STPFEN = total return on preferred stock for existing and new capacity (dollars)
STPFER = coupon rate for preferrstbck for existing and new capacity
(fraction)
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STGPFESTR = historical average capital structure for preferred stock for existing and
new capacity (fraction), held constant over the forecast period
STAPRB = adjusted rate base for existing and new capacity (dollars)
= total return on common stock equity for existing and new capacity

STCMEN
(dollars)
STGCMESTR = historical average capital structure for common stock for existing and
new capacity (fraction), held constant over the forecast period
STCMER = common equity rate of return for existing and new capacity (fraction)
STLTDN = total return on long-term debt for existing and new capacity (dollars)
STGLTDSTR = historical average capital structure ratio for long term debt for
existing and new capacity (fraction), held constant over the forecast
period
STLTDR long-term debt ratef@xisting and new capacity (fraction)

r NGTDM region
t forecast year
Note that the total return on rdtase is the sum of the abovations and can be expressed as:

(216)

STBTOLl.: = (STPFEN; + STCMEN,: + STLTDN,)

It can be seen from the above equations thattbighted average rate of return on capital for
existing and new storage capacity, STWARQRBan be determined as follows:

STWAROR,: = STPFER,* STGPFESTR*+ STCMER* STGCMESTR * (217)

STLTDR::* STGLTDSTR
The historical average capital structure ratios STGPFESIIRECMESTR and STGLTDSTRIN

the above equation are computed as follows:

1998

Y STPFES

STGPFESTR= 5" (218)
> STAPRB:

t=1990

1998

Y. STCMES:

STGCMESTR =3¢ (219)
Y STAPRB.

t=1990

1998

> STLTDS.

STGLTDSTR =555 (220)
> STAPRB.

t=1990
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where,

STGPFESTR = historical average capital structure for preferred stock for existing and
new capacity (fraction), held constant over the forecast period
STGCMESTR = historical average capital structure for common stock for existing and
new capacity (fraction), held constant over the forecast period
STGLTDSTR = historical average capital structure ratio for long term debt for
existing and new capacity (fraction), held constant over the forecast
period
STPFES = value of preferred stock for existing capacity (dollars) [read in as
D_PFES]
STCMES = value of common stock equfiy existing capacity (dollars) [read in
as D_CMES]
STLTDS = value of long-term debt for existing capacity (dollars) [read in as
D_LTDS]
STAPRB adjusted rate base for existing capacity (dollars) [read in as D_APRB]

r = NGTDM region
t = forecastyear

In the STWAROR equation, the rate of return &bles for preferred stockpmmon equity, and debt
(STPFER;, STCMER;, and STLTDR;) are related to forecast maeconomic variables. These
rates of return can be determined as a function of nominal AA utility bond index rate (provided by
the Macroeconomic Module) and a regional hiseraverage constadeviation as follows:

STPFER, =MC_RMPUAANS /100.0+ ADJ_STPFER (221)
STCMER, = MC_RMPUAANS /100.0+ ADJ_STCMER (222)
STLTDR, = MC_RMPUAANS /100.0+ ADJ_STLTDR, (223)
where,
STPFER: = rate of return for preferred stock
STCMER; = common equity rate of return
STLTDR: = long-term debt rate

AA utility bond index rate provided by the Macroeconomic Activity
Module (percentage)

ADJ_STPFER = historical weighted average detioa constant (fraction) for preferred

stock rate of return (1990-1998)

ADJ_STCMER = historical weighted average datton constant (fraction) for common
equity rate ofeturn (1990-1998)

historical weighted average dewa constant (fraction) for long term
debt rate (1990-1998)

NGTDM region

forecast year

MC_RMPUAANS

ADJ_STLTDR

r
t

The historical weighted average deviation constants by NGTDM region are computed as follows:
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%8 STLTDN:,

> STLTDS -MC_RMPUAANS /100.)* STGPIS,
ADJ_STLTDR, = T (224)
> STGPIS:
t=1990
& STPFE
> S_l_PFE::-MC_RMPUAANS/loo-)* STGPIS,
ADJ_STPFER="2 — (225)
D STGPIS:
t=1990
& STCMEN
Y ?N”ES‘-MC_RMPUAANSHOO-)* STGPIS;
ADJ_STCMER =2 T (226)
> STGPIS;
t=1990
where,
ADJ_STLTDR = historical weighted average deviation constant (fraction) for long term debt
rate
ADJ STCMER = historical weighted average dewaticonstant (fraction) for common equity
rate of return
ADJ_STPFER = historical weighted average dewsticonstant (fractiorfpr preferred stock
rate of return
STPFEN = total return on preferred stock for existing capacity (dollars) [read in as
D_PFEN]
STCMEN = total return on common stock equity for existing capacity (dollars) [read in
as D_CMEN]
STLTDN = total return on long-term debt for existing capacity (dollars) [read in as
D_LTDN]

STPFES = value of preferred stock for &rig capacity (dollars) [read in as D_PFES]
STCMES = value of common stock equity &xisting capacity (dollars) [read in as
D_CMES]
value of long-term debt for existing capacity (dollars) [read inas D_LTDS]
AA utility bond index rate provided by the Macroeconomic Activity
Module (percentage)
STGPIS = original capital cost of plant in service (dollars) [read in as D_GPIS]

r = NGTDM region

t = forecastyear

STLTDS =
MC_RMPUAANS =

Computation of adjusted rate base, STAPRB, *

The adjusted rate base for existing and new storage facilities in an NGTDM region has three
components and can be written as follows:

%I this section, any variable ending with “_E” will signifyattthe variable is for the existing storage capacity as of thefen
1998, and any variable ending with “_N" will mean that the variable is for the new storage capacity added from 1999 to 2025.
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STAPRB,=STNPIS:+STCWG,-STADIT, (227)
where,

STAPRB = adjusted storage rate base for existing and new capacity (dollars)
STNPIS = net plant in service for existing and new capacity (dollars)

STCWC = total cash working capital for existing and new capacity (dollars)
STADIT = accumulated deferred income taxes for existing and new capacity

(dollars)
NGTDM region
forecast year

r
t

The net plant in service is the level of gross plant in service minus the accumulated depreciation,
depletion, and amortization. Itgsven by the following equation:

STNPIS,; =STGPIS:- STADDA .1 (228)
where,
STNPIS = net plant in service for existing and new capacity (dollars)
STGPIS = gross plant in service for existing and new capacity (dollars)
STADDA = accumulated depreciation, depletion, and amortization for existing
and new capacity (dollars)
NGTDM region
forecast year

r
t

The gross and net plant-in-service variables can be written as the sum of their respective existing and
new gross and net plants in service as follows:

NGTDM region
forecast year

STGPIS;=STGPIS_E,; +STGPIS_N,, (229)
STNPIS:=STNPIS_E,, + STNPIS_N,, (230)
where,
STGPIS = gross plant in service for existing and new capacity (dollars)
STNPIS = net plantin service for existing and new capacity (dollars)
STGPIS_E = gross plant in service for existing capacity (dollars)
STGPIS_N = gross plant in service for new capacity (dollars)
STNPIS_E = net plantin service for existing capacity (dollars)
STNPIS_N = net plantin service for new capacity (dollars)

r
t
For the same reason as above, the accumulated dejoreailepletion, andmortization for t-1 can

be split into its existing andew accumulated depreciation:

STADDA, . =STADDA_E,;+STADDA_N; 1 (231)

where,
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STADDA = accumulated depreciation, depletion, and amortization for existing
and new capacity (dollars)
STADDA E = accumulated depreciation, depletion, and amortization for existing
capacity (dollars)
STADDA N = accumulated depreciation, depletion, and amortization for new

capacity (dollars)
r = NGTDM region
t = forecastyear

The accumulated depreciation for the current year t is expressed as last year's accumulated
depreciation plus this year’'s depration. For the separate existing and new storage capacity, their
accumulated depreciation, depletion, and amdrbzaan be expressed separately as follows:

STADDA_E, =STADDA_E,.,+STDDA_E,, (232)
STADDA_N,,=STADDA N, ., +STDDA_N;, (233)
where,
STADDA E = accumulated depreciation, depletion, and amortization for existing

capacity (dollars)

accumulated depreciation, depletion, and amortization for new
capacity (dollars)

depreciation, depletion, and amortization for existing capacity
(dollars)

depreciation, depletion, aadhortization for new capacity (dollars)
NGTDM region

forecast year

STADDA_N

STDDA_E

STDDA_N
r
t

Total accumulated depreciation, depletion, and amortization for the combined existing and new
capacity by storage region in year t is determined as the sum of previous year’'s accumulated
depreciation, depletion, and amortization and cugresit's depreciation, @éetion, and amortization

for that total capacity.

STADDA, =STADDA, ..+ STDDA; (234)

where,
STADDA accumulated depreciation, depletion, and amortization for existing
and new capacity in dollars
STDDA = annual depreciation, depletiamd amortization for existing and new
capacity in dollars
r = NGTDM region

t = forecastyear

Computation of annual depreciation, depletion, and amortization, STDDA, ;

Annual depreciation, degtion, and amortization for a stomgegion in year t is the sum of
depreciation, depletion, and amortization for the combined existing and new capacity associated with
that region.
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STDDA,=STDDA_E,; + STDDA_ N, (235)
where,

STDDA = annual depreciation, depletiongdamortization for existing and new capacity
in dollars
STDDA _E depreciation, depletion, and amatian costs for existing capacity in dollars

depreciation, depletion, and atiEation costs for new capacity in dollars
NGTDM region

STDDA_N
r
t forecast year

A regression equation is used to determine timial depreciation, deplet, and amortization for
existing capacity associated with an NGTDM region, while an accounting algorithm is used for new
storage capacity. For existing capacity, this depreciation expense by NGTDM region is forecast as
follows:

STDDA_E,,=STDDA_CREG +STDDA_NPIS STNPIS_E, .,

(236)
+STDDA_NEWCAP* STNEWCAR;
where,
STDDA_E = annual depreciatiotepletion, and amortization i3 for existing capacity in
dollars
STDDA_CREG = constant term estimated by region (Appendix F, Table F3)
STDDA_NPIS = estimated coefficient for net planservice for existing capacity (Appendix F,

Table F3)
estimated coefficient for theatiye in gross plant in service for existing
capacity (Appendix F, Table F3)

STDDA_NEWCAP

STNPIS_E = net plant in service for existing capacity (dollars)
STNEWCAP = change in gross plant in service for existing capacity (dollars)
r = NGTDM region
t = forecast year

The accounting algorithm used to define the anthejaeciation, depletioand amortization for new
capacity assumes straight-line depreciation over a 30-year life, as follows:

STDDA_N,,=STGPIS_N,,/30 (237)

where,
STDDA_N
STGPIS_N
30

annual depreciation, depletiondaamortization for newapacity in dollars
gross plant in service for new capacity in dollars

30 years of plant life

NGTDM region

forecast year

r
t
In the above equation, the capital cofstew plant in service ( STGPIS jNin year tis computed as

the accumulated new capacity expansion expendiftmen 1999 to year t and is determined by the
following equation:
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t
STGPIS_N;;= >, STNCAE: (238)

s=1999

where,
STGPIS_N
STNCAE

gross plant in servilme new capacity expansion in dollars

new capacity expansion expenditures occurring in year s after 1998 (in dollars)
the year new expansion occurred

NGTDM region

forecast year

S
r
t

The new capacity expansion expendisimowed in the rate base within a forecast year are derived
for each NGTDM region from the amount of increméoggacity additions determined by the ITS:

STNCAE, =STCCOST.* STCAPADD, *1,000,000. (239)
where,
STNCAE = total capital cost to expand capacity for an NGTDM region (dollars)
STCCOST = capital cost per unit of natugas storage expansion (dollars per Mcf)
STCAPADD storage capacity additions as determined in the ITS (Bcf/yr)
NGTDM region
forecast year

;

t
The capital cost per unit of natural gasragje expansion in an NGTDM region (STCCQOFIB
computed as its 1998 unit capital cost times a fanaif a capacity expansion factor relative to the
1998 storage capacity. This expansion factor reptesa relative change in capacity since 1998.
Whenever the ITS forecasts storage capacity additoyesar t in an NGTDM region, the increased
capacity is computed for that region from 1998 dhe unit capital cost is computed. Hence, the
capital cost to expand capacity in an NGTDM oegtan be estimated from any amount of capacity
additions in year t provided by the ITS and the associated unit capital cost. This capital cost
represents the investment cost for generic staragganies associated with that region. The unit
capital cost (STCCOS]) is computed by the following equations:

STCCOST,=STCCOST_CREG * gBE™REG"STEXPFA®E) » (1 0+ STCSTFAC)  (240)

where,
STCCOST
STCCOST_CREG

capital cost per unit of natigas storage expansion (dollars per Mcf)
1998 capital cost per unit dafire gas storage expansion (1998 dollars per
Mcf)

BETAREG = expansion factor paramefeet to STCCOST_BETAREG, Appendix E)
STEXPFAC98 = relative change in storage capacity since 1998

STCSTFAC = factor to set a particular sige region’s expansion cost, based on an average
[Appendix E]
NGTDM region
forecast year
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The relative change in storage capacity is computed as follows:

PTCURPSTR:
PTCURPSTR199s

STEXPFAMS =

-1.0 (241)

where,
PTCURPSTR = current storage capacity (Bcf)
PTCURPSTR199s = 1998 storage capacity (Bcf)
r NGTDM region
t forecast year

Computation of total cash working capital, STCWC, ;

The total cash working capital represents the level of working capital at the beginning of year t
deflated using the chain weight&DP price index with 1996 asbase year. This cash working
capital variable is expressedaason-linear function of total gaosige capacity (base gas capacity
plus working gas capacity) as follows:

R_STCWG, = eSTOWCLREG" -0 % g TTC AP SWC-TOTRP

(242)
R_ STCWG?H* DSTTC AF?,/t)-*z STCWC_TOT@\P
where,
R_STCWC = total cash working capital at the beginning of year t for existing and new
capacity (1996 real dollars)
STCWC_CREG = constant term, estimated ®gion (Appendix F, Table F3)
p = autocorrelation coefficient from estimation (Appendix F, Table F3 —
STCWC_RHO)
DSTTCAP = total gas storage capacity (Bcf)
STCWC_TOTCAP = estimated DSTTCAP coefficient (Appendix F, Table F3)
r = NGTDM region
t = forecast year

This total cash working capital in 1996 real dollarsaeverted to nominal dlars to be consistent
with the convention used in this submodule.

MC_PCWGDR
MC_ PCWGDRsss

STCWG,=R_STCWG,* (243)

where,
STCWC = total cash working capital at the beginning of year t for existing and new
capacity (nominal dollars)
R_STCWC = total cash working capital at the beginning of year t for existing and new
capacity (1996 real dollars)
MC_PCWGDP = GDRhain-type price deflator (fromehVacroeconomic Activity Module)
r = NGTDM region
t = forecast year
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Computation of accumulated deferred income taxes, STADIT,;

The level of accumulated deferred income taxeghcombined existing and new capacity in year t

in the adjusted rate base eqaatis a stock (not a flow) and deys on income tax regulations in
effect, differences in tax, and bod&preciation. It can be expredses a linear function of its own
lagged variable and the change in the level of gross plant in service between time t and t-1. The

forecasting equation can be written as follows:

STADIT,,=STADIT_C+(STADIT_ADIT* STADIT,.J) + 244
(STADIT_NEWCAP* NEWCAP.,)

where,
STADIT = accumulated deferred income taxes in dollars
STADIT_C = constant term fromstimation (Appendix F, Table F3)
= estimated coefficient for lagged accumulated deferred income taxes (Appendix

STADIT_ADIT
F, Table F3)
STADIT_NEWCAP = estimated coefficient for changegross plant in service (Appendix F, Table
F3)
NEWCAP = change in gross plant in seesior the combined existing and new capacity

between years t and t-1 (in dollars)
NGTDM region
forecast year

]
t
Computation of Total Taxes, STTOTAXr t

Total taxes consist of Federal income taxes, State income taxes, deferred income taxes, and other
taxes. Federal income taxes and State income taxes are calculated using average tax rates. The

equation for total taxes is as follows:

STTOTAX::=STFSIT.« + STDIT.« * STOTTAX (245)
STFSIT.=STFIT.. + STSIT:, (246)
where,
STTOTAX = total Federal and State income tax liability for existing and new capacity
(dollars)
STFSIT = Federal and State income tax for existing and new capacity (dollars)
STFIT = Federal income tax for existing and new capacity (dollars)
STSIT = State income tax for existing and new capacity (dollars)
STDIT = deferred income taxes for existing and new capacity (dollars)
STOTTAX = all other taxes asssed by Federal, State, or local governments for existing and

new capacity (dollars)
NGTDM region
forecast year

r
t

Federal income taxes are derived from returnsianeon stock equity and preferred stock (after-tax
profit) and the Federal tax rate. The after-tax profit is the operating income excluding the total long-

term debt, which is determined as follows:
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STATP..=STAPRB,* (STPFER:* STGPFESTR+ STCMER..* STGCMESTR) (247)
STATP.:=(STPFEN; + STCMEN.,) (248)

where,
STATP after-tax profit for existing and new capacity (dollars)

STAPRB = adjusted pipeline rate base for existing and new capacity (dollars)

STPFER coupon rate for preferrstbck for existing and new capacity
(fraction)
STGPFESTR = historical average capital structure for preferred stock for existing and
new capacity (fraction), held constant over the forecast period
STCMER = common equity rate of return for existing and new capacity (fraction)
STGCMESTR = historical average capital structure for common stock for existing and
new capacity (fraction), held constant over the forecast period
STPFEN = total return on preferred stock for existing and new capacity (dollars)
STCMEN = total return on common stock equity for existing and new capacity

(dollars)
NGTDM region
forecast year

r
t

and the Federal income taxes are

STFIT.. = (FRATE*STATP.)) / (1.- FRATE) (249)
where,
STFIT Federal income tax for existing and new capacity (dollars)
FRATE Federal income taate (fraction, Appendix E)
STATP after-tax profit for existing and new capacity (dollars)

r
t

NGTDM region
forecast year

State income taxes are computed by multiplying the sum of taxable profit and the associated Federal
income tax by a weighted-average State tax rate associated with each NGTDM region. State income

taxes are computed as follows:

r
t

NGTDM region
forecast year

STSIT.: = SRATE* (STFIT,. + STATP.,) (250)
where,
STSIT = State income tax for existing and new capacity (dollars)
SRATE = average State income tax rate (fraction, Appendix E)
STFIT = Federal income tax for existing and new capacity (dollars)
STATP = after-tax profits for existing and new capacity (dollars)

Deferred income taxes for existing and new capacity at the arc level are the differences in the
accumulated deferred income taxes between year t and year t-1.
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STDIT,:=STADIT:-STADIT 1 (251)
where,
deferred income taxes for existing and new capacity (dollars)
accumulated deferred income taxes for existing and new capacity
(dollars)
NGTDM region
forecast year

STDIT
STADIT

r
t

Other taxes consist of a combination of atbrean taxes (which growith company revenue),
property taxes (which grow ingportion to gross plant), and alhet taxes (assurdeconstant in

real terms). Other taxes in year t are determined as the previous year’s other taxes adjusted for
inflation.

STOTTAX:=STOTTAX:.* (MC_PCWGDR/MC_PCWGDR:) (252)
where,
STOTTAX = all other taxes assessed by Federal, State, or local governments except
income taxes for existing and new capacity (dollars) [read in as
D_OTTAX;, t=1990-1998]
MC_PCWGDP = GDP din-type price deflator (frm the Macroeconomic Activity

Module)

NGTDM region

forecast year

r
t

Computation of total operating and maintenance expenses, STTOM ;

The total operating and maintenance costs (inetpdidministrative costs) for existing and new
capacity in an NGTDM region are determinedlBD6 real dollars using a log-linear form with
correction for serial correlation. The estimated equation is determined as a function of working gas
storage capacity for region r at the beginning ofqaeti In developing the estimations, the impact

of regulatory change and the differences betypeeducing and consuming regions were anal§zed.
Because their impacts were not supported by the data, they wacemantted for in the estimations.

The final estimating equation is:

R_STTOM,= gSTTOM_C (-P) ¥ NSTWC AF?;I;I’OM_WORFCAP*

*STTOM_WORKCAP (253)
*R_STTOM:.1* DSTWCARS; -

where,

R_STTOM = total operating and maintenance cost for existing and new capacity
(1996 real dollars)
constant term froestimation (Appendix F, Table F3)
autocorrelation coefficient from estimation (Appendix F, Table F3 --
STTOM_RHO)

STTOM_C
p

%The gas storage industry changed substantially when in 1994 FERC Order 636 required jurisdictional pipeline companies to
operate their storage facilities on apen-access basis. The primargtomers and use of storage irogucing regions are
significantly different from consuming regions.
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DSTWCAP = level of gas working capacity for region r during year t
STTOM_WORKCAP = estimated DSTWCAP coefficient (Appendix F, Table F3)
r NGTDM region

t forecast year

Finally, the total operatingnd maintenance costs are convertawbtainal dollars to be consistent
with the convention used in this submodule.

STTOM,=R_STTOM* MC_PCWGDR (254)
MC_ PCWGDRggs
where,
STTOM = total operating and maintenance costs for existing and new capacity
(nominal dollars)
R_STTOM = total operating and maintenance costs for existing and new capacity

(1996 real dollars)
MC_PCWGDP = GDP din-type price deflator (frm the Macroeconomic Activity
Module)
NGTDM region
forecast year

r
t

Computation of Storage Tariff

The regional storage tariff depends on the storage cost of service, current working gas capacity,
utilization rate, natural gas storage activity, and other factors. The functional form is similar to the
pipeline tariff curve, in that it will be built from a regional base point [price and quantity
(PNOD,QNOD)]. The base regional storage tariff (PNQIS determined as a function of the cost

of service (STCOS (equation 211)) and other factors discussed below. QNBBet to an
effective working gas storage capacity by region, which is defined as a regional working gas capacity
times its utilization rate. Hence, once the storage cost of service is computed by region, the base
point can be established. Minofjastments to the storage tariff routine will be necessary in order to
obtain the desired results.

In the model, the storage cost of service used represents only a portion of the total storage cost of
service, the revenue collected from the customers for withdrawing during the peak period the
guantity of natural gas stored during the offpeak period. This portion is defined as a user-set
percentage (STRATIO, Appendix E) representimgdbrtion (ratio) of revenuequirement obtained

by storage companies for storing gas during tfpeak and withdrawing it for the customers during

the peak period. This would include chargedrigections, withdrawals, and reserving capacity.

The cost of service STCQSs computed using the Foststorage financiablatabase which
represents only the storage facilities owned by the interstate natural gas pipelines in the U.S. which
have filed a Form 2 financial report with the FERC. Therefore, an adjustment to this cost of service
to account for all the storage companies by regiopésled. For example, at the national level, the
Foster database shows the underground storageng@s capacity at 2.3 Tcfin 1998 and the EIA
storage gas capacity data show much higher working gas capacity at 3.8 Tcf. Thus, the average
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adjustment factor to obtain the “actual” cost of service across all regions in the U.S. is 165 percent.
This adjustment factor, STCAP_ARJvaries from region to region.

To complete the design of the storage tariff computation, two more factors need to be incorporated:
the regional storage tariff curve adjustment factor and the regional efficiency factor for storage
operations, which makes the storage tariff more competitive in the long-run.

Hence, the regional average storage tariff charged to customers for moving natural gas stored during
the offpeak period and withdrawn during fesak period can be computed as follows:

FS_PTCURPSTR
r
t

Foster storage working gas capacity (Bcf) [read in as D_WCAP]
NGTDM region

forecast year

_ STCOS: .
PNOD,; = . "
(MC_PCWGDR* QNOD, ,* 1,000,000 (255)
STRATIO..* STCAP_ADJ, . * ADJ_STR* (1.0-STR_EFF100.)'
where,
STCAP_ADJ,, = PTCURPSTR: (256)
FS_PTCURPSTR:
QNOD, , = PTCURPSTR, * PTSTUTZ, (257)
and,
PNOD = base point, price (87$/Mcf)
STCOS = storage cost of service for existing and new capacity (dollars)
QNOD = base point, quantity (Bcf)
MC_PCWGDP = GDP chainfe price deflator (from the Macroeconomic Activity
Module)
STRATIO = portion of revenue requirenteobtained by moving gas from the
offpeak to the peak period (fraction, Appendix E)

STCAP_ADJ = adjustment factor for the cost of service to total U.S. (ratio)
ADJ_STR = storage tariff curve adjostnt factor (fraction, Appendix E)
STR_EFF = efficiency factor (percent) for storage operations (Appendix E)
PTSTUTZ = storage utilization (fraction)

PTCURPSTR = current storage capacity (Bcf)

Finally, the storage tariff curve by region can bpregsed as a function afbase point [price and
quantity (PNOD, QNOD)], storage flownd a price elasticity, as follows:

current capacity segment:

X INGSTR_VARTAR = PNOD,* (Q,,/ QNOD, ,)**H-5"8 (258)
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capacity expansion segment:

X 1NGSTR_VARTAR:; = PNOD, * (Q,,/ QNOD, )" *-*T* (259)
where,

XINGSTR_VARTAR function to de storage tariffs (87%$/Mcf)

PNOD = base point, price (87$/Mcf)
QNOD = base point, quantity (Bcf)
Q = regional storage flow (Bcf)
ALPHA _STR = price elasticity for storage tariff curve for current capacity (Appendix
E)
ALPHA2_STR = price elasticity for storage tariff curve for capacity expansion segment

(Appendix E)
NGTDM region
forecast year

r
t

Alaskan and MacKenze Delta Pipeline Tariff Routine

A single routine (FUNCTION NGFRPIPE_TAR) estimates the potential per-unit pipeline tariff for
moving natural gas from either the North Slope of Alaska or the MacKenzie Delta to the market hub
in Alberta, Canada for the years beyond the spetifi-service date. Thariff estimates are based

on a simple cost-of-service rate base methodology, given the infrastructure’s initial capital cost at the
beginning of the construction period (FR_CAPITLO in billion dollars, Appendix E), the assumed
number of years for the project to be completed (FRPCNSYR, Appendix E), the associated discount
rate for the project (FR_DISCRT, Appendix E), the initial capacity (FR_PVOL, Appendix E), and
the number of years over which the final cost of capitalization is assumed completely amortized
(INVEST_YR=15). The input values vary depemglion whether the tariff being calculated is
associated with a pipeline for Alaska or for MacKer2elta gas. The cost of service consists of the
following four components: degeiation, depletion, and amortticn; after-tax operating income
(known as the return on rate bage)al operating and maintenance expenses; and total income taxes.
The computation of each of the four componentsominal dollars per Mds described below:

Depreciation, depletion, and amortization, FR_DDA;

The depreciation is computed as the final cosagitalization at the staof operations divided by
the amortization period. The depr@odon equation iprovided below:

FR_DDA:=FR_CAPITLL/INVEST_YR (260)
where,
FR_DDA = depreciation, gietion, and amortization costs (thousand nominal
dollars)
FR_CAPITL1 = final cost of capitalization at the start of operations (thousand nominal
dollars)

INVEST_YR = investment period allowirmgcovery (parameter, INVEST _YR=15)
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The structure of the final cost of capitalization, FR_CAPITL1, is computed as follows:

FR_CAPITL1= FR_CAPITO/FR_PCNSYR[(1+1) + (1+r)*+...+ (1+ 1) " (261)

where,
FR_CAPITL1 = final cost of capitalization at the start of operations (thousand nominal
dollars)
FR_CAPITLO = initial capitalization (thousand FR_CAPYR dollars), where

FR_CAPYR is the year dollars associated with this assumed capital
cost (Appendix E)
FR_PCNSYR = number obastruction years (Appendix E)
r = cost of debt, fraction, which is equal to the nominal AA utility bond
rate (MC_RMPAANS, in percent) plus a debt premium in percent
(debt premium set to FR_DISCRT, Appendix E)

The net plant in service is tied to the depreciation by the following formulas:

FR_NPIS =FR_GPIS-FR_ADDA,

(262)
FR_ADDA=FR_ADDA ..+ FR_DDA;

where,
FR_GPIS = original capital cost of plant in service (gross plant in service) in
thousand nominal dollars, set to FR_CAPITL1.
FR_NPIS = net plantin service (thousand nominal dollars)

FR_ADDA = accumulated depreciation, dapn, and amortization in thousand
nominal dollars

After-tax operating income (return on rate base), FR_TRRB;

This after-tax operating income also known as themein rate base is computed as the net plant in
service times an annual raterefurn (FR_ROR, Appendix E). €met plantin service, FR_NRIS

gets updated each year and is equal to thmlilgross plant in service minus accumulated
depreciation. Net plant in service becomes thested rate base when other capital related costs
such as materials and supplies, cash working capital, and accumulated deferred income taxes are
equal to zero.

The return on rate base is computed as follows:
FR_TRRB. =WACC* FR_NPIS (263)
where,

WACC: = FR_DEBTRATIO* COST_OF DEBT: *(1.0- FR_DEBTRATO)* (264)
COST_OF EQUITY,

and
COST_OF DEBT: =(AABOND; + FR_DISCRT)100. (265)
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COST_OF_EQUITY,=(AABOND; + FR_ROR_PRH!) /100. (266)
where,

FR_TRRB = after-tax operating incomereturn on rate s (thousand nominal
dollars)
WACC weighted average cost of capital (fraction), nominal
FR_NPIS net plant in service (thousand nominal dollars)

COST_OF DEBT cost of debt (fraction)
COST_OF_EQUITY cost of equity (fraction)
AABOND = nominal AA utility bond rate, MC_RMPUAAS (in percent)
provided by the Macroeconomic Activity Module
user-set deptemium, percent (Appendix E)
user-set ripkemium, percent (Appendix E)

FR_DISCRT
FR_ROR_PREM

Total operating and maintenance expenses, FR_TOM;

This cost item is held constantreal terms throughout the forecpstiod and is equal to a user-set
charge in year dollars (associated with assumed capital cost for that year) per Mcf (FR_TOMO,
Appendix E) times the inflation rate. It is assumed that this per-unit charge represents the average
over five years (1992-1996) ofdhotal operating anchaintenance expenses of the 28 major
interstate natural gas pipeline compafites.

Total taxes, FR_TAXES

Total taxes consist of Federal and State income taxes and taxes other than income taxes. Each tax
category is computed based on a percentage times net profit. These percentages are drawn from the
Foster financial report’s 28 major interstate natural gas pipeline companies. The percentage for
income taxes (FR_TXR) is computed as therage over five years (1992-1996) of tax to net
operating income ratio from the Foster report. Likewise, the percentage (FR_OTXR) for taxes other
than income taxes is computed as the averagdioggrears (1992-1996) tdixes other than income

taxes to net operating income ratio from the same report.

Total taxes are computed as follows:

FR_TAXES =(FR_TXR+FR_OTXR) FR_NETPFT (267)
where,
FR_TAXE = total taxes (thousand nominal dollars)
FR_NETPFT = net profit (thousand nominal dollars)

FR_TXR 5-year average Lower 48 pipeline income tax rate, as a proxy
(Appendix E)
FR_OTXR = b5-year average Lower 48 pipeline other income tax rate, as a proxy

(Appendix E)

8source: Foster financial repoP8 Major Interstate Natural Gas Pipelines, 1996.
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Net profit, FR_NETPFT, is computed t® return on rate base (FR_TRRMBinus the long-term
debt (FR_LTD), which is calculated as the return on rate base times long-term debt rate times the
debt to capital structure ratio. The net profitl dong-term debt equatis are provided below:

FR_NETPFT=(FR_TRRB-FR_LTD,) (268)

FR_LTD.=FR_DEBTRATO* (AABOND; + FR_DISCRT)100.0* FR_NPIS (269)
where,

FR_LTD = long-term debtthousand nominal dollars)
FR_NPIS = net plantin service (thousand nominal dollars)
FR_DEBTRATIO = b5-year average Lower gipeline debt structure ratio (Appendix E)
FR_NETPFT = net profit (thousand nominal dollars)
FR_TRRB = return on rate & (thousand nominal dollars)
AABOND = nominal AA utility bond rate, MC_RMPUAAS (in percent)

provided by the Macroeconomic Activity Module
FR_DISCRT = user-set deptemium, percent (Appendix E)

In the above equations, the long-term debt rate is assumed equal to the AA utility bond rate plusa 1
percent, which represents a risk premium generally charged by financial institutions. When AA
utility bond rates are needed fgears beyond the last forecast year (LASTYR), the variable
AABOND; becomes the average over a number of years (FR_ESTNYR, Appendix E) of the AA
utility bond rates for the last forecast years.

Cost of Service, FR_COS

The cost of service is the sum of four cost-of-service components computed above. Itis expressed as
follows:

FR_COS = (FR_DDA, + FR_TRRB + FR_TAXES + FR_TOM, caovs

*(MC_PCWGDR/MC_PCWGDR;, spyr) ¥ FR_PVOL*1000.0) (270)
where,
FR_COS = cost of see (thousand nominal dollars)
FR_DDA = depreciation lfipusand nominal dollars)
FR_TRRB = return on rate §&a (thousand nominal dollars)
FR_TAXES = total taxes (thousand nominal dollars)
FR_TOM = total operating and maintenaegpenses (user set per-unit charge in
FR_CAPYR dollars/Mcf) (Appendix E)
FR_CAPYR = year dollar associated with the assumed capital cost (AK_CAPITLO)
MC_PCWGDP = GDP chain-type pricefldor (from the Macroeconomic Activity
Module)
FR_PVOL = initial pipeline capacity (Bcf/year)
t = forecastyear

Hence, the annual pipeline tariff in nominal dollarsamputed by dividing the above cost of service
by total pipeline capacity, as follows:
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COS=FR_co0s/(FR_PVOL*000.0)
where,

(271)
COS = per-unit cost of service or annual pipeline tariff (hnominal dollars/Mcf)
To convert this nominal tariff to real 1987$/Mttie GDP implicit price deditor variable provided

by the Macroeconomic Activity Module is needethe real tariff equation is written as follows:

COSR=C0OS/MC_PCWGDR
where,

(272)
COSR

= annual real pilpee tariff (1987 dollars/Mcf)
MC_PCWGDP = GDP chain-type pricefldéor (from the Macroeconomic Activity
Module)

Last, the annual average tariff is compuasdhe average over a number of years fFGTARYR,
Appendix E) of the first success annual cost of services.
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7. Model Assumptions, Inputs, and Outputs

This last chapter summarizes the model and data assumptions used by the Natural Gas Transmission
and Distribution Module (NGTDM) and lists th@imary data inputs to and outputs from the
NGTDM.

Assumptions

This section presents a brief summary of the assumptions used within the NGTDM. Generally, there
are two types of data assumptions that affect the NGTDM solution values. The first type can be
derived based on historicdata (past events), and the sectype is based on experience and/or
events that are likely to occur (expert or angjydgment). A discussh of the rationale behind
assumed values based on anajysigment is beyond the scope thiis report. Most of the
FORTRAN variables related taodel input assumptions, bottiose derived from known sources

and those derived through analyst judgmeng, identified in this chapter, with background
information and actual valuesferenced in Appendix E.

The assumptions summarized in this section are referred to in Chapters 2 through 6. They are used
in NGTDM equations as starting values, coeéfits, factors, shareBpunds, or user specified
parameters. Six general categories of data assumstave been definedtassification of market
services, demand, transmission afistribution service pricing, peline tariffs and associated
regulation, pipeline capacity andilization, and supply. These assumptions, along with their
variable names, are summarized below.

Market Service Classification

Nonelectric sector natural gas customers are classified as either core or noncore customers, with core
customers defined as the type of customer that is expected to generally transport their gas under firm
(or near firm) transportation agreements and n@castomers to generally transport their gas under
nonfirm (interruptible oshort-term capacity release) trangption agreements. The residential,
commercial, and transportation (natlgas vehicles) sectors are assumed to be core customers. The
transportation sector is furtharslivided into fleet and personalhiele customers. Industrial and
electric generator end users fall into both categonigis jndustrial boilers ad refineries assumed to

be noncore and all othardustrial users assumedhie core, and gas steam units or gas combined
cycle units assumed to be core and all ioéhectric generators assumed to be noncore.

Demand

The peak period is definaeaing Pkormonyto run from December through March, with the offpeak
period filling up the remainder of the year.
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The Alaskan natural gas consumption levels for residential and commercial sectors are primarily
defined as a function of the exagrisly specified number of CUStOME@KSRN, AK_CM, Tables F1, F2 - AK_C,

ak_p). Alaskan gas consumption is disaggregatedNiotoh and South Alaska wrder to separately
compute the natural gas production forecasts in these regions. The value of end-use gas consumption
in North Alaskaxak_enocons_njis small and set exogenously $ctor. Industrial consumption in
South Alaska is set to the exogenously spec#iad of the level of gas consumed at the Agrium
fertilizer plant and at the liquefied natural gas plantino_s) The Alaska lease fuel, plant fuel, and
pipeline fuel consumption lelge are calculated as percegga of total dry production or
consumption in Alaskak_pcTpLT, Ak_PcTPIP, AK_PcTLSENVIth the exception of lease and plant fuel in the
north that is not associated with oil prodoatiactivities, where lease and plant fuel equals
production minus assumethd-use consumptiaak_enocons_N) Production in the south is set to
consumption levels. In the ritbrproduction depends on the flmlong an Alaska pipeline to
Alberta, potential production of gasiquids, and oil production in the nortkx_c1, Ak_c2) The
forecast for reporting discrepancy in Alagska piscr)is set to an average historical value. To
compute natural gas prices by amsk sector for Alaska, fixed nkaips derived from historical data
(AK_RM, AK_CM, AK_IN, AK_EmAre added to the average Alaskan natural gas wellhead price over the North
and South regions. The wellhead price is set using a simple estimated egxajioHistorically

based percentages and kugos are held constant throughout the forecast period.

The sharesic_censHrfor disaggregating nonelectric Cengfisision demands to NGTDM regions

are held constant throughout the forecast penmtaase based on averagstbrical relationships

(SQRS, sQcM, sQIN, sQTrBIMilarly, the shares for disaggregating end-use consumption levels to peak and
offpeak periods are held constantatinghout the forecast, and are direq@ihjted states -- PKSHR_DMD,
PKSHR_UDMD_F, PKSHR_UDMD_QI partially(canada-- ksHr_comoiistorically basedCanadian consumption
levels are set exogenousgty_pmp) based on another published forecadistorically based shares
(PKSHR_ECAN, PKSHR_EMEX, PKSHBAN, PKSHR_IMEX, PKSHR_ILNG)are also applied to exogenous
forecasts/historical values for natural gas exports and impsek®, sIMP, CANEXP, Q23TO3,

FLO_THRU_IN,0GQN&XP). These historical based sharesgamerated from monthly historical datas,
QCM, QIN, QEU, MON_QEXP, MON_QIMP)

Lease and plant fuel consumption in each NGTDMla® is computed as an historically derived
percentageusing sQLP) Of dry gas productionectir) in each NGTDM/OGSM region. These
percentages are held constambtiyhout the forecast period. Fipe fuel use is derived using
historically (sqorr) based factorgrueL_rac) relating pipeline fuel use to the quantity of natural gas
exiting a regional node. Values for the mastant historical year arderived from monthly-
published figuregLp_LHis, NQPF_TOT)

Pricing of Distribution Services

End-use prices for residentiatpbmmercial, industrial, trapsrtation, and electric generation
customers are derived by adding markups taelgenal hub price of naturgas. Each regional
end-use markup consists af intraregional tarifinTRAREG_TAR) @n intrastate tarifinTrasT_TaR)a
distribution tariff (endogenously ieed), and a citygate benchrkdactor [endogenously defined
based on historical seasal citygate pricegiccrr]. Historical distributotariffs are derived for all
sectors as the difference between historical citygate and end-usegpHs&®$cm, SPIN, SPEU, SPTR, PRS,

Energy Information Administration
7-2 NEMS Natural Gas Transmission and Distribution Module Documentation 2006



pem piN, PEU)®®  Historical industrialend-use prices are derivein the module using an
economectrically ésnated equationrabe F5®’ The residential, comercial, ad industrial
distributor tariffs arelso based on econometitigastimated equationsabvles F4, F6, and F7) Electric
generator distributor tariffs ahestorically based and change otee forecast based on the annual
percentage change in consumption. The fleettlekiFV) component of thtransportation sector
defines distributor tariffs usinigistorical data, a decline ratan_pect) and state and federal taxes
(sTAX, FTAX) While the personal vehicle (PV) componelgfines distributotariffs as a markup
(RETAIL_COST, STAX, FTagver the core industriaestor distributor tariff.

Prices for exports (and fixed wohe imports) are based on histatidifferences between border
prices(sriv, spex, MON_PIMP, MON_PEx@Nd their closest market hubgei(as determined in the module
when executed during the historical years).

Pipeline and Storage Tariffs and Regulation

Peak and offpeak transportation rates for interstate pipeline services (both between NGTDM regions
and within a region) are calculated assuming that the costs of new pipeline capacity will be rolled
into the existing rate base. Peak and offpeak market transmission service rates are based on a cost-
of-service/rate-of-returaalculation, for current pipeline capacitynes an assumedilization rate

(PkuTZ, oPuTz) TO reflect recent regulatory changes related to alternative ratemaking and capacity
release developments, tedariffs are discountedgsed on an assumed price elasticity) as pipeline
utilization rates decline.

In the computation of natural gas pipeline saortation and storagetes, the Pipeline Tariff
Submodule uses a set of data agstions based on historical dada expert judgment. These
include the following:

e Factorgarx, AFr, AvriO allocate each company’s line item costs into the fixed and variable
cost components of theservation and usage fees

e Capacity reservation shares used to allocast of service components to portions of the
pipeline network

e Pipeline capacity expansion cost parameter$ompRr, CC_SLOPE1L, EXP_A, CC_LOOPI, CC_SLOPE2,
EXP_B, CC_NEWPI, ExP_cand pipe mileageviLes) used to derive total capital costs to expand
pipeline capacity

e Storage capacity expansion cost paramed@tsosT_CREG, STCCOST_BETAREG, sTcsTE®8d t0
derive total capital costs to expand regional storage capacity

e Input coefficientS(aLPHA_PIPE, ALPH2_PIPE, ALPHA_STR, ALPHA2_STR, ADJ_PIP, ADJ_STR, STRfEHF)
transportation and storage rates

° Pipeline tariff curve parameters by @#GHR_YR, PTPKUTZ, PTOPUTZ, ADJ_PIP, ALPHA_PIPE, ALPHA2_PIPE)

e  Storage tariff curve parameters by regiKIRATIO, STCAP_ADJ, PTSTUTZ, ADJ_STR, STR_EFF, ALPHA_STR,
ALPHA2_STR)

8All historical prices are converted from nominal to real 1987 dollars using a price deftaazs?)

8 Traditionally industrial prices have been derived by collecting sales data from local distribution companiesecéfihg r
industrial customers have not relied on LDCs to purchase their gas. As a result, annually published industrial nateslaydg pri
represent a rather small portion of the total population. In the module, these published prices are adjusted using aic@onomet
estimated equation based on EIA’s survey of manufacturers to derive a more representative set of industrial prices.

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 7-3



In order to determine when a pipeline from either Alaska or the MacKenzie Delta to Alberta could be
economic, the model estimates theftahat would be charged dooth pipelines should they be
built, based on a number of assulvalues. A simple cost-of-sece/rate-of-return calculation is
used, incorporating the following: initial capitalizatier_caritLo) return on debgr_biscrmand

return on equityrr_ror_rremfboth specified as a premium addedM\A bond rate), total debt as a
fraction of total capitalr_pesTrATIO) Operation and maintenance expensesomo) federal income

tax raterr_Txr) Other tax rater_oTxr) levelized cost perio@r_avetaryR)and depreciation period
(NvesT_YR) In order to establish the ultimate charge for the gas in the lower 48 States assumptions
were made for the minimum wellhead priee pminwpec)including production, treatment, and fuel
costs, as well as the average differential between Alberta and the lowes 48 L48)and a risk
premium(rr_rriskto reflect cost and market uncertainties. The market price in the lower 48 states
must be maintained over a planning horizer ppinyr) before construon would begin.
Construction is assumedtitke a set number of years pcnsyrand result in a given initial capacity
(FR_PvoL) An additional expansion is assumed ondbedition of an increase in the market price
(FR_PADDTAR, FR_PEXPFAC)

Pipeline and Storage Capacity and Utilization

Historical and planned interregional, intraregional, and Canadian pipeline capacities are assigned in
the module for the Btorical years and the first few yearssLoyr)jinto the forecasictrcap, PTacTPCAP,
PLANPCAP, SPLANPCAPER_YROPEN, CNPER_YROPENJ he flow of natural gas along these pipeline corridors in

the peak and offpeak periodstbé historical years is set, starting with historical shares-r_rLow)

to be consistent ith the annual flowgiarLow, sarLowand other known seasonal network volumes
(e.g., consumption, production).

A similar assignment is used for storage capagii@srcar, Aobyr) The module only represents net
storage withdrawals in the peak period and reage injections in theffpeak period, which are
known historicallyHNETWTH, HNETINJ, SNETWTH, NWTH_TOT, NINJ_T.OT)

For the forecast years, the use of both pipelntkestorage capacity in each seasonal period is limited
by exogenously set manum utilization rategekutz, oputz, sutz)although these are currently not
active for pipelines. They were originally intended to reflect an expected variant in the load
throughout a season. Adjustments are now beirtemathin the module, during the flow sharing
algorithm, to reflect the seasonal load variation.

The decision concerning the share of gas tiiat@me from each incoming source into a region for
the purpose of satisfying the regions consumptieal$e(and some of the consumption upstream) is
based on the relative costs of the incoming sources and assumed par@meiersc, MUFAC)
During the process of deciding the flow of ga®tlgh the network, an iteraé\process is used that
requires a set of assumedaraeters for assessingdaresponding to nonconvergenesr_beLTA,
QSUP_DELTA, QSUP_SMALL, QSUP_WT, MAXCYCLE)
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Supply

The supply curves for domestic lower 48 nonasgedi dry gas producticend conventional gas
production from the Canadian Sedimentary Basifbased on an expecteaduction level as set in
the Oil and Gas Supply Modul@ set of parametesarm_suPCRV3, PARM_SUPCRV5, SUPCRV, PARM_SUPELAS)
defines the price change from asbar expected price as prodoatideviates from this expected
level. These supply curves are limited by minimand maximum levels, callated as a factor
(PARM_MINPR, MAXPRRFAC, MAXPRRCARIMES the expected productiorvéds. Domestic associated-
dissolved gas production is provided by thi &d Gas Supply Module.Eastern Canadian
production from other than the Canadian Wes@anadian Sedimentary 8a is set exogenously
eN_Fixsur) Unconventional gas production Canada from coal bedsgas initially based on an
exogenous forecast, with adjustment parametesporated to allow threcast levels to respond
to variations in the western @adian price. Production from thefitier areas in Canada (i.e., the
MacKenzie Delta) is set based on the assumed size of the pipeline to transport the gas to Alberta,
should the pipeline be built. Production from Alaika function of the consumption in Alaska and
the potential capacity of a pipeline from Alaska to Alberta and/or a gas-to-liquids facility.

Imports from Mexico and Canada at each bordessing point are represented as follows: (1)
Mexican imports are assumednstant and provided by theil@nd Gas Supply Module; (2)
Canadian imports are sedogenously (except for the imparito the East North Central region,
Q237103 and limited to Canaédn pipeline capacitiesctrcap, cnPER_YROPENVHICh are set in the module
based on an anticipated growth in U.S. condionp Total gas importsom Canada exclude the
amount of gas that travels into the Udi®tates and then back into Canada. THrRU_IN)

Liquefied natural gas imports argresented with a set of supplyrees generated by establishing
supply costs for various import quantitiedated to currentapacity levelgrERMAXRG, PERMINRG,
PERAVGRG, USINg a least-cost transportation algorithmcsed as a linear program. Step functions
representing the cost of productietrv_rpRr, SCRVQPR, SCRV_yHigUEfACtiONSCRV_PLQ, SCRVQLQ, SCRV_YLQ,
PERLIQUS, Shippingscrv_PsH, SCRVQsH, scrv_ysaind regasificatioscrv_PRG SCRVQRG, scrRv_yse used

within the linear program. Costs for regasifioatiliquefaction, and shippg are endogenously set
based on numerous assumptions (the specific variables are listed in the Model Inputs section below).
A risk premiumriskeren is added to these costs to reflect market and cost uncertainties. All supply
levels that are held constant (j.are not responsive to current ypaces) are converted into peak

and offpeak levels using historicallyon_qive) based shar@spksHR_ICAN, HPKSHR_IMEX, HPKSHR_ILNG)

The three supplemental production categories (syictiproduction of natal gas from coal and
liquids and other supplemental feglare represented as constsupplies within the Interstate
Transmission Submodule. Synthetioguction from coal is set exogenougyccoa, Forecast
values for the other two categora® held constant throughout thedcast and are set to historical
valuesisnacLig, suppLmwithin the module. Throughout theréxast, these production levels are split
into seasonal periods using an historicaltyrim_tombased shar@ksHr_supLwm)

The module uses an assortment of input valuedinindg historical production levels and prices (or

revenues) by the regions andeggdries required by the moduer ALST, QOF_ALFD, QOF_LAST, QOF_LAFD,
QOF_CA, ROF_CA, QOF_LA, ROF_LA, QOF_TX, ROF_TX, AL_ONSH, AL_OFST, AL_OFFD, LA_ONSH, LA_OFST, IA_OFFD , ADW, NAW, TGD,

MISC_ST, MISC_GAS, MISC_OIL, SMKT_PRD, SDRY_PRD, HQSUP, HPSUP, WHP_LHIS,. seviget of seasonal shares
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(PksHR_ProDhave been defined baken historical valuegonvkT_pro)to split production levels of
supply sources that are nonvarient with praserixsup and othergnto peak and off-peak categories.

Discrepancies that exist between historical supmpdydisposition level data@modeled at historical
levelsseaL_itmyin the NGTDM and kept constant throughthe forecast years average historical
levels(piscr, cN_DISCR)

Model Inputs

The NGTDM inputs are grouped into six categsriemapping and corttl variables, annual
historical values, monthly historical values, Alaskan and Canadian demand/supply variables, supply
inputs, pipeline and storage fimaal and regulatory inputs, p@line and storage capacity and
utilization related inputsend-use pricing inputs, and miscek®us inputs. Short input data
descriptions and identification gariable names that provide reaetail (via Appendix E) on the
sources and transformation of ithput data are provided below.

Mapping and Control Variables

e Variables for mapping from States to regions
(SNUM_ID, SCH_ID, SCEN_DIV, SITM_RESNG_EM, SNG_OG, SIM_EX, MAP_PRDST)
e Variables for mapping import/exgdrorders to States and to nodes
(STMAP_LNG, STMAP_MEX, STMAP_CAN, CAN_XMAPUS, CAN_XMAPCN, MEX_XMAP)
e Variables for handlingrad mapping arcs and nodes
(PROC_ORD,ARC_2NODE, NODE_2ARC, ARC_LOOP, SARC_2NODE, SNODE_2ARC, NODE_ANGTS, CAN_XMAPUS, CAN_XMAP)
e Variables for mapping supply regions
(NODE_SNGCOAL, MAPLNG_NG, OCSMAP, PMMMAP_NG, SUPSUB_NG, SUPSUB_OG)

e Variables for mapping demand regions
(EMMSUB_NG, EMMSUB_EL, NGCENMAP)

Annual Historical Values

e Offshore natural gas eduction and reenue data
(QOF_ALST, QOF_ALFD, QOF_LAST, QOF_LAFD, QOF_CA, ROF_CA, QOF_LA, ROF_LA, QOF_TX, ROF_TX,, QOF_AL, ROF_AL,
QOF_MS, ROF_MS, QOF_GM, ROF_GM, AL_ONSH, AL_OFST, AL_OFFD, LA_ONSH, LA OFST, LA_OFFD, AL_ONSH2, AL_STOF2)

e State/substate-level natural gasdarction and other supply/storage data
(ADW, NAW, TGD, MISC_ST, MISC_GAS, MISC_OIL, SMKT_BRIRY_PRD, SIMP, SNET_WTH, SUPPLM, SNGLIQ, SNGCOAL)
e  State-level supply prices
(SPIM, SPWH)
e State-level consmption levels
(SBAL_ITM, SEXP, SQPF, SQLP, SQRS, SQCM, SQIN, SQEU, SQTR)
e State-level end-use prices
(SPEX, SPRS, SPCM, SPIN, SPEU, SPTR)

e Gross DomestiProduct deflator
(GDP_B87)

Monthly Historical Values

e State-level natutayas production data
(MONMKT_PRD)
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Import/export volumes and prices by source
(MON_QIMP, MON_PIMP, MON_QEXP, MON_PEXP)
e Storage data

(NWTH_TOT, NINJ_TOT, HNETWTH, HNETINJ
e  State-level consumption and prices

(CON & PRC -- QRS, QCM, QIN, QEU, PRS, PCM, PIN, PEU)
e Miscellaneous mohty/seasonal data
(NQPF_TOT, NSUPLM_TOT, WHP_LHIS, QLP_LHIS)

Alaskan & Canadian Demand/Supply Variables

e Alaskan lease, plantnd pipeline fuel parameters
(AK_PCTPLT, AK_PCTPIP, AK_PCTLSE)

e  Alaskan consumption parameters
(AK_ENDCONS_N, AK_QIND_N, AK_C, AK_D, AK_RN, AK_CM)

e Alaskan pricing parameters
(AK_RM, AK_CM, AK_IN, AK_EM, ANGTS_TAR ,AK_F)

e Canadian productiomd end-use consumption
(CN_FIXSUP, CN_DMD, PKSHR_PROD, PKSHR_CDMD)

e Exogenously specified Canadienport/export réated volumes
(CANEXP, Q23TO3, FLO_THRU_IN)

e Historical western Canadigmmoduction and wellhead prices
(HQSUP, HPSUP)

e Unconventional western Cattian production parameters
(CUR_ULTRES, PKIYR, PRDIYR, LSTYRO, PERRES, PARMA PARMB,)

Supply I nputs

e  Supply curve parameters
(SUPCRV, PARM_MINPR, PARM_SUPCRV3, PARM_SRPZ PARM_SUPELAS, MAXPRREMAXPRRCAN, PARM_MINPR)

e  Synthetic natural gas from coal forecast
(SNGCOAL)

e Liquefied natural gas import forecast
(PERMAXRG, PERMINRG, PERAVGRG, MINPRCRG, RFEEM, PLOSS, LLOSS, RLOSS, SLOSS, PERLIQUS, SCRV_Pxx, SCRV_QxXx,
SCRV_Yxx, with “xx” PR, LQ, SH,and RG)

e Liquefaction cost parameters
(L_CONV_FAC, L_AVGTAX, L_DEBTRATIO, L_COST_EQUITY, L_CORPTAX, L_DEPREYR, L_MAINT_PCT, L_PARM_A, L_PARM_B,
L_FUEL_PCT, L_STAFF_NUM, L_CEO_FACLT, L_AVG_SALARY, L_EXPFAC, L_EXPYRS, L_UTILRATE)

e  Shipping cost parameters
(SH_DOLS, SH_NUMBLD_YR, SH_AVAIL_DAY, SH_LOAD, DAY, SH_UTL_RATE, SH_DEBT_EQTY, SH_CORP_TAXRAT,
SH_LIFE_YRS, SH_BOIL_RATE, SH_LNG_COST, SH_HERNKAY, SH_BUNKER_COST, SH_CAP_CM, SH_UNIT_COST,
CM_TO_BCF, SH_SPEED, SH_OPC_PER, SH_PORT_COST, SH_RISK_FAC, SH_RISK_SCAL)

[ ) Regasmcatlon cost parameters
(RG_ENDOG, RG_DOLS, RG_CST TANK, RG_CSAP5 RG_CST ACRE, RG_CONT FRAC, RF_DEBT EQUITY,
RG_CORP_TAXRAT, RG_RISK_DEBT, RG_RISK_FAC, BK BCAL, RG_LIFE_YRS, RG_OM_FRAC, RG_TAX_FRAC,
RG_INSUR_FRAC, RG_FUEL_MMBTU, RG_FUEL_FRAC, RGIKACAP, RG_VAP_CAP, RGCRE_MIN, RG_ACRE_CAP,
RG_CST_MARINE, RG_CSIMARINE, RG_CST_SITE, RG_CST _BLDS, RG_MISSC, RG_CST_INSTALL, RG_CST _ENGR,
RG_UTIL_FIN, RG_INT_CONST, RG_COST_WAGES, RG_OM_CAPCST, RG_TAX_CAPCST, RG_INSUR_CAPCST, R G_PER_FUEL,
RG_KW_MMTONS, RG_BCF_MMTONS, RG_COST_KWH)

Pipeline and Storage Financial and Regulatory | nputs

e Rate design specification
(AFX_PFEN, AFR_PFEN, AVRFEN, AFX_CMEN, AFR_CMEN, AVR_CMEN, AEXDN, AFR_LTDN, AVR_LTDN, AFX_DDA,
AFR_DDA, AVR_DDA, AFX_FSIT, AFR_IFSAVR_FSIT, AFX_DIT, AFR_DIT, AVR_DHAEX_OTTAX, AFR_OTTAX, AVR_OTTAX,
AFX_TOM, AFR_TOM, AVR_TOM)
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e Pipeline rate base, cosind volume parameters
(D_TOM, D_DDA, D_OTTAX, D_DIT, D_GPIS, D_ADDA, D_NPIS, D_CWC, D_ADIT, D_APRB, D_GPFES, D_GCMES, D_GLTDS,
D_PFER, D_CMER, D_LTDR)

e Storage rate base, cpoahd volume parameters
(D_TOM, D_DDA, D_OTTAX, D_FSIT, D_DIT, D_LTDN, D_PFEN, D_CMEN, D_GPIS, D_ADDA, D_NPIS, D_CWC, D_ADIT,
D_APRB, D_LTDS, D_PFES, D_CMES, D_TCAP, D_WCAP)

e Revenue requirement forecasting equatiaaupaters for pipeline and storage rates
(Table F3)

e Rate of return set for generic pipeline companies
(MC_RMPUAANS, ADJ_PFER, ADJ_CMER, ADJ_LTDR)

e Rate of return set for existing and new storage capacity
(MC_RMPUAANS, ADJ_STPFERDJ_STCMERADJ_SLTDR)

e Federal and State income tax rates
(FRATE, SRATE)

e Depreciation schedule
(30 year life)

e Pipeline capacity expansion costgraeters for capital cost equations
(CC_COMPR, CC_LOOPI, CC_NEWPI,,PCNT, PCNT_L, PCNT_NPCNT_R, MILES)

e  Storage capacity expansion costgmaeters for capital cost equations
(STCCOST_CREG, STCCOST_BETAREG, STCSTFAC)

e Parameters for interstate pipeline transportation rates
(PKSHR_YR, PTPKUTZ, PTOPUTZ, ADJ_PIP, ALPHA_PIPE, ALPHA2_PIPE)

e Canadian pipeline andosaige tariff parameters
(ARC_FIXTAR, ARC_VARTAR, CN_FIXSHR)

° Parameters for storage rates
(STRATIO, STCAP_ADJ, PTSTUTZ, ADJ_STR, STR_EFF, ALPHA_STR, ALPHA2_STR)

e Parameters for Alaska+Alberta and MacKenzie Ma-to-Alberta pipelines
(FR_CAPITLO, FR_CAPYR, FR_PCNSYR, BISCRT, FR_PVOL, INVEST_YR,FR_RBREM, FR_TOMO, FR_DEBTRATIO, FR_TXR,
FR_OTXR, FR_ESTNYR, FR_AVGTARYR)

Pipeline and Storage Capacity and Utilization Related | nputs

e Canadian natural gas pipeline capaand planned capacity additions
(ACTPCAP, PTACTPCABLANPCAP, CNPER_YROPEN)

e Maximum peak and offpeak primaaynd secondary pipeline utilizations
(PKUTZ, OPUTZ, SUTZ)

e Interregional plannedipeline capacity additions alopgimary and secondary arcs
(PLANPCAP, SPLANPCAP, PER_YROPEN)

e Maximum storage utilization
(PKUTZ)

e  Existing storage capacity and planned additions
(PLANPCAP, ADDYR)

e Net storage withdrawals (peakjdainjections (offpeak) in Canada
(HNETWTH, HNETINJ)

e Historical flow data
(HPKSHR_FLOW, HAFLOW, SAFLOW)

e Alaska-to-Alberta and MacKeire Delta-to-Alberta pipeline
(FR_PMINYR, FR_PVOL, FR_PCNSYR, FR_PPLNS¥R PEXPFAC, FR_PADDTAR, FRMINWPR, FR_PRISK)

End-Use Pricing I nputs

e Residential, commeial, and industriatlistributor tariffs
(RS_ALP, RS_PK#, RS_LNQ, RS_RHO, CMLP, CM_PKALP,CM_LNQ, CM_RHO, IN_CNST,IN_SLP,IN_PKALP,IN_LNW,
IN_RHO)
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e Intrastate and intraregional tariffs
(INTRAST_TAR, INTRAREG_TAR)

e State and Federal taxes, costs to dispe@nd other compressaatural gas pricing

parameters
(STAX, FTAX, RETAIL_COST, TRN_DECLTISTST2YR, T2, TFD1, TFD2YR, TFD2)

e Historical citygate prices
(HCGPR)

Miscellaneous

e Network processingontrol variables
(MAXCYCLE, NOBLDYR,ALPHAFAC, GAMMAFAC, MUFAC, PSUPLDE QSUP_DELTA, QSUP_SMALL, QSUP_WT, PCT_FLO,
SHR_OPT)

e Miscellaneousantrol variables
(PKOPMON, NGDBGRPT, SHR_OPT, NOBLDYR,)

e STEO input data
(STEOYRS, STQGPTR, STQLPIN, STOGWPRNG, STPNGRS, STPNGCM, STPNGEL, STOGPRSUP, NNETWITH, STDISCR, STENDCON,
STINPUT_SCAL, STSCAL_PFUEL, STSCAL_LPLT, STSCAL_SVBRAL_DISCR, STSCAL_NETSTR, STSCAL_FPR, STSCAL_IPR,
STPHAS_YR)

Model Outputs

Once a set of solution values are determinglimvthe NGTDM, those values required by other
modules of NEMS are passed accordingly. Intaatd the NGTDM module results are presented in
a series of internal and external reports, as outlined below.

Outputsto NEMS Modules
The NGTDM passes its solution valuesditierent NEMS modules as follows:

e Pipeline fuel consumptiomd lease and plant fuel conspiion by Census Division (to
NEMS PROPER and REPORTS)

e Natural gas wellhead prices by Oil and Gas Supply Module region (to NEMS REPORTS, Oil
and Gas Supply Module, arétroleum Market Module)

e Core and noncore natural gas prices bysseotd Census Divisiafio NEMS PROPER and
REPORTS, and NEMS demand modules)

e Dry natural gas productiomd supplemental gas supplies by Oil and Gas Supply Module
region (NEMS REPORTS andl@nd Gas Supply Module)

e Peak/offpeak, core/ noncore natural gas ptiwetectric generatoisy NGTDM/Electricity
Market Module region (to NEMBROPER and REPORTS ancké&iricity Market Module)

e Dry natural gas production by PADDgien (to Petroleum Market Module)

e Nonassociated dry natural gas production by NGTDM/Oil and Gas Supply Module region (to
NEMS REPORTS and O#and Gas Supply Module)

e Canadian natural gas wellhead priod @roduction (to Oil and Gas Supply Module)

e Natural gas imports and pés by border crossing (to N5 REPORTS iad Oil and Gas
Supply Module)
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Internal Reports

The NGTDM produces reports designed to assist in the analysis of NGTDM model results. These
reports are controlled with a user-defined varig@ile DBGRPT)include the following information,
and are written to the indicated output file:

Primary peak and offpeak flows, sharasgd maximum constraints going into each node
(NGOBAL)

Historical and forecast values histaily based factors pplied in the module
(NGOBENCH)

Intermediate results from the dhiibutor Tariff Sibmodule (NGODTM)

Intermediate results from th&peline Tariff SiIbmodule (NGOPTM)

Convergence tracking ande message report (NGOERR)

Aggregate/average histoal values for mostnodel elements (NGOHIST)

Node and arc level pricesd quantities along the network by cycle (NGOTREE)

External Reports

In addition to the reports deribed above, the NGTDM producesternal reports to support
recurring publications. These repartsitain the following information:

Natural gas end-use prices armhsumption levels by end-usector, type of service (core
and noncore), and Census Diwisi(and for the United States)

Natural gas wellhead pricasd production levels by NGTDM region (and the average for
the lower 48 States)

Natural gas end-use prices and margins

Natural gas import and export volumes angort prices by source or destination

Pipeline fuel consumption by NGTDKgion (and for the United States)

Natural gas pipeline capacity (entering and exiting a region) by NGTDM region and by
Census Division

Natural gas flows (entering and exiting a region) by NGTDM region and Census Division
Natural gas pipeline capacity between NGTDM regions

Natural gas flows between NGTDM regions

Natural gas underground storage pipkline capacity by NGTDM region

Unaccounted for natural gis

8Unaccounted for natural gas is a balancing item between the amount of natural gas consumedauntt #ppiied. It includes
reporting discrepancies, net storage withdrawals (in historical years), and differences due to convergence tolerance levels.

7-10
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Model Name:
Acronym:
Title:

Purpose:

Status:
Use:

Sponsor:

Documentation:

Previous
Documentation:

NGTDM Modd Abstract

Natural Gas Transmission and Distribution Module
NGTDM
Natural Gas Transmission and Distribution Module

The NGTDM is the component of@hNational Energy Modeling System
(NEMS) that represents the mid-term natural gas market. The purpose of the
NGTDM is to derive natural gas suppd end-use prices and flow patterns

for movements of natural gas throutjie regional interstate network. The
prices and flow patterns are derived by obtaining a market equilibrium across
the three main components of the matgas market: the supply component,
the demand component, and the trassion and distribution network that
links them.

ACTIVE

BASIC

Office: Integrated Analysis and Forecasting
Division: Oil and Gas Division, EI-83

Model Contact: Joe Benneche
Telephone: (202) 586-6132

Energy Information Administratiododel Documentation of the Natural Gas
Transmission and Distribution Module @GYDM) of the National Energy
Modeling System (NEM3)OE/EIA-M062 (Washington, DC, February 2006).

Energy Information Administratiododel Documentation of the Natural Gas
Transmission and Distribution Module @GYDM) of the National Energy
Modeling System (NEM3)OE/EIA-M062 (Washington, DC, May 2005).

Energy Information AdministratiodhJodel Documentation of the Natural Gas
Transmission and Distribution Module @VYDM) of the National Energy
Modeling System (NEM3)OE/EIA-M062 (Washington, DC, March 2004)

Energy Information AdministratiodhJodel Documentation of the Natural Gas

Transmission and Distribution Module @GYDM) of the National Energy
Modeling System (NEMI)OE/EIA-M062 (Washington, DC, May 2003)
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Energy Information AdministratiodhJodel Documentation of the Natural Gas
Transmission and Distribution Module @GYDM) of the National Energy
Modeling System (NEMI)OE/EIA-M062 (Washingpn, DC, Jauary 2002).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMI)OE/EIA-M062 (Washingpn, DC, Jauary 2001).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMI)OE/EIA-M062 (Washingpn, DC, Jauary 2000).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEM3)OE/EIA-M062 (Washington, DC, February 1999).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMS)OE/EIA-M062/1 (Washington, DC, December
1997).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMS)OE/EIA-M062/1 (Washington, DC, December
1996).

Energy Information AdministratiodhJodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMS)OE/EIA-M062/1 (Washington, DC, December
1995).

Energy Information AdministrationModel Documentation, Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System, Volume IModel Developer's RepgoriDOE/EIA-M062/2
(Washington, DC, January 1995).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMSIDOE/EIA-M062/1 (Washington, DC, February
1995).

Energy Information Administratiodlodel Documentation of the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMSIDOE/EIA-M062/1 (Washington, DC, February
1994).
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Reviews
Conducted:

Archive Tapes:

Energy System
Covered:

Coverage:

Paul R. Carpenter, PhD, The BratBeoup. “Draft Review of Final Design
Proposal Seasonal/North American tiéal Gas Transmission Model.”
Cambridge, MA, August 15, 1996.

Paul R. Carpenter, PhD, Incentives Research, Inc. “Review Gidimponent
Design Report Natural Gas Annual Flow Module (AFM) for the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEM3Boston, MA, Aug 25, 1992.

Paul R. Carpenter, PhD, Incentives Research, Inc. “Review Gidimponent
Design Report Capacity Expansionotule (CEM) for the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMS3Boston, MA, Apr 30, 1993.

Paul R. Carpenter, PhD, Incentives Research, Inc. “Review Gidimponent
Design Report Pipeline Tariff Module (PTM) for the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMS3)Boston, MA, Apr 30, 1993.

Paul R. Carpenter, PhD, Incentives Research, Inc. “Review Gidimponent
Design Report Distributor Tariff Module (DTM) for the Natural Gas
Transmission and Distribution Model GYDM) of the National Energy
Modeling System (NEMS3)Boston, MA, Apr 30, 1993.

Paul R. Carpenter, PhD, Incentives Research, Inc. “Final Review of the
National Energy Modeling System (NEMS) Natural Gas Transmission and
Distribution Model (NGTDM).” Boston, MA, Jan 4, 1995.

The NGTDM is archived as a cgonent of the NEMS on compact disc
storage compatible with the P@ultiprocessor computing platform upon
completion of the NEMS production runs generate the Annual Energy
Outlook 2006, DOE/EIA-0383(2006). The archive package can be
downloaded from ftp://fi.eia.doe.gov/pub/oiaf/aeo.

The NGTDM models the U.S. natlrgas transmission and distribution
network that links the suppliers (including importers) and consumers of natural
gas, and in so doing determines tbgional market clearing natural gas end-
use and supply (including border) prices.

Geographic: Demand regions are 12 NGTDM regions, which are based on

the nine Census Divisions with Census Division 5 split further into South
Atlantic and Florida, Census Dsion 8 split further into Mountain and
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Arizona/New Mexico, and Census Division 9 split further into California and
Pacific with Alaska an#éiawaii handled sepately. Productiors represented

in the lower 48 at 17 onshore andf&bore regions. Import/export border
crossings include three at the Mexidzorder, seven at ¢hCanadian border,
and 12e liquefied naturgas import terminals. la separate component,
potential liquefied naturajas production and liquefaan for U.S. import is
represented for 14 internatial ports. A simplified Gaadian representation is
subdivided into an eastern and vegstregion, with potential LNG import
facilities on both shores.

Time Unit/Frequency:Annually through 2025, including a peak (December
through March) and offpeak forecast.

Product(s): Natural gas

Economic Sector(s): Residentialnomercial, industrialelectric generators
and transportation

Data Input Sour ces:

A-4

(Non-DOE) e Information Resources, Inc., “Octane Week”

— Federal vehiclaeatural gas (VNG) taxes
e Canadian Association of Pekeum Producers Statistical Handbook
— Historical Canadiasupply and consumption data
e Mineral Management ServicEederal Offshore Statistics 1995.
— Alabama and Louisiana stateldederal offshorproduction before 1990
e Mineral Management Service.
— Revenues and volumes for offshproduction in Texa€;alifornia, and
Louisiana
e Foster Pipeline and Seme Financial Cost Data
— pipeline and srage financial data
e State of Alaska Histaral and Projected Oilrel Gas Consumption, Alaska
Department of Nimural Resources
— North slope end-use consumption by sector
e Data Resources IndJ.S. Quarterly Model
— Yield on AA utility bonds
e Board of Governors of the Federal Reserve System Statistical Release,
“Selected Interest Rates and Bond Prices”
— Real average yield on 10 year U.S. government bonds
e Oil and Gas Journal“Pipeline Economics”
— Pipeline annual capitaiion and opetang revenues
e National Energy Board, “Canada’s Energy Future: Scenarios for Supply and
Demand to 2025,” 2003.
— Basis for setting forecastsrf@anadian consuption, unconventional
production and offshore production
e Internal Gas Technology Instituteport produced for EIA, March 31, 2003
— LNG supply, liquefaction, and shipping, costs
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e Internal Project Technical Lison, Inc report produced for EIA,
— LNG regasification costs

e Fundamentals of the Global LNG Industry 2001
— Natural gas liquefaction costs

e www.dataloy.com
— LNG shipping distances

e Hart Energy Network’s Motdfuels Information Center at
www.hartenergynetowrk.com/motorfuels/state/doc/glance/glnctax.htm
— compressed natural gas vehicle taxes by state

Data | nput Sour ces:

(DOE) Formsand Publications:

EIA-23, “Annual Survey of Donstic Oil and Gas Reserves”

— Annual estimate of gasserves by type and State

EIA-857, “Monthly Report of Naturabas Purchasesd Deliveries to

Consumers”

— Monthly natural gas price amdlume data on deliveries to end users

EIA-176, “Annual Report oNatural and Suppleemtal Gas Supply and

Disposition”

— Annual natural gas sourcessapply, consumpin, and flows on the
interstate pipeline network

EIA-895, “Monthly quantityof Natural Gas Report”

— Monthly natural gas production

EIA-860, “Annual Electc Generator Report”

— Electric generators plant tyged code information, used in the
classification of power plants @sre or noncore customers. Data
from this report are also used iretterivation of hstorical prices
and markups for firm/ierruptible service.

EIA-767, “Steam-Elecic Plant Operatioand Design Report”

— Electric generators plant type and boiler information, by month, used
in the classification of power planés core or noncore customers.
Data from this report are also usedthe derivation of historical
prices and markups forfn/interruptible service

EIA-759, “Monthly Power Plant Report”

— Natural gas consumption Ipjant code and month, used in the
classification of power plants @sre or noncore customers. Data
from this report are also used iretterivation of Hstorical prices
and markups for firm/ierruptible service

Annual Energy RevievDOE/EIA-0384

— Gross domestic produgnd implicit price deflator

FERC Form 2, “Annual Report dajor Natural Gas Companies”

— Financial statistics of major interstate natural gas pipelines

— Annual purchases/saleg pipeline (volume and price)

FERC-567, “Annual Flow Diagram”

— Pipeline capacity and flow information
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Models and other:

General Output
Descriptions:

Related M oddls;

Part of

EIA-191, “Underground Gas Storage Report”

— Base gas and working gas storage capacity and monthly storage
injection and withdrawal levelsy region and pipeline company

ElA-846, “Manufacturing Energy Consumption Survey”

— Base year average anhcare industrial end-use prices

Short-Term Energy OutlopPOE/EIA-0131.

— National forecast targets finst two forecast years beyond history

FERC Form 423Cost and Quality of Fuels for Electric Utility Plants

DOE/EIA-0191.

— Natural gas prices to electric generators

Department of Energiatural Gas Imports and ExporSffice of Fossil

Energy

— Import volumes by crossing in the most recent historical year.

National Energy Modeling System (NEMS)
— Domestic supply, imports, andrdand representations are provided
as inputs to the NGTDM from other NEMS models

Average natural gas end-usecps levels by sector and region
Average natural gas supply pricasd production levels by region
Pipeline fuel consumption by region

Lease and plant fuel consumption by region

Pipeline capacity additions and utilization levels by arc
Storage capacity additions by region

NEMS (part of)

Another Model: Yes, the National Energylodeling System (NEMS).

Model Features:

A-6

Model Structure: Modular; thremajor components: the Interstate
Transmission Submodule (ITS), tRgeline Tariff SIbmodule (PTS),
and the Distributor Ti#f Submodule (DTS).

— ITS Integrating submodule tife NGTDM. Simulates the natural
gas price determination process by bringing together all major
economic and technological facs that influence regional
natural gas trade in the United States. Determines natural gas
production and imports, flowsnd prices, pipeline capacity
expansion and utilization, stge capacity expansion and
utilization for a simplified network representing the interstate
natural gas pipeline system
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— PTS Develops parameters for setting tariffs in the ITM for
transportation and storage Sees provided by interstate
pipeline companies

— DTS Develops markups fdistribution services provided by LDC'’s
and intrastate pipeline companies.

e Modeling Technique:
— ITS Heuristic algorithm, opetas iteratively until supply/demand
convergence is realized across the network
— PTS Econometric estimation and accounting algorithm
— DTSEmpirical process
— Liquefied natural gas minimum cost assessment is represented using
a linear program

e Special Features:
— Represents interregional flswof gas and pipeline capacity
constraints for two seasonal periods
— Represents regional supplies
— Represents LNG trade to the United States
— Determines the amount and tloeation of pipeline and storage
facility capacity expansion on a regional basis

Model Interfacess NEMS
Computing Environment:

Hardware Used: Personal Computer

Operating System: UNIX simulation

Language/Software Used: FORTRAN

Memory Requirement: unknown

Storage Requirement: 2300K bytesifgut data storage; 900K bytes
for source code storage; and 780@Kes for compiled code storage
° Estimated Run Time: Varies from NEMS iteration and from
computer processor, but raredyxceeds a quarter of a second per
iteration and generalig less than 5 hundredths of a second.

Status of Evaluation Efforts;

Model developer’s report entitled “Natural Gas Transmission and Distribution Model, Model
Developer’'s Report for the Manal Energy Modeling Sysim,” dated November 14, 1994.

Date of Last Update: November 2005.
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NEMS M odel Documentation Reports

The National Energy Modeling System is documeme series of 15 adel documentation reports,
most of which are updated on an ar#esis. Copies of these reports are available by contacting the
National Energy Information Center, 202/586-8800.

Energy Information AdministrationNational Energy Modeling Stem Integrating Module
Documentation RepqrDOE/EIA-M057.

Energy Information Administratiodlodel Documentation Reporilacroeconomic Activity Module
of the National Energy Modeling System

Energy Information Administratiolocumentation of the D.R.I. Model of the U.S. Economy

Energy Information AdministratioMNational Energy Modeling Systdnternational Energy Model
Documentation Repart

Energy Information AdministrationWorld Oil Refining, Logitics, and Demand Model
Documentation Repart

Energy Information AdministratioiModel Documentation ReportResidential Sector Demand
Module of the National Energy Modeling System

Energy Information AdministratiorModel Documentation ReportCommercial Sector Demand
Module of the National Energy Modeling System

Energy Information Administrationylodel Documentation Reportindustrial Sector Demand
Module of the National Energy Modeling System

Energy Information Administratiodlodel Documentation Report: Transportation Sector Demand
Module of the National Energy Modeling System

Energy Information Administratiomocumentation of the Ettricity Market Module
Energy Information Administratiolocumentation of the Oil and Gas Supply Module

Energy Information AdministratiofglA Model Documentation: R®leum Market Module of the
National Energy Modeling System

Energy Information Administratioviodel Documentation: Coal Market Module

Energy Information Administratioiodel Documentation ReporfRenewable Fuels Module
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Appendix D

Model Equations

This appendix presents the mapping of eaplagon (by equation number) in the documentation
with the subroutine in the NGTDM code ®re the equation is used or referenced.






Chapter 2 Equations

EQ.# SUBROUTINE (or FUNCTION")
1 NGDMD CRVF (core), NGDMD_CRVI (noncore)
2-13 NGCAN_FXADJ

14 NGLNG MKTPRC

15 NGLNG_ SETCRV

16 NGSUP_ PR

17-27 NGTDM DMDALK

Chapter 4 Equations i
EQ.# SUBROUTINE (or FUNCTION)
28,31 NGSET NODEDMD, NGDOWN_TREE
29,32 NGSET _NODECDMD

30,33 NGSET YEARCDMD

34,35 NGDOWN TREE

36 NGSET INTRAFLO

37 NGSET INTRAFLO

38 NGSHR_CALC

39 NGDOWN TREE

40 NGSET MAXFLO

41-44 NGSET MAXPCAP

45-49 NGSET MAXFLO

50-52 NGSET ACTPCAP

53-54 NGSHR_MTHCHK

55-58 NGSET SUPPR

59-60 NGSTEO BENCHWPR

61-62 NGSET ARCFEE

63-66 NGUP_TREE
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67

NGSET_STORPR

68-69 NGUP TREE
70 NGCHK_CONVNG

71 NGSET SECPR

72 NGSET BENCH, HNGSET CGPR
73-81 NGSET SECPR

Chapter 5 Equations

EQ. #

SUBROUTINE (or FUNCTION')

82-85 NGDTM_FORECAST _DTARF
86-87 NGDTM_FORECAST_DTARF
88-89 NGDTM_FORECAST _DTARF
90-91 NGDTM_FORECAST_DTARF
92-93 NGDTM_FORECAST_TRNF

Chapter 6 Equations

EQ. #

SUBROUTINE (or FUNCTION)

95-121, 170-172

NGPREAD

122-123

NGPIPREAD

143-161, 173, 175-188

NGPSET PLCOS COMPONENTS

94, 124-133, 139, 189-198, 20

NGPSET_PLINE_COSTS

134-138, 199-204, 206-210

NGPIPE_VARTAR

218-220

NGSTREAD

211-217, 221-223, 227-254

NGPSET _STCOS_COMPONENTS

224-226

NGPST DEVCONST

140-142, 255-259

XINGSTR VARTAR

162-169

(accounting relationshipsot part of code)

174, 260-272

NGFRPIPE_TAR*

D-2

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006




Appendix E

Model Input Variable Mapped to Data Input Files

This appendix provides alist of the FORTRAN variables, and their associated input files, that are
assigned values through FORTRAN READ statements in the source code of the NGTDM.
Information about all of these variables and their assigned values (including sources, derivations,
units, and definitions) are provided in theindicated input files of theNGTDM. Thedatafile names
and versions used for the AEO2006 areidentified below. Thesefilesarelocated ontheEIA NEMS-
F8 NT server. Electronic copiesof these input files are available as part of the NEM S2006 archive
package. The archive package can be downloaded from ftp://ftp.eia.doe.gov/pub/oiaf/aeo. In
addition, the files are available upon request from Joe Benneche at (202) 586-6132 or
Joseph.Benneche@eia.doe.gov.

ngcan.txt V1.38 nghismn.txt V1.17 ngptar.txt V1.15
ngcap.txt V121 ngingdat.txt  V1.26, V1.27 nguser.txt V1.94
ngdtar.txt V113 ngmap.txt V1.2

nghisan.txt  V1.23 ngmisc.txt  V1.92






Variable

ACTPCAP
ACTPCAP
ADDYR
ADIT_ADIT
ADIT C
ADIT_NEWCAP
ADJ PIP
ADJ STR
ADW
AFR_CMEN
AFR_DDA
AFR DIT
AFR_FSIT
AFR_LTDN
AFR_OTTAX
AFR_PFEN
AFR_TOM
AFX_CMEN
AFX_DDA
AFX_DIT
AFX_FSIT
AFX_LTDN
AFX_OTTAX
AFX_PFEN
AFX_TOM
AK_C
AK_CM
AK_CN
AK_D
AK_E
AK_EM
AK_ENDCONS N
AK_F

AK_G
AK_IN
AK_PCTLSE
AK_PCTPIP
AK_PCTPLT
AK_QIND_S
AK_RM
AK_RN
AKPIP1
AKPIP2
AL_ADJ
AL_FYR
AL_LYR
AL_OFFD
AL_OFST
AL_OFST2

File

NGCAN
NGCAP
NGCAP
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGHISAN
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN

Variable

AL_ONSH
AL_ONSH2
ALB_TO L48
ALPHAFAC
ALPHA2_PIPE
ALPHA2_STR
ALPHA_PIPE
ALPHA_STR
AMAP
ARC_2NODE
ARC_FIXTAR
ARC_LOOP
ARC_VARTAR
AVR_CMEN
AVR_DDA

AVR DIT
AVR_FSIT
AVR_LTDN
AVR_OTTAX
AVR_PFEN
AVR_TOM
CANEXP
CAN_XMAPCN
CAN_XMAPUS
CC_COMP
CC_LOOP
CC_NEWP
CM_ADJ
CM_ALP
CM_LNQ
CM_PKALP
CM_RHO
CM_TO_BCF
CNCAPSW
CNPER_YROPEN
CN_DMD
CN_FIXSHR
CN_FIXSUP
CN_UNPRC
CNPLANYR
CON
CON_ELCD
CON_EPMGR
CSTFAC
CWC_C
CWC_CARR
CWC_DISC
CWC_GPIS
CWC_RHO
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File

NGHISAN
NGHISAN
NGMISC
NGUSER
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGMAP
NGMAP
NGCAN
NGMAP
NGCAN
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGCAN
NGMAP
NGMAP
NGPTAR
NGPTAR
NGPTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGLNGDAT
NGUSER
NGCAP
NGCAN
NGCAN
NGCAN
NGCAN
NGCAN
NGHISMN
NGHISMN
NGHISMN
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
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Variable

D_ADDA
D_ADIT
D_APRB
D_CMEN
D_CMER
D_CMES
D_CWC
D_DDA

D _DIT
D_FLO
D_FSIT
D_GCMES
D_GLTDS
D_GPFES
D_GPIS
D_LTDN
D_LTDR
D_LTDS
D_MXPKFLO
D_NPIS
D_OTTAX
D_PFEN
D_PFER
D_PFES
D_TOM

DDA _C
DDA_NEWCAP
DDA_NPIS
DDA_RHO
EL_ALP
EL_CNST
EL_PARM
EL_RESID
EL_RHO
EMMSUB_EL
EMMSUB_NG
EPMYR1
EPMYR2
EXP_A

EXP B

EXP C

FAC1

FAC2
FDGOM
FDIFF
FE_CCOST
FE_EXPFAC
FE_FR_TOM

File

NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGMAP
NGMAP
NGHISMN
NGHISMN
NGPTAR
NGPTAR
NGPTAR

NGLNGDAT
NGLNGDAT

NGHISMN
NGDTAR
NGMISC
NGMISC
NGMISC

Variable

FE_PFUEL_FAC
FE_R_STTOM
FE_R_TOM
FE_STCCOST
FE_STEXPFAC
FID_WA
FLO_THRU_IN
FMT_ND
FR_AVGTARYR
FR_CAPITLO
FR_CAPYR
FR_DEBTRATIO
FR_DISCRT
FR_ESTNYR
FR_OTXR
FR_PADDTAR
FR_PCNSYR
FR_PDRPFAC
FR_PEXPFAC
FR_PMINWPR
FR_PMINYR
FR_PPLNYR
FR_PRISK
FR_PVOL
FR_ROR_PREM
FR_TOMO
FR_TXR
FRATE
GAMMAFAC
GDP_B87
HAFLOW
HCGPR
HDYWHTLAG
HFAC_GPIS
HFAC_REV
HI_RN
HNETINJ
HNETINJ
HNETWTH
HNETWTH
HOPUTZ
HPIMP
HPKSHR_FLOW
HPKUTZ
HPSUP

HQIMP
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File

NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGCAN
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGMISC
NGPTAR
NGUSER
NGMISC
NGMISC
NGHISAN
NGDTAR
NGPTAR
NGPTAR
NGMISC
NGCAN
NGHISMN
NGCAN
NGHISMN
NGCAP
NGHISAN
NGMISC
NGCAP
NGCAN
NGHISAN



Variable

HQSUP
HW_ADJ
HW_BETAO
HW_BETA1
HW_RHO
INTRAREG_TAR
INTRAST_TAR
IN_ALP
IN_CNST
IN_DIST
IN_LNQ
IN_PKALP
IN_RHO
L_AVG_SALARY
L_AVGTAX
L_CEO_FACTY
L_CONV_FAC
L_CORPTAX
L_COST_EQUTY
L_DEBTRATIO
L_DEPREYR
L_EXPFAC
L_EXPYRS
L_FUEL_PCT
L_INTPREMIUM
L_MAINT_PCT
L_PARM_A
L_PARM B
L_STAFF_NUM
L_UTILRATE
LA_OFFD
LA_OFST
LA_ONSH
LCURCAP
LIQTYP

LLOSS
LNGDIFF
LNGFIX
LNGHYR
LSTEP
LSTYR_ MMS
MAPLNG_NG
MAP_NRG_CRG
MAP_PRDST
MAP_STSUB
MAXCYCLE
MAXPRRFAC
MAXPRRNG
MAXUTZ

File

NGCAN
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGHISAN
NGHISAN
NGHISAN
NGMISC
NGLNGDAT
NGLNGDAT
NGMISC
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGHISAN
NGMAP
NGDTAR
NGHISMN
NGHISAN
NGUSER
NGMISC
NGMISC
NGCAP

Variable

MBAJA
MDPIP1
MDPIP2
MEX_XMAP
MILE_FAC
MILES
MINPRCRG
MINYR
MISC_GAS
MISC_OIL
MISC_ST
MONMKT_PRD
MON_PEXP
MON_PIMP
MON_QEXP
MON_QIMP
MUFAC

NAW
NG_CCAP
NG_CENMAP
NGCFEL
NGDBGCNTL
NGDBGRPT
NINJ TOT
NNETWITH
NOBLDYR
NODE_2ARC
NODE_ANGTS
NODE_SNGCOAL
NPROC
NQPF_TOT
NSUPLM_TOT
NUMPLNADD
NUM_REGSHR
NUMRS
NWTH_TOT
NYR_MISS
OCSMAP
OPUTZ
PARM_MINPR
PARM_SUPCRV3
PARM_SUPCRV5
PARM_SUPELAS
PCNT_C
PCNT L
PCNT_N
PCNT_R
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File

NGMISC
NGMISC
NGMISC
NGMAP
NGLNGDAT
NGPTAR
NGLNGDAT
NGPTAR
NGHISAN
NGHISAN
NGHISAN
NGHISMN
NGHISMN
NGHISMN
NGHISMN
NGHISMN
NGUSER
NGHISAN
NGMISC
NGMAP
NGHISMN
NGUSER
NGUSER
NGHISMN
NGUSER
NGUSER
NGMAP
NGMAP
NGMAP
NGMAP
NGHISMN
NGHISMN
NGLNGDAT
NGDTAR
NGDTAR
NGHISMN
NGHISAN
NGMAP
NGCAP
NGUSER
NGUSER
NGUSER
NGUSER
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
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Variable

PCTFLO
PCURCAP
PERAVGRG
PERMAXLQ
PERMAXRG
PERMINRG
PER_YROPEN
PIPE_FACTOR
PKOPMON
PKSHR_CDMD
PKSHR_PROD
PKUTZ
PLANPCAP
PLANPCAP
PLOSS
PMMMAP_NG
PRC_EPMCD
PRC_EPMGR
PRD_MLHIS
PRICE_CA
PRICE_US
PROC_ORD
PSTEP
PSUP_DELTA
PTCURPCAP
PTMAXPCAP
PTMBYR
PTMSTBYR
Q23703
QAK_ALB
QLP_LHIS
QMD_ALB
QNGIMP
QOF AL
QOF ALFD
QOF ALST
QOF CA
QOF_GM

QOF LA

QOF LAFD
QOF _LAST
QOF_MS
QOF_TX
QSUP_DELTA
QSUP_SMALL
QSUP_WT
RCURCAP
RECS ALIGN
RETAIL_COST

E-4

File

NGUSER
NGMISC
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGCAP
NGPTAR
NGMISC
NGCAN
NGCAN
NGCAP
NGCAN
NGCAP
NGLNGDAT
NGMAP
NGHISMN
NGHISMN
NGHISMN
NGHISAN
NGHISAN
NGMAP
NGLNGDAT
NGUSER
NGCAP
NGCAN
NGPTAR
NGPTAR
NGCAN
NGMISC
NGHISMN
NGMISC
NGLNGDAT
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGUSER
NGUSER
NGUSER
NGMISC
NGDTAR
NGDTAR

Variable

REV
RGELAS
RG_ACRE_MIN
RG_ACRE_CAP
RG_BCF_MMTONS
RG_CST_2MARINE
RG_CST _5VAP
RG_CST_ACRE
RG_CST_BLDS
RG_CST_ENGR
RG_CST_INSTALL
RG_CST_MARINE
RG_CST_MISC
RG_CST_SITE
RG_CST_TANK
RG_CONT_FRAC

RG_CORP_TAXRAT

RG_COST_KWH
RG_COST_WAGES
RG_DEBT_EQTY
RG _DOLS
RG_ENDOG
RG_FUEL_MMBTU
RG_FUEL_FRAC

RG_INSUR_CAPCST

RG_INSUR_FRAC
RG_INT_CONST
RG_KW_MMTONS
RG_LIFE_YRS
RG_OM_CAPCST
RG_OM_FRAC
RG_PER_FUEL
RG_REG_ADJ
RG_RISK_DEBT
RG RISK_FAC
RG_RISK_SCAL
RG_TANK_CAP
RG_TAX_CAPCST
RG_TAX_FRAC
RG_UTIL_FIN
RG_VAP_CAP
RLOSS
RISKPREM

ROF AL

ROF_CA

ROF_GM

ROF LA
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File

NGHISMN

NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGHISAN

NGHISAN

NGHISAN

NGHISAN



Variable

ROF_MS
ROF_TX

RS _ADJ

RS ALP

RS COST

RS LNQ
RS_PARM

RS _PKALP
RS_RHO

RSTEP

SAFLOW
SARC_2NODE
SBAL_ITM
SCEN_DIV
SCH_ID
SCRV_PLQ
SCRV_PPR
SCRV_PRG
SCRV_PSH
SCRV_QLQ
SCRV_QPR
SCRV_QRG
SCRV_QSH
SCRV_YLQ
SCRV_YPR
SCRV_YRG
SCRV_YSH
SCURCAP
SDRY_PRD

SEXP
SH_AVAIL_DAY
SH_BOIL_RATE
SH_BUNKER_COST
SH_BUNKER DAY
SH_CAP_CM
SH_CORP_TAXRAT
SH_DEBT_EQTY
SH_DOLS
SH_ENDOG
SH_LIFE_YRS
SH_LNG_COST
SH_LOAD_DAY
SH_MILES
SH_NUMBLD_YR
SH_OPC_PER
SH_PORT_COST
SH_RISK_FAC
SH_RISK_SCAL
SH_SPEED

File

NGHISAN
NGHISAN
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGDTAR
NGLNGDAT
NGMISC
NGMAP
NGHISAN
NGHISAN
NGHISAN
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGMISC
NGHISAN
NGHISAN
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT

Variable

SH_UNIT_COST
SH_UTL_RATE
SHR_OPT

SIMP

SIM_EX

SITM_RG

SLOSS
SMKT_PRD
SNET_WTH
SNGCOAL
SNGCOAL
SNGLIQ

SNG_EM
SNG_OG
SNODE_2ARC
SNUM_ID

SPCM

SPEU

SPEX

SPIM

SPIN

SPIN_PER
SPLANPCAP
SPRS

SPTR

SPWH

SQCM

SQEU

SQIN

SQLP

SQPF

SQRS

SQTR

SRATE

SSTEP

SSUPLM
STADIT_ADIT
STADIT_C
STADIT_NEWCAP
STCCOST_BETAREG
STCCOST_CREG
STCSTFAC
STCWC_CREG
STCWC_RHO
STCWC_TOTCAP
STDDA_CREG
STDDA_NEWCAP
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File

NGLNGDAT
NGLNGDAT
NGUSER
NGHISAN
NGHISAN
NGHISAN
NGLNGDAT
NGHISAN
NGHISAN
NGMISC
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGMAP
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGCAP
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGHISAN
NGPTAR
NGLNGDAT
NGHISAN
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
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Variable

STDDA_NPIS
STDISCR
STENDCON
STEOYRS
STEPLQ
STEPPR
STEPRG
STEPSH
STOGPRSUP
STOGWPRNG
STPHAS YR
STPNGCM
STPNGEL
STPNGRS
STQGPTR
STQLPIN
STR_2NODE
STR_EFF
STRATIO
STR_FACTOR
STSCAL_DISCR
STSCAL_FPR
STSCAL_IPR
STSCAL_LPLT
STSCAL_NETSTR
STSCAL_PFUEL
STSCAL_SUPLM
STSCAL_WPR

File

NGPTAR
NGUSER
NGUSER
NGUSER
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGLNGDAT
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGMAP
NGPTAR
NGPTAR
NGPTAR
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER
NGUSER

Variable

STTOM_C
STTOM_RHO

STTOM_WORKCAP

STTOM_YR
SUPCRV
SUPSUB_NG
SUPSUB_OG
SUTZ

SYR

TFD1

TFD2
TFD2YR

TGD
TMPGDP
TOM_C
TOM_CARR
TOM_DEPSHR
TOM_GPIS
TOM_NEWCAP
TOM_RHO
TOM_YR
TRN_DECL
TST1,TST2
TST2YR
TTRNCAN
TYP

VOL
WHP_LHIS
WPRACAST FLG
XBLD
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NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGUSER
NGMAP
NGMAP
NGCAP
NGLNGDAT
NGDTAR
NGDTAR
NGDTAR
NGHISAN
NGLNGDAT
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGPTAR
NGDTAR
NGDTAR
NGDTAR
NGCAN
NGLNGDAT
NGLNGDAT
NGHISMN
NGUSER
NGCAP



Appendix F

Derived Data






Data:

Author:

Sour ce:

Derivation:

TableF1

Parameter estimates for the Alaskan natural gas consumption equations for the
residential and commercial sectors and the Alaskan natural gas wellhead price

Chetha Phang, EIA, June 4, 2002
Natural Gas Annual, DOE/EIA-0131.

An autoregressive procedure (PROC AUTOREG) was used to estimate the
parameters of the Alaska natural gassumption equation fdahe residential and
commercial sectors and the natural gas wellhead price. These equations are estimated
based on the historical time series dait#\laska natural gas consumption, 1969-
2000, and are defined as follows:

Residential Natural Gas Consumption
In YRi=a; + fS*In RN

N =32, R-Squared =0.76,
rho =0.266 (t-1.5), Durbin-Watson = 1.44

Parameters: Oy R
Estimated Value: 0.1436 0.5799
t-statistic (0.6) (9.9)

Evidence of serial correlation exists between the disturbance terms. After
correcting the model using the first-oréeitocorrelation coefficient (rho), the
eguation paranters become:

Parameters: Oy R
Estimated Value: 0.1054 0.5894
t-statistic (0.4) (7.8)

R-Squared = 0.78

Durbin-Watson = 1.80

Autoregressive parametegr=-0.26624 (1.49)

The forecast equation becomes:
NYRi=a+B*INRN;-p*(In YRe1- (@ + B *In RN¢.g)) or
YRt — eAK_C(l) * YRt_lAK—C(Z) * RNtAK_C(3) * RNt_lAK—C(4)

Variables: AK_C(2) AKC(2) AK_C(3) AK_C(4)
Estimated Value: 0.0773 0.2662 0.5894 -0.1569
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Commercial Natural Gas Consumption

In YCi=oc+ &*ln CN;
N =32, R-Squared =0.776,
rho = 0. 5454 (t-3.5), Durbin-Watson = 0.767

Variables: Oc (8
Estimated Value: 2.041 0.444
t-statistic (22.3) (10.2)

Strong serial correlation exists between the disturbance terms. After
correcting the model twice using the autoregressive parameters, the equation
parameters become:

Parameters: Oc 3
Estimated Value: 0.20151 0.4552
t-statistic (18.9) (8.97)

R-Squared = 0.88

Durbin-Watson = 1.72

Autoregressive parametersl, = -0.76653 (t= 4.44), p2 = 0.40521 (i=
2.35)

The forecast equation becomes:

In YCt = (X'C + BC * In CNt - pl * (ln YCt_]_ - (ac + BC * |n CNt_l))
-p2*(IN YCi2 - (0c + Bc * In CNp)) or

YC, = LKD) YCt_lAK_D(Z) % CNtAK_D(B) * CNt_lAK_D(4) * YCt_ZAK_D(S) * CN.

2AK_D(6)
Variables: AK_D(1) AK D(2 AK D(3) AK_D(4)
Estimated Value: 1.28698 0.76653 0.4552 -0.34893

AK_D()  AK_D(6)
-0.40521 0.18445

Natural Gas Wellhead Price

AK_WPRG = AK_Fy + (AK_F, * T2)

Variables: AK_F(1) AK_F(2)
Estimated Value: 0.4540 0.0279
t-statistic: (7.08) (7.97)

R Squared: 0.69
rho = 0.4466 (t-2.64), Durbin-Watson = 1.07
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Strong serial correlation exists between the disturbance terms. After
correcting the model using the first-oréeitocorrelation coefficient (rho), the
eguation paranters become:

Parameters: AK_F(1) AK_F(2)
Estimated Value: 0.4746 0.0268
t-statistic (4.82) (5.06)

R-Squared = 0.75
Durbin-Watson = 1.77
Autoregressive parametegr=-0.44665 (t= 2.64)

The forecast equation becomes:

AK_WPRG = AK_Fy + (AK_F, * T2) —
0 * (AK_WPRGC,; - (AK_F; + (AK_F> * (T2-1))))

where,
In = natural logarithm operator
t = yearindex
N = number of observations
RN; = residential consumers (thousandscurrent year. (AK_RN), See
Table F2
CN: = commercial consumers (thousanaisgurrent year. (AK_CN), See
Table F2
YR: = residential Alaskan natal gas consumption  (Bcf)
(QALK_NONU_F(1))
YC: = commercial Alaskan na@l gas consumption (Bcf)

(QALK_NONU_F(2))
T2 = time trend variable havinglue 1, 2, 3,..., 32 starting from 1970 to
2001. In 2025, the T2 variablall take on the value of 56.
AK_WPGC = average natural gas wellhead price (1987%/Mcf) in current year.

Notes: Variables displayed in parenses are used in the source code.

Variabless AK_C Parameters for Alaskan rdential natural gas consumption
(Appendix E).
AK_D Parameters for Alaskan commercial natural gas consumption
(Appendix E).
AK_F Parameters for Alaskan natural gas wellhead price (Appendix
E).
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Data used in estimating parametersin TablesF1 and F2
(Bcf, 87$/Mcf)

YEAR YR YC RN CN WH GDPF
1969 4.573 11.018 14.000 4.000 -- -
1970 6.211 12.519 15.000 4.000 0.667 0.2906
1971 6.893 14.256 18.000 3.000 0.610 0.3052
1972 8.394 16.011 21.000 3.000 0.366 0.3182
1973 5.024 12.277 23.000 3.000 0.B846 0.3360
1974 4.163 13.106 22.000 4.000 0.860 0.3662
1975 10.3983 14.415 25.000 4.000 0.p81 0.4003
1976 10.91y 14.191 28.000 4.000 0.715 0.4230
1977 11.282 14.564 30.000 5.000 0.689 0.4502
1978 12.166 15.208 33.000 5.000 0.836 0.4823
1979 7.318 15.862 36.000 6.000 0.r72 0.5225
1980 7.91Y 16.513 37.000 6.000 0.993 0.5704
1981 7.904 16.650 40.000 6.000 0.r71 0.6237
1982 10.554 24.232 48.000 7.000 0.738 0.6625
1983 10.434 24.693 55.000 8.000 0.822 0.6888
1984 11.838 24.6%4 63.000 10.000 0.793 0.7144
1985 13.256 20.344 65.000 10.000 0.[779 0.7369
1986 12.091 20.874 66.000 11.000 0.515 0.7531
1987 12.256 20.224 68.000 11.000 0.940 0.7758
1988 12.529 20.842 68.612 11.649 1.228 0.8021
1989 13.589 21.738 69.540 11.806 1.267 0.8327
1990 14.1656 21.622 70.808 11.921 1.238 0.8651
1991 13.562 20.897 72.565 12.071 1281 0.8966
1997 14.350 21.299 74.268 12.204 1191 0.9184
1993 13.858 20.003 75.842 12.359 1471 0.9405
1994 14.896 20.698 77.6/0 12.475 1.026 0.9601
1995 15.231 24.979 79.4/74 12.584 1.297 0.9810
1996 16.179 27.315 81.348 12.732 1.249 1.0000
1997 15.146 26.908 83.596 12.945 1.385 1.0195
1998 15.61) 27.079 86.243 13.176 0.992 1.0322
1999 17.634 27.667 88.924 13.409 1.014 1.0477
2000 15.979 26.424 91.249 13.644 1277 1.0692
2001 - -1 - -
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TableF2

Data: Exogenous forecast of the number of residential and commercial customers in Alaska
Author: Chetha Phang, EIA, June 4, 2002.
Source: Natural Gas Annual (1985-2000), DOE/EIA-0131, see Table F1.

Derivation: The number of residential consumers regmésthe number of residential households.
In the last 28 years this number has been steadily increasing, mirroring the
population growth in Alaska. Since ther@nt year population is highly dependent
on the previous year population, the numifeesidential consmers was estimated
based on its lag value. The forecasuation is estimated below using the
AUTOREG procedure to correct for the first-order autocorrelation coefficient:

log (RN) = 0.2755 + 0.9437 * log(RN)
t = (39 (519
R* = 0.99
DW = 1.85
rho = 0.222 (t=1.2)

This translates into the following forecast equation:

RN, = 1.3172* RN,*%%

The number of commercial consumers, based on billing units, showed also a strong
relationship to its lag value. The forecast equation is determined using the Ordinary
Least Squares (OLS) procedure as follows:

log (CN) = 0.0861 + 0.9769 * log(GN)
t = (1.18) (27.9)
R* = 0.96
DW = 1.95 (rho=0.018, which is nstatistically significant)

This translates into the following forecast equation:
CN = 1.0899 * CN,*9"®
Units: Thousands of customers.

Variabless AK_RN Number of residential naturgas customers (thousands) in Alaska
(Appendix E)

AK_CN Number of commercial natdrgas customers (thousands) in Alaska
(Appendix E)

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 F-5



TableF3

Data: Coefficients for the following PipelenTariff Submodule facasting equations for
pipeline and storage: total cash working capital for the combined existing and new
capacity; depreciation, depilen, and amortization expenses for existing capacity;
accumulated deferred income taxes for the combined existing and new capacity; and
total operating and maintenance expense for the combined existing and new capacity.

Author: Science Applications Inteational Corporation (SAIC)

Source: Foster Pipeline Riancial Data, 1991-2000
Foster StoragEBinancial Data, 1990-1998

Variables:

For Transportation:

R_CWC =total pipeline transmission cash working capital for existing and new capacity
(1996 real dollars)
DDA_E =annual depreciatiodepletion, and amortization costs for existing capacity
(nominal dollars)
NPIS_E =net plant in service for existing capacity in dollars (hominal dollars)
NEWCAP_E =change in existing gross plant in service (nominal dollars) between t and t-1
(set to zero during the forecast year phase since GRIS GPIS_E ., for
year t >= 2001)
ADIT =accumulated deferred income taxes (nominal dollars)
NEWCAP =change in gross plant in Seevbetween t and t-1 (nominal dollars)
R_TOM =total operating andaintenance cost for exisgjrand new capacity (1996 real
dollars)
GPIS = capital cost of plant in service for existing and new capacity (nominal dollars)
NEWCAP =amount of gross plant in servioeifinal dollars) added to arc a during year t
DEPSHR =ratio of accumulated DDA to GPIS measured at the beginning of year t
(fraction)

CARRIAGE_C = (also CARRIAGE_T) fraction of pipeline throughput accounted for by the third
party transportation (this vable is included to account for the effect of open
access on the cost efficiency of the pipelines. It is set to 1 in the code to fully
account for the effect of open access.)

a =arc
t =forecast year

For Sorage:

R_STCWC =total cash working capital at the beginning of year t for existing and new
capacity (1996 real dollars)
DSTTCAP =total gas storage capacity (Bcf)
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STDDA_E

=annual depreciatiodgpletion, and amortization st3 for existing capacity
(nominal dollars)

STNPIS_E =net plant in service for existing capacity (nominal dollars)

STNEWCAP
STADIT
NEWCAP
R_STTOM
DSTWCAP

r

t

References:

Derivation:

= change in gross plant in service for existing capacity (nominal dollars)

= accumulated deferred income taxes (nominal dollars)

=change in gross plant in service for the combined existing and new capacity
between years t and t-1 (nominal dollars)

= total operating andaintenance cost for exisgrand new capacity (1996 real
dollars)

= level of gas working capscfor region r during year t (Bcf)

=NGTDM region

=forecast year

For transportation: “Memorandum gsigibing the estimated and forecast
equations for TOM, DDA, CWC, and ADIT for the new PTM,” by SAIC, August
13, 2002.

For storage: “Memorandudescribing the estimateshd forecast equations for
TOM, DDA, CWC, and ADIT for the new PTM,” by SAIC, May 31, 2000.

Estimations were done by using an@gtting algorithm in combination with
estimation software. Forecasts aresdsh on a series of Fortran-based
econometric equations which have been estimated using the Time Series Package
(TSP) software. Equations were estimated by arc for pipelines and by NGTDM
region for storage, as follows: total cash working capital for the combined
existing and new capacity; depreciatiorplé&on, and amortization expenses for
existing capacity; accumulated deferred income taxes for the combined existing
and new capacity; and total operating and maintenance expense for the combined
existing and new capacity. Thespiations are defined as follows:

(1) Total Cash Working Capital for the Combined Existing and New Capacity

For Transportation:

R_CWC, = glBoa” () % GP|§,%* g(f2" CARRIAGE C\) %
R_CWC...* GPI Sg_*lﬁl* g 2" CARRIAGE C..)

where,

Boa = constant term estimated by arc (see Table Bg.l5 ARC yy)
= CWC_C (Appendix E)

B1,B2 =(0.917716, -2.55792)
=CWC_GPIS, CWC_CARR (Appendix E)

t-statistic = (55.7) (16.6)

p =0.457977
= CWC_RHO (Appendix E)

t-statistic = (62.4)

DW =1.76
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R-Squared =0.98
For Sorage:

R_STCWG, =¥ ** DSTTCAF L *
R_STCWC’..* DSTTCAPL,"

where,

Boa = constant term estimatdy region (see Table F3[&,, = REG)
= STCWC_CREG (Appendix E)

B1 =1.07386
=STCWC_TOTCAP (Appendix E)

t-statistic = (2.8)

p =0.668332
=STCWC_RHO (Appendix E)

t-statistic = (6.8)

DW =1.53

R-Squared =0.99
(2) Total Depreciation, Depletion, and Amortization for Existing Capacity
(a) existing capacity (up to 2000 for pipeline and up to 1998 for storage)

For Transportation:

DDA_Eqs = By,* (1- p) + B,* NPIS_E, 1 +
ﬂz* NEWCAPa,t-l + ,0* DDA_ Ea,t—l -
P* (B,* NPIS_E,2+ B, NEWCAP;,2)

where,

Boa = constant term estimated by arc (see Table Bg.3; ARC yy)
=DDA_C (Appendix E)

B1 B2 =(0.04579, 0.025175)
= DDA_NPIS, DDA_NEWCAP (Appendix E)

t-statistic = (78&l) (39.4)

P =0.540670
=DDA_RHO (Appendix E)

t-statistic = (22.2)

DW =2.0

R-Squared =0.86
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For Sorage:

STDDA_E, = fB,,+ 5,* STNPIS E, .. + ,* STNEWCAR;

where,
Boa = constant term estimatéy region (see Table F3 8, = REG)
=STDDA_CREG (Appendix E)
B1 B2 =(0.032004, 0.028197)
= STDDA_NPIS, STDDA_NEWCAP (Appendix E)
t-statistic = (1) (16.9)
DW =1.62

R-Squared =0.97
(b) new capacity (generic pipelines and storage)

A regression equation is not used for the new capacity; instead, an accounting
algorithm is used (presented in Chapter 6).

(3) Accumulated Deferred Income Taxes for the Combined Existing and New
Capacity

For Transportation:

ADIT 2: = Bo.* B,* ADIT a1t B,* NEWCAPx;

where,
Boa = constant term estimated by arc (see Table Bg.:5 ARC y)
= ADIT_C (Appendix E)
B1 B2 =(1.0000, 0.038448)
= ADIT_ADIT, ADIT_NEWCAP (Appendix E)
t-statistic = (NA) (15.1)
DW =2.09

R-Squared =0.26
For Sorage:

STADIT=B,+ B,* STADIT, .+ 5,* NEWCAR,,

where,
Bo =-212.535
=STADIT_C (Appendix E)
B1 B2 =(0.921962, 0.212610)
= STADIT_ADIT, STADIT_NEWCAP (Appendix E)
t-statistic = (58.8) (8.4)
DW =1.69

R-Squared =0.98
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(4) Total Operating and Maintenance Expense for the Combined Existing and New
Capacity

For Transportation:

R_TOMg;= glBoa” (1-p)) GPIS{%* glB2* NEWCAPa) % o(B5* DEPSHRu 1) *

e([;A* CARRIAGE _T,;) % R_TOM g,t—l* G Pl%ﬁ}_*l,@l*
g P* B2* NEWCAPa 1) % o(-0* B3* DEPSHRu-2) *

(P* B4* CARRIAGE Tay.)

where,

Boa = constant term estimated by arc (see Table Bg6; ARC yy)
=TOM_C (Appendix E)

B1. B2, P3.Bs = (0.956374, 0.939119E-06, 0.926418, -1.56502)
=TOM_GPIS, TOM_NEWCAP, TOM_DEPSHR, TOM_CARR

(Appendix E)

t-statistic = (113) (11.7) (11.0) (12.6)

P =0.72519
=TOM_RHO (Appendix E)

t-statistic = (37.7)

DW =2.03

R-Squared =0.99
For Sorage:

R_STTOM; = ebo" &PD* pSTWCARP *
*R_STTOM?;* DSTWCARA ;1

where,
Bo =-6.6702
=STTOM_C (Appendix E)
B1 =1.44442
= STTOM_WORCAP (Appendix E)
t-statistic = (33.6)
P =0.761238
=STTOM_RHO (Appendix E)
t-statistic = (10.2)
DW =1.39

R-Squared =0.99
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Table F3.1. Summary Statisticsfor Pipeline Total Cash Working Capital Equationswith
Dummy Variables

Variable Coefficient Standard-Error t-statistic
GPISI 917716 .016461 55.7523

CARRIAGE -2.55792 154144 -16.5944
ARC01 01 -.641280 538508 -1.19085
ARCO02_01 -.195607 .560943 -.348711
ARCO02_02 -.431981 221553 -1.94979
ARCO02_03 -.242314 .248553 -.974899
ARCO02_05 -.861015 253211 -3.40038
ARCO03 02 192249 322516 .596092

ARCO03_03 -. 709776 .207208 -3.42543
ARCO03_04 -.973120 287294 -3.38719
ARCO03_05 -.673644 .280010 -2.40579
ARCO03_15 -.447618 272403 -1.64322
ARCO04_03 -.623242 .255290 -2.44131
ARCO04_04 -.708192 .215652 -3.28396
ARCO04_07 -.520209 .243809 -2.13368
ARCO04_08 -.582234 .315082 -1.84788
ARCO05 02 -.354784 254978 -1.39143
ARCO05_03 -.313973 .238896 -1.31427
ARCO05_05 -.451966 226452 -1.99586
ARCO05_06 -.147708 .334005 -.442233
ARCO06_03 -.291997 .229488 -1.27238
ARCO06_05 .030612 .300576 101844

ARCO06_06 -.602697 197661 -3.04914
ARCO06_07 233343 .685617 .340340
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Variable Coefficient Standard-Error t-statistic
ARCO06_10 -.585718 456198 -1.28391
ARCO7_04 -472611 .238003 -1.98574
ARCO7_06 -.249635 238141 -1.04827
ARCO7_07 -427454 .206653 -2.06847
ARCO7_11 -.648011 .293966 -2.20437
ARCO08_04 -.711530 .316864 -2.24554
ARCO08_07 -.437261 .259868 -1.68262
ARCO08_08 -.627179 .202406 -3.09861
ARCO08_09 -.825680 230721 -3.57869
ARCO08_11 -.138029 .525528 -.262647
ARCO09_08 -.700004 .260761 -2.68447
ARCO09 09 -.813013 232176 -3.50171
ARCO09 12 -.692531 .290817 -2.38133
ARC10_10 -1.42444 480833 -2.96245
ARC11 07 -.799188 .265349 -3.01183
ARC11 08 -.192143 451121 -.425923
ARC11 11 -.810266 .322890 -2.50942
ARC11 12 -.076802 .533013 -.144091
ARC14 02 .282693 242126 1.16754
ARC16_04 -1.15875 277500 -4.17566
ARC17_04 -1.92384 463976 -4.14642
ARC18 09 -.661017 294344 -2.24573
ARC19 09 -.591245 .273883 -2.15875
ARC20_07 -.907570 252296 -3.59724
RHO .863521 .013829 62.4428
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Table F3.2. Summary Statisticsfor Storage Total Cash Working Capital Equation with
Dummy Variables

Variable Coefficient St-Error t-statistic
REG2 -2.30334 5.25413 -.438386
REG3 -1.51115 5.33882 -.283049
REG4 -2.11195 5.19899 -.406224
REG5 -2.07950 5.06766 -.410346
REG6 -1.24091 4.97239 -.249559
REG7 -1.63716 5.27950 -.310097
REG8 -2.48339 4.68793 -.529740
REG9 -3.23625 4.09158 -.790954
REG11 -2.15877 4.33364 -.498143

Table F3.3. Summary Statisticsfor Pipeline Depreciation, Depletion, and Amortization

Equation with Dummy Variables

Variables Coefficient Standard-Error t-statistic
NPISI .045790 .584091E-03 78.3961
NEWCAP .025175 .639224E-03 39.3841
ARCO01_01 6.53454 4.34575 1.50366
ARCO02_01 1374.00 948.532 1.44855
ARCO02_02 437.573 75.7545 5.77619
ARCO02_03 638.393 332.687 1.91890
ARCO02_05 108.940 50.3543 2.16347
ARCO03_02 493.628 1090.29 452749
ARCO03_03 79.4849 29.0801 2.73330
ARCO03_04 376.478 195.096 1.92971
ARCO03_05 1990.93 2656.76 .749381
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Variables Coefficient Standard-Error t-statistic
ARCO03_15 -247.515 237.963 -1.04014
ARCO04_03 416.386 289.931 1.43616
ARCO04_04 -1.82281 269.715 -.675830E-02
ARCO04_07 202.489 70.7892 2.86046
ARCO04_08 -1234.55 1663.51 -.742133
ARCO05_02 1655.88 1029.58 1.60831
ARCO05_03 103.404 79.9551 1.29327
ARCO05_05 24.1683 14.4891 1.66804
ARCO05_06 123.700 76.3967 1.61919
ARCO06_03 1714.87 266.858 6.42616
ARCO06_05 4098.57 1376.66 2.97719
ARCO06_06 68.0096 81.7357 .832068
ARCO06_07 -544.465 45.3172 -12.0145
ARCO06_10 1446.01 711.577 2.03212
ARCO7_04 144777 280.935 2.65106
ARCO7_06 4398.12 566.629 7.76189
ARCO7_07 182.809 44.1316 4.14236
ARCO7_11 -610.670 142.234 -4.29343
ARCO08_04 -776.506 532.078 -1.45938
ARCO08_07 156.274 53.3097 2.93144
ARC08_08 62.9567 103.531 .608094
ARCO08_09 -84.9817 147.530 -.576029
ARCO08_11 -1040.84 388.391 -2.67987
ARCO09 08 929.607 644.087 1.44330
ARC09_09 -107.999 163.156 -.661935
ARCO09 12 -2339.38 944.593 -2.47661
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Variables Coefficient Standard-Error t-statistic
ARC10_10 9.15594 1.90971 4.79442
ARC11 07 690.131 342.327 2.01600
ARC11 08 -100.232 142.807 -.701865
ARC11 11 -1237.57 236.138 -5.24087
ARC11 12 -1978.24 411.096 -4.81211
ARC14 02 187.696 149.693 1.25387
ARC16 04 -335.707 655.504 -.512136
ARC17_04 -2210.39 937.797 -2.35700
ARC18 09 -3395.66 1339.58 -2.53487
ARC19 09 3402.02 2514.25 1.35309
ARC20_07 117.493 151.257 176776
RHO .540670 024321 22.2301

Table F3.4. Summary Statisticsfor Storage Depreciation, Depletion, and Amortization

Equation with Dummy Variables

Variable Coefficient St-Error t-statistic
REG2 4485.56 1204.28 3.72467
REG3 6267.52 1806.17 3.47006
REG4 3552.55 728.230 4.87833
REG5 2075.31 646.561 3.20976
REG6 1560.07 383.150 4.07169
REG7 4522.42 1268.87 3.56412
REGS8 1102.49 622.420 1.77129
REG9 65.2731 10.1903 6.40542
REG11 134.692 494.392 272439
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Table F3.5. Summary Statisticsfor Pipeline Accumulated Deferred Income Tax Equation
with Dummy Variables

Variable Coefficient Standard-Error t-statistic
NEWCAP .038448 .254650E-02 15.0985
ARCO01_01 10.5971 3.30538 3.20601
ARCO02_01 2131.98 528.424 4.03461
ARCO02_02 124.356 52.4170 2.37244
ARCO02_03 492.116 598.688 821991
ARCO02_05 133.717 94.3545 1.41718
ARCO03_02 149.336 271.866 549299
ARCO03_03 -3.01031 11.6465 -.258474
ARCO03_04 -162.936 176.814 -.921510
ARCO03_05 3558.96 831.201 4.28171
ARCO03_15 -165.416 209.775 -.788538
ARCO04_03 378.690 306.426 1.23583
ARCO04_04 -24.9724 105.401 -.236927
ARCO04_07 33.7803 67.1921 502742
ARCO04_08 -29.3991 385.835 -.076196
ARCO05_02 489.871 356.186 1.37533
ARCO05_03 -7.87457 89.2867 -.088194
ARCO05_05 .845435 6.74440 125354
ARCO05_06 5.12738 21.4960 .238527
ARCO06_03 130.515 138.634 941440
ARCO06_05 120.689 167.129 122133
ARCO06_06 -4.73495 34.2230 -.138356
ARCO06_07 -195.582 333.994 -.585586
ARCO06_10 87.5360 483.298 181122
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Variable Coefficient Standard-Error t-statistic
ARCO07_04 -110.659 128.618 -.860367
ARCO7_06 444193 399.180 1.11276
ARCO07_07 -12.5610 34.3260 -.365934
ARCO7_11 -1.46159 201.775 -.724370E-02
ARCO08_04 32.5006 55.4684 585930
ARCO08_07 131.392 189.217 .694396
ARCO08_08 16.8100 127.698 131639
ARCO08_09 293.737 168.320 1.74510
ARCO08 11 1161.38 623.485 1.86272
ARCO09 08 -231.363 766.115 -.301995
ARC09_09 398.695 166.132 2.39986
ARCO09 12 4538.25 1478.38 3.06974
ARC10_10 4.88612 4.50934 1.08356
ARC11 07 69.3147 223.327 .310372
ARC11 08 -82.9582 282.321 -.293843
ARC11 11 34.9691 150.515 232330
ARC11 12 846.447 624.698 1.35497
ARC14 02 147.408 38.5351 3.82531
ARC16_04 3457.99 857.321 4.03349
ARC17_04 -2642.76 829.873 -3.18454
ARC18 09 6829.26 2110.26 3.23622
ARC19 09 171.237 2617.55 .065419
ARC20_07 182.795 41.9119 4.36142
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Table F3.6. Summary Statisticsfor Pipeline Total Operating and M aintenance Expense

Equation with Dummy Variables

Variable Coefficient Standard-Error t-statistic
GPISI 956374 .844279E-02 113.277
NEWCAP .939119E-06 .803847E-07 11.6828
DEPSHR 926418 .084278 10.9924
CARRIAGE -1.56502 124186 -12.6022
ARCO01_01 -1.47693 162694 -9.07796
ARCO02_01 -1.28706 .178885 -7.19490
ARCO02_02 -1.18683 176264 -6.73324
ARC02_03 -.679867 176879 -3.84369
ARCO02_05 -1.40022 178553 -7.84204
ARCO03 02 -1.15150 215187 -5.35116
ARCO03_03 -1.36677 161850 -8.44465
ARC03_04 -1.49083 .270901 -5.50324
ARCO03_05 -1.32767 187161 -7.09374
ARCO03_15 -.967062 .234007 -4.13262
ARCO04_03 -1.32782 172355 -7.70396
ARCO04_04 -1.39357 171272 -8.13660
ARCO04_07 -1.01665 183225 -5.54868
ARCO04_08 -1.12915 .258520 -4.36773
ARCO05_02 -1.03553 195750 -5.29009
ARCO05_03 -. 775011 168126 -4.60971
ARCO05_05 -1.19259 191103 -6.24054
ARCO05_06 -1.01157 239391 -4.22558
ARCO06_03 -1.33138 173538 -7.67200
ARCO06_05 -1.32479 187705 -7.05782
ARCO06_06 -1.48448 157370 -9.43306
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Variable Coefficient Standard-Error t-statistic
ARCO06_07 -1.56767 .282304 -5.55311
ARCO06_10 -1.41087 190109 -7.42137
ARCO07_04 -1.34155 166929 -8.03666
ARCO7_06 -1.36176 172467 -7.89580
ARCO07_07 -1.31864 162098 -8.13488
ARCO7_11 -1.17207 176921 -6.62480
ARCO08_04 -1.25120 .263828 -4.74249
ARCO08_07 -.961530 249642 -3.85163
ARC08_08 -1.10837 159281 -6.95856
ARCO08_09 -1.43903 .207102 -6.94841
ARCO08 11 -.879476 219716 -4.00278
ARCO09 08 -1.16729 .218935 -5.33169
ARCO09_09 -1.44477 215745 -6.69665
ARCO09 12 -1.55960 191581 -8.14067
ARC10_10 -1.68441 .205099 -8.21263
ARC11 07 -1.22412 .164076 -7.46065
ARC11 08 -1.04422 229707 -4.54587
ARC11 11 -1.16453 185935 -6.26308
ARC11 12 -.925343 .221085 -4.18545
ARC14 02 -1.52336 .203786 -7.47531
ARC16_04 -2.08311 .188062 -11.0767
ARC17_04 -2.46248 176426 -13.9576
ARC18 09 -1.55383 193260 -8.04013
ARC19 09 -1.12161 223701 -5.01386
ARC20_07 -1.43671 175417 -8.19026
RHO 725199 .019217 37.7381
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TableF4

Data: Equation for industriadistribution tariffs
Author: Ernest Zampelli, SAIC, 2005.

Source: The source for the peak and offpeak consionmlata used in this estimation was the
Natural Gas Monthly (1990-2002), DOE/EIA-0138tate level citygate prices by
month were averaged using quantity-weights to arrive at seasonal (peak and offpeak),
regional level (12 NGTDM regions) prices. The quantity-weights for the citygate
prices consisted of residigal consumption plus commeal consumption that is
represented by onystem sales plus intalstonsumption that is represented by
onsystem sales. Industrial prices for éstimations were dered as described in
Table F5.

Variables: TIN,nt industrial distributor tariff imegion r, network n (1987 dollars
per Mcf) (DTAR_SH)
REG =1, if observation is in region r, =0 otherwise
PREG, =1, if observation is in region r during peak period (n=1), =0
otherwise
QIN;; industrial gas consumption iregion 4 in year t (MMcf)
(BASQTY_SF)
r  NGTDM region
t year
ag, Oy, 0rn  €Stimated parameters for regional dummy variables
(IN_CONST, IN_ALP, IN_PKALP)
B  estimated parameter for consumption
p  autocorrelation coefficient

Derivation: The industrial distributotariff equation was estimatading panel data for the 12
NGTDM regions over the 1990 to 2002 time pdri The equation was estimated in
linear form with corrections for cross sectional heteroscedasticity and first order serial
correlation using TSP version 4.5. Tioem of the estimating equation follows:

INTIN

rn,t

:(10+Z(1r * REG, +Za,pk *REG,, #3*QIN,, +p*TIN

-p* (OLO+ZOLr *REG, +Za,ypk *REG,, #8*QIN,, ;)

Regression Diagnostics and Parameter Estimates:
FIRST-ORDER SERIAL CORRELATION OF THE ERROR

Objective function: Exact ML (keep first obs.)
Balanced data: NI = 24, T = 14, NOB = 336

Energy Information Administration
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Parameter

Oo
03
Og
010
011
012
01, pk
02, pk
p

p

CONVERGENCE ACHIEVED AFTER 4 ITERATIONS

Dependent variable: ThN; ¢
Number of observations: 336

Mean of dep. var . = -0.36253

Std. dev. of dep. var . 1.81722 Adjusted R-squared = .694381
Sum of squared residuais 329.048

Variance of residuals =
Std. error of regression = 1.00466

Data used for estimation

1990
1990
1991
1991
1992
1992
1993
1993
1994
1994
1995
1995
1996
1996
1997
1997
1998
1998
1999

QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN

1.00935

R-squared = .702591

Durbin-Watson

= 1.89030

Schwarz B.I.C. =
Log likelihood = -474.186

Standard
Estimate Error t-statistic
-.125778 .038998 -3.22522
-.352032 .066445 5.29809
.225986 103781 2.077528
.556815 151784 3.66846
647611 146142 4.43018
.560128 128746 4.35065
.820760 .178056 4.60957
.624185 .094058 6.63317
-.000236411 .0000530308 -4.45799
557179 .046085 12.0903
New Mid E.N. W.N. S Atl E.S.
Engl Atlantic  Central Central -Flor Central
1.00 2.00 3.00 4.00 5.00 6.00
peak 25.3 156.9 454.0 137.4 187.3 152.8
offpeak  56.2 272.1 730.9 238.9 355.2 2735
peak 39.4 169.0 480.0 146.9 173.3 158.9
offpeak  82.6 282.4 726.7 249.7 3345 289.0
peak 54.1 204.3 495.6 151.3 187.2 168.0
offpeak  108.6 355.1 773.3 256.0 357.2 307.6
peak 42.0 218.9 499.0 162.2 188.7 177.4
offpeak  83.8 358.2 741.3 275.1 364.4 307.5
peak 51.2 224.9 510.8 185.1 185.1 171.5
offpeak  94.0 367.5 734.8 310.8 385.4 302.0
peak 51.1 252.2 528.3 170.1 199.1 183.7
offpeak  88.5 424.7 788.7 294.6 4105 3285
peak 42.6 2447 538.5 162.8 196.6 180.6
offpeak  88.5 412.7 814.9 277.3 391.3 3273
peak 48.3 235.3 528.6 178.1 216.6 188.1
offpeak  86.0 405.0 814.5 287.5 404.4 3385
peak 52.5 226.9 506.9 162.2 202.6 188.0
offpeak  94.1 376.6 768.6 292.2 3739 331.1
peak 55.6 196.0 523.1 158.5 2235 2024

Energy Information Administration

P-value
[.001]
[.000]

[.000]

[.000]

[.000]

[.000]

[.000]

[.000]

[.000]
[.000]

W.S. Mtn -
Central AZ/INM
7.00 8.00

957.9 57.5
2006.8 95.4
989.0 67.3
2023.4 110.7
1033.0 75.3
1970.1 130.3
1027.3 78.8
2072.4 140.1
1065.6  80.6
2025.3 132.6
1070.7 82.1
21575 137.0
1183.5 825
2305.8 148.5
1195.7 78.0
2318.6 137.5
11442 929
2188.3 155.0
1033.3 77.0

503.271

Variables
[IN_CONST]
[IN_ALP]
[IN_ALP]
[IN_ALP]
[IN_ALP]
[IN_ALP]
[IN_PKALP]
[IN_PKALP]
[IN_LNQ]
[IN_RHO]
WA/OR  Florida
9.00 10.00
45.8 30.4
80.6 55.5
47.0 30.6
87.0 53.8
49.4 30.2
88.2 55.5
51.4 34.9
93.7 67.2
54.2 43.4
104.7 85.1
58.3 49.7
107.4 84.4
62.6 46.7
127.2 91.9
70.4 42,5
130.4 84.4
84.9 41.1
155.8 82.0
81.3 44.3
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AZINM  Calif
11.00 12.00
13.4 175.9
24.9 385.4
14.5 200.4
24.6 398.8
14.0 216.1
23.4 375.6
12.4 203.8
23.6 422.3
121 196.2
27.4 417.2
16.4 200.1
27.0 437.0
15.9 217.8
28.2 434.1
18.5 231.8
35.6 485.4
18.0 237.2
35.0 524.1
18.6 202.8
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1999
2000
2000
2001
2001
2002
2002
2003
2003
1990
1990
1991
1991
1992
1992
1993
1993
1994
1994
1995
1995
1996
1996
1997
1997
1998
1998
1999
1999
2000
2000
2001
2001
2002
2002
2003
2003

F-22

QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
QIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN
TIN

offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak

New

Engl

1.00
102.8
56.7
87.4
50.8
87.8
57.0
88.6
49.6
85.3
1.01
0.18
1.05
0.14
1.16
-0.20
1.02
-0.59
1.06
-0.83
0.87
-0.76
0.98
-0.64
0.91
-0.46
0.77
-0.88
0.36
-0.83
0.35
-0.47
-0.05
-0.13
0.61
-0.92
-0.04
0.54

Mid

Atlantic

2.00
339.2
149.8
269.0
141.9
232.8
150.8
244.9
144.1
2159
0.62
0.25
0.72
0.11
0.61
-0.24
0.42
-0.25
0.57
-0.03
0.45
0.07
0.39
-0.17
0.47
-1.01
0.01
-0.57
0.08
-0.78
0.35
-0.67
0.54
0.21
0.38
0.08
0.48
0.23

E.N.

Central

3.00
805.0
542.0
790.8
479.6
697.4
466.5
752.5
476.3
672.5
0.22
0.24
0.23
0.12
0.18
-0.11
0.13
-0.01
0.33
0.16
0.08
-0.14
-0.14
-0.12
0.11
-0.19
0.15
0.08
0.16
-0.23
-0.17
-0.25
0.03
0.23
0.25
-0.04
0.09
0.17
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W.N.
Central
4.00

270.5
160.7
281.6
147.0
252.9
147.3
269.0
149.8
249.4
-0.10
-0.24
-0.10
-0.32
-0.02
-0.29
-0.05
-0.37
0.07
-0.42
0.06
-0.39
0.17
-0.46
-0.12
-0.72
-0.01
-0.49
-0.02
-0.47
-0.20
-0.65
-0.40
-0.50
-0.15
-0.31
-0.19
-0.38

S Atl

- Flor

5.00
344.2
198.4
370.8
157.6
308.4
168.0
318.7
168.5
286.9
0.34
0.00
0.28
-0.18
0.29
-0.26
0.26
-0.36
0.15
-0.47
0.24
-0.24
0.17
-0.18
0.18
-0.31
0.05
-0.50
-0.15
-0.60
-0.22
-0.65
-0.13
-0.48
0.00
-0.38
0.30
-0.22

E.S.
Central
6.00

369.3
2034
352.9
169.2
300.6
176.9
305.4
168.1
275.6
-0.03
-0.16
-0.03
-0.21
-0.01
-0.31
0.01
-0.28
0.15
-0.23
0.17
-0.26
-0.27
-0.18
-0.03
-0.21
0.06
-0.31
0.08
-0.25
-0.17
-0.37
-0.33
-0.13
0.16
-0.03
0.19
-0.45

W.S.
Central
7.00

2052.9
1096.1
2263.4
1080.9
2029.4
1064.2
2105.0
989.5
1925.0
-0.69
-0.88
-0.75
-0.74
-0.73
-0.69
-0.67
-0.59
-0.61
-0.49
-0.71
-0.64
-0.37
-0.41
-0.64
-0.35
-0.29
-0.20
-0.45
-0.25
-0.53
-0.37
-0.75
-0.42
-0.59
-0.45
-0.22
-0.22

Mtn -
AZINM
8.00

146.0
84.1
141.5
78.9
126.5
75.5
139.6
76.5
123.6
-0.14
-0.75
-0.41
-0.90
-0.34
-1.16
-0.35
-0.73
-0.69
-0.93
-0.34
-0.33
-0.15
-0.13
-0.26
0.01
-0.17
0.07
0.44
0.19
0.21
0.23
0.15
0.69
0.84
0.87
0.63
0.81

WA/OR

9.00
150.1
52.9
95.4
50.4
93.0
48.4
81.4
43.5
79.9

0.36
0.19
0.40
0.34
0.42
0.46
0.46
0.38
0.15
-0.07
0.13
0.12
0.10
-0.18
0.26
-0.13
0.07
-0.03
0.06
-0.06
0.25
-0.35
-0.53
0.15
0.69
-0.13
-0.02
-0.15
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Florida

10.00
91.3
35.7
70.9
313
64.9
324
61.9
27.2
48.6

0.50
0.60
0.32
0.40
0.39
0.30
0.61
0.76
0.19
0.35
0.03
0.18
-0.04
0.19
-0.20
0.18
0.15
0.14
0.69
-0.10
-0.05
0.25
0.03
1.22
1.15
0.72
0.04
1.27

AZ/INM  Calif

11.00
34.0
17.2
33.5
14.4
26.8
12.3
21.9
114
20.2

0.28
0.38
0.46
0.32
1.38
1.13
0.88
0.77
0.94
0.48
1.01
0.78
0.66
0.61
0.21
0.09
0.54
0.17
0.42
-0.01
-0.08
-0.11
-0.12
0.67
1.32
0.75
0.52
0.70

12.00
520.7
202.2
517.4
209.0
451.3
226.4
468.8
209.8
437.9

0.47
0.22
0.70
0.35
0.78
0.04
0.00
-0.44
0.27
0.05
1.20
0.61
0.56
0.37
0.81
0.26
1.01
0.39
0.53
0.11
0.45
0.30
-1.01
0.41
0.93
0.58
0.81
0.64



TableF5

Data: Historical industrial sector natural gascps by type of service, NGTDM region.

Derivation: The historical industrial natal gas prices published in tiNatural Gas Annual
(NGA) only reflect gas purchased through lagigtribution companies. In order to
approximate the average price to adltlustrial customers by service type and
NGTDM region (HPGFINGR, HPGIINGR), data available at the Census Division
from the 1994 Manufacturing Energy Consumption Survey (ME@S)e used to
estimate an equation for the regional MECS price as a function of the regional NGA
industrial price and the regional supplyger{quantity-weighted average of the gas
wellhead price and import price). Corelanoncore distinctionsere assumed based
on MECS data for 1988, 1991, and 1994hat four Census Region levelhe
procedure is outlined below.

1) Assign average Census Divisiowustrial price using enometrically derived
equation:

PIN_NG.=1.0050F exp(-0.01505)* PW_CDV%*** Pl_cDV.**

2) Assign prices to the NGTDM regioribat represent subregions of Census
Divisions by multiplying the Census Division price from step 1 by the subregion
price (as published in the NGA), divided by the Census Division price (as
published in the NGA). For the PacificuiBion, the industrial price in Alaska
from the NGA, with quantity weights, ised to approximata Pacift Division
price for the lower-48 (i.e., CA, WA, ar@R), before this step is performed.

3) Core industrial prices are derived &yplying an histodal, regional, average
average-to-firm price markup (FDIF) 1987$%/Mcf, Northeast 0.11, North
Central 0.14, South 0.67, West 0.39) to the established average regional industrial
price (from step 2). Noncore prices asdculated so that the quantity-weighted
average of the core and noncore pricpsaéthe original regional estimate. The
data used to generate the averagérm markups are presented below.

4) Finally, the peak and offpeak pricesfrthe NGA are scaled to align with the core
and noncore prices generated from step 8roaverage annual basis, to arrive at
peak/offpeak, core/noncore industipaices for the NGTDM regions.

'For AEO2007, a request has been issued to the Census Bureau to obtain similar data from other MECS surveys to improve this
estimation.

*Through a special request, the Census Bureau generated MECS data by Census Region and by service type (core
versus noncore) based on an assumption of which indudtigifications are more likely to consume most of their
purchased natural gas in boilers (careiponboiler applications (noncore).
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Prices (87$/mcf) Consumption (Bcf)
1988 1991 1994 1988 1991 1994

Core

Northeast 3.39 3.05 3.04 335 299 310

North Central 3.04 2.37 2.42 864 759 935

South 2.91 2.40 2.53 643 625 699

West 3.21 2.70 2.55 217 204 227
Noncore

Northeast 3.05 2.78 2.67 148 146 187

North Central 2.60 2.01 2.17 537 648 747

South 1.96 1.57 1.75 2517 2592 2970

West 2.54 2.19 1.91 347 440 528

Variables: PIN_NG Industrial natural gasipes by NGTDM region (19873$/Mcf)
PW_CDV Averagewpply price by CensuBivision (1987$/Mcf)
PlI_CDV Industrial natural gas ipe from the NGA by Census Division
(1987%$/Mcf)
FDIFF Average (1988, P4, 1994) difference between the firm industrial price
and the average industrial ggiby Census Region (1987%/Mcf)
PIN_FNG Industrial core naturgas prices by NGTDM region (1987%/Mcf)
PIN_ING Industrial noncore naturgds prices by NGTDM region (1987%/Mcf)
HPGFINGR Industrial core naturgias prices by period and NGTDM region
(1987%/Mcf)
HPGIINGR Industrial noncore naturghs prices by period and NGTDM region
(1987%$/Mcf)

Estimation: The industrial price equation was estimaisithg data pooled across the nine Census
Divisions for the year 1994. The equatiwas estimated in log-linear form by

ordinary least squares using TSP version 4.5.
IN(PIN_NG.) = B, + 5,* IN(PW_CDV.d) + B,* IN(PI_CDV.d)

Method of estimation Ordinary Least Squares

Dependent variable: LNPIN_NG
Current sample: 1t09
Number of observations: 9
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Mean of dep. var. = .860873 LM het. test = 3.31885 [.068]

Std. dev. of dep. var. 207370 Durbin-Watson = 1.22195 [<.255]
Sum of squared residuals 632783 Jarque-Bera test = .128884 [.938]
Variance of residuals = .5463782Ramsey’'s RESET2 = 2.97276 [.145]
Std. error of regression = .073917 F (zero slopes) = 28.4818 [.001]
R-squared = .904707 Schwarz B.I.C. = -9.20157
Adjusted R-squared = .872942 Log likelihood = 12.4974
Estimated Standard
Variable Coefficient Error t-statistic P-value
C -.015504 .128982 -.120203 [.908]
LNPW_CDV .195949 .095673 2.04811 [.086]
LNPI_CDV 773725 153329 5.04619 [.002]

Note: Multiplication by 1.00501 is an adjustment since a variable y is being
predicted from an equation where the depanhdariable is the natural log of y.
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TableF6

Data: Equation for residentiaistribution tariffs

Author: Ernest Zampelli, SAIC, 2005.

Source: The source for the peak and offpeak data used in this estimation WatLited Gas
Monthly (1989-2002), DOE/EIA-0130. State levdygate and residdial prices by
month were averaged using quantity-weights to arrive at seasonal (peak and offpeak),
regional level (12 NGTDM regions) prices. The quantity-weights for the citygate
prices consisted of residigal consumption plus commeal consumption that is
represented by onsystem safgus industrial consumpt that is represented by
onsystem sales. The source for the nurabegsidential customers was the Natural
Gas Annual, DOE/EIA-0131.

Variabless TRSr,n,t residential disbutor tariff in region r, nevork n (1987 dollars per Mcf)
(DTAR_SR)
REGr =1, if observation is in region r, =0 otherwise
PREGr,n =1, if observation is in regir during peak period (n=1), =0 otherwise
QRSr,t residential gaconsumption for region r in year t (MMcf per thousand
customers) (BASQTY_SANUMRS)
NUMRr,t thousands ofesidential customers negion r in year t (NUMRS)
r NGTDM region
n network (1=peak, 2=offpeak)
t year
a0 n €stimated parameters for regional dummy variables (RS_ALP,
RS_PKALP)
B estimated parameters for cangption (RS_LNQ) and number of
customers (RS_COST)
p autocorrelation coefficient

Derivation: The residential distributdariff equation was estimatecsing panel data for the 12
NGTDM regions over the 1990 to 2002 time pdri The equation was estimated in
log-linear form with corrections for cross sectional heteroscedasticity and first order
serial correlation using TSP version 4.9he form of the estimating equation

follows:

INTRSn: =D (@¢* REG * @0 * PREG,) + 8* INQRS, + £* INTRS 1

-0p* Q. (a/* REG * a1 pc* REG,5) + B* INQRS, ;)
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Regression Diagnostics and Parameter Estimates:
FIRST-ORDER SERIAL CORRELATION OF THE ERROR

Obijective function: Exact ML (keep first obs.)
Balanced data: NI =24, T = 13, NOB = 312

CONVERGENCE ACHIEVED AFTER 4 ITERATIONS

Dependent variable: TiRS ;
Number of observations: 312

12.2240 R-squared = .985401
&B884 Adjusted R-squared = .984609

Mean of dep. var . =
Std. dev. of dep. var . =

Sum of squared residuals = 297.805 Durbin-Watson = 1.76448
Variance of residuals = 1.00951 Schwarz B.I.C. = 484.313
Std. error of regression = 1.00474 Log likelihood = -435.498
Standard
Parameter Estimate Error t-statistic P-value Variables
o1 .7165456 .096051 -7.46008 [.000] [RS_ALP]
oo .6574940 .085850 -7.65867 [.000] [RS_ALP]
o3 -1.14636 077821 -14.7308 [.000] [RS_ALP]
04 -1.19791 .078013 -15.3553 [.000] [RS_ALP]
Os -.854135 .087480 -9.76379 [.000] [RS_ALP]
e -1.14899 .091693 -12.5308 [.000] [RS_ALP]
o7 -1.10831 .096820 -11.4472 [.000] [RS_ALP]
og -1.36162 .083365 -16.3332 [.000] [RS_ALP]
o9 -.905358 .086445 -10.4732 [.000] [RS_ALP]
O10 -.743249 115142 -6.45505 [.000] [RS_ALP]
o11 -1.01454 .100207 -10.1245 [.000] [RS_ALP]
o12 -1.13291 .096499 -11.7402 [.000] [RS_ALP]
01, pk .286348 .058066 4.93139 [.000] [RS_PKALP]
0l4,pk -.243666 .031013 -7.85679 [.000] [RS_PKALP]
0l10,pk -.276056 .035377 -7.80326 [.000] [RS_PKALP]
B -.617694 .025722 -24.0145 [.000] [RS_LNQ]
p .219128 .059916 3.65724 [.000] [RS_RHO]
Data used for estimation
New Mid E.N. W.N. S Atl E.S. W.S. Mtn - WA/OR Florida AZ/NM  Calif
Engl Atlantic Central Central -Flor Central Central AZ/NM
1 2 3 4 5 6 7 8 9 10 11 12
1990 QRS peak 0.0547 0.0540 0.0715 0.0624 0.0466 0.0461 0.0406 0.0532 0.0485 0.0153 0.0395 0.0340
1990 QRS offpeak 0.0382 0.0373 0.0488 0.0389 0.0294 0.0284 0.0268 0.0372 0.0328 0.0131 0.0216 0.0265
1991 QRS peak 0.0528 0.0517 0.0759 0.0684 0.0484 0.0488 0.0431 0.0575 0.0485 0.0142 0.0372 0.0304
1991 QRS offpeak 0.0367 0.0343 0.0484 0.0390 0.0297 0.0271 0.0268 0.0387 0.0350 0.0134 0.0226 0.0285
1992 QRS peak 0.0585 0.0556 0.0749 0.0614 0.0503 0.0491 0.0411 0.0539 0.0456 0.0165 0.0391 0.0301
1992 QRS offpeak 0.0440 0.0390 0.0525 0.0399 0.0326 0.0287 0.0263 0.0339 0.0293 0.0140 0.0210 0.0251
1993 QRS peak 0.0602 0.0613 0.0801 0.0697 0.0554 0.0518 0.0439 0.0592 0.0545 0.0145 0.0374 0.0315
1993 QRS offpeak 0.0420 0.0393 0.0509 0.0420 0.0314 0.0298 0.0292 0.0389 0.0341 0.0142 0.0221 0.0259
1994 QRS peak 0.0623 0.0657 0.0810 0.0690 0.0541 0.0524 0.0424 0.0526 0.0493 0.0151 0.0358 0.0306
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1994
1995
1995
1996
1996
1997
1997
1998
1998
1999
1999
2000
2000
2001
2001
2002
2002
1990
1990
1991
1991
1992
1992
1993
1993
1994
1994
1995
1995
1996
1996
1997
1997
1998
1998
1999
1999
2000
2000
2001
2001
2002
2002

QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
QRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS
TRS

offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak

New Mid
Engl Atlantic Central

1
0.0360
0.0547
0.0354
0.0585
0.0381
0.0544
0.0378
0.0492
0.0333
0.0484
0.0365
0.0553
0.0338
0.0524
0.0316
0.0495
0.0344

3.674
4.289
3.862
4.348
3.992
3.671
3.983
3.465
4.319
4.048
4.384
3.927
3.849
3.382
4.165
3.955
4.206
3.854
4.574
2.963
3.573
3.431
3.210
4.946
3.637
3.195

2
0.0368
0.0601
0.0370
0.0622
0.0370
0.0584
0.0396
0.0507
0.0344
0.0575
0.0349
0.0607
0.0373
0.0562
0.0329
0.0530
0.0358

2.927
3.906
3.074
3.924
3.240
3.650
3.159
3.801
3.360
4.595
3.462
4.510
2.953
3.917
3.541
3.666
3.646
4.424
3.590
3.982
2.661
3.219
2.337
4.665
2.702
3.729

E.N.

WA/OR Florida AZ/NM Calif

W.N. SAtl E.S. W.S. Mtn -
Central -Flor Central Central AZ/NM
3 4 5 6 7 8
0.0439 0.0343 0.0269 0.0236 0.0242 0.0363
0.0784 0.0658 0.0536 0.0505 0.0396 0.0474
0.0502 0.0399 0.0290 0.0258 0.0241 0.0402
0.0834 0.0735 0.0583 0.0551 0.0446 0.0528
0.0521 0.0410 0.0314 0.0284 0.0252 0.0379
0.0751 0.0644 0.0493 0.0479 0.0429 0.0549
0.0499 0.0377 0.0310 0.0261 0.0250 0.0365
0.0642 0.0562 0.0453 0.0439 0.0384 0.0516
0.0390 0.0308 0.0243 0.0218 0.0203 0.0352
0.0714 0.0588 0.0452 0.0437 0.0334 0.0477
0.0388 0.0310 0.0235 0.0214 0.0198 0.0358
0.0728 0.0605 0.0545 0.0475 0.0368 0.0487
0.0414 0.0320 0.0282 0.0219 0.0210 0.0338
0.0681 0.0614 0.0475 0.0473 0.0399 0.0511
0.0361 0.0298 0.0244 0.0203 0.01883 0.0311
0.0659 0.0563 0.0483 0.0468 0.0386 0.0494
0.0438 0.0353 0.0262 0.0209 0.0220 0.0333
1497 1487 2764 1.831 1.843 1.494
2.163 2.042 3592 2762 3.186 1.676
1547 1503 2.682 2.048 1925 1.522
2141 2133 3517 2948 3161 1.682
1522 1611 2882 2.090 1.898 1.575
1976 2.091 3.071 2586 3.094 1.444
1602 1516 2.793 1957 1.800 1.538
2230 2176 3.319 2554 2805 1671
1757 1713 2838 2177 1.866 1.372
2468 2118 3.721 3.225 3490 1.718
1520 1719 2816 2.169 1956 1.635
1.893 2219 3472 2825 3349 2.014
1.200 1672 2300 1472 1.691 1.396
2.071 2231 3.653 2.832 3153 1.807
1684 1682 2912 2176 1.727 1.312
1.994 2011 3691 3187 3.203 2.088
1635 1856 2717 2.364 2.223 1.754
2441 2590 4.216 3.348 3.737 2.663
1613 1832 2674 2332 2030 2.063
2171 2522 4786 3.252 3565 2459
1.343 1765 2893 1931 1.628 1.584
2.166 2557 3.699 3.338 3469 2.150
1524 1655 2685 2.099 1.859 1.664
2424 3153 4435 4276 3.869 3.586
1665 1801 3.262 2.394 2.061 1.749
2195 2576 4.213 3.679 3450 2541

QRS (MMcf/thousand customers), TRS (nom$/Mcf)
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0.0330
0.0446
0.0324
0.0510
0.0356
0.0465
0.0349
0.0486
0.0307
0.0497
0.0364
0.0488
0.0338
0.0502
0.0384
0.0453
0.0337
2.740
3.389
2.421
3.127
2.576
3.284
2.566
2.935
2.726
3.119
2.877
3.404
2.585
2.860
2.400
2.618
2.714
2.950
2.518
2.845
2.421
2.819
2.513
4.195
3.848
3.731

11
0.0127
0.0158
0.0126
0.0173
0.0139
0.0128
0.0118
0.0136
0.0124
0.0124
0.0124
0.0144
0.0120
0.0146
0.0117
0.0137
0.0115
4.273
6.100
4.772
6.470
4.624
6.519
5.137
6.910
4.806
6.939
4.714
6.849
4.372
6.739
4.910
7.271
4.987
7.000
5.145
7.019
4.841
7.026
5.451
8.979
6.042
8.301

12
0.0222 0.0287
0.0302 0.0270
0.0211 0.0269
0.0336 0.0267
0.0213 0.0260
0.0386 0.0282
0.0193 0.0246
0.0388 0.0315
0.0203 0.0284
0.0325 0.0321
0.0212 0.0288
0.0318 0.0281
0.0215 0.0270
0.0356 0.0292
0.0181 0.0241
0.0320 0.0275
0.0167 0.0251
2.750 2.583
4.094 2.573
2.780 2.899
4.021 3.073
2.675 2.779
3.935 2.738
2.680 2.767
3.856 2.856
3.004 2.889
4.005 3.213
3.204 3.478
4.202 3.545
2.235 2.819
3.457 3.190
2.278 2.619
4.469 3.246
2.583 3.390
5.031 3.507
2.930 3.198
4.124 2.939
2.326 2.773
2.863 3.111
2.084 2.142
4.559 3.040
3.994 2.734
5.251 2.779



TableF7

Data: Equation for commercial distribution tariffs
Author: Ernest Zampelli, SAIC, 2005.

Source: The source for the peak and offpeatadssed in this estimation was thatural Gas
Monthly (1990-2002), DOE/EIA-0130. State level citygate and commercial prices by
month were averaged using quantity-weights to arrive at seasonal (peak and offpeak),
regional level (12 NGTDM regions) prices. The quantity-weights for the citygate
prices consisted of residential consumption plus commercial consumption that is
represented by onsystem sales plus industrial consumption that is represented by
onsystem sales.

Variabless TCMr,n,t commercial distributor tariff in region r, network n (1987 dollars per Mcf)
(DTAR_SE)
REGr =1, if observation is in region r, =0 otherwise
PREGr,n =1, if observation is in regioduring peak perioth=1), =0 otherwise
QRSr,t commercial gas consumption for region r in year t (MMcf)
(BASQTY_SF)
r NGTDM region
n network (1=peak, 2=offpeak)
t year
a0 n estimated parameters for regal dummy variables (CM_ALP,
CM_PKALP)
1 estimated parameters fmonsumption (CM_LNQ)
p autocorrelation coefficient

Derivation: The commercial distributor tariff equation was estimated using panel data for the 12
NGTDM regions over the 1990to 2002 time period. The equation was estimated in
log-linear form with corrections for cross sectional heteroscedasticity and first order

serial correlation using TSP version 4.5. The form of the estimating equation
follows:

INTCMn: =D (@ * REG +arn* PREG,) + 8% INQCM,  + 0* INTCM 1

-2* Q. (@:* REG *+ v * REG ) + B*INQCM,

Regression Diagnostics and Parameter Estimates
FIRST-ORDER SERIAL CORRELATION OF THE ERROR

Objective function: Exact ML (keep first obs.)
Balanced data: NI =24, T = 13, NOB = 312
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CONVERGENCE ACHIEVED AFTER 4 ITERATIONS

Dependent variable: TICM, ;
Number of observations: 312

Mean of dep. var. = 3.57062 R-squared = .842222

Std. dev. of dep. var. = 48668 Adjusted R-squared = .832530
Sum of squared residuals = 291.386 Durbin-Watson = 1.75498
Variance of residuals = .994492 Schwarz B.l.C. = 486.679
Std. error of regression = .997242 Log likelihood = -432.121

Standard

Parameter Estimate Error t-statistic P-value Variables
o1 3.54345 .764382 4.63570 [.000] [CM_ALP]

o 4.00520 869713  4.60520 [.000] [CM_ALP]

o3 3.95618 872783  4.53284 [.000] [CM_ALP]

a4 3.38324 810934  4.17203 [.000] [CM_ALP]

Us 3.95301 805061  4.91021 [.000] [CM_ALP]

de 3.72763 763770  4.88056 [.000] [CM_ALP]

o7 3.62045 .814805 4.44333 [.000] [CM_ALP]

os 3.34002 776769  4.29989 [.000] [CM_ALP]

do 3.66356 721678  5.07646 [.000] [CM_ALP]
t10 3.72599 699347  5.32781 [.000] [CM_ALP]
O11 3.49879 705190  4.96148 [.000] [CM_ALP]
012 4.26977 .807897 5.28504 [.000] [CM_ALP]

01 pk 630597 092208  6.83886 [.000] [CM_PKALP]
02, pk .363198 .148133 2.45184 [.014] [CM_PKALP]
0l4,pk 245474 .070546 3.47960 [.001] [CM_PKALP]
05, pk .107994 .053480 2.01932 [.043] [CM_PKALP]
0110,pk -.167143 .092888 -1.79940 [.072] [CM_PKALP]
B -.283726 .068743 -4.12735 [.000] [CM_LNQ]

p 257871 .059027 4.36873 [.000] [CM_RHO]
Data used for estimation

New Mid E.N. W.N. S Atl E.S. W.S. Mtn - WA/OR Florida  AZ/NM Calif
Engl Atlantic  Central  Central - Flor Central Central AZ/NM
1 2 3 4 5 6 7 8 9 10 11 12

1990 QCM peak 50707 225729 364058 158777 104795 64208 123093 70941 31683 14377 27130 123749
1990 QCM  offpeak 46201 210528 272842 133898 95357 52990 136556 55794 27486 21929 24967 161344
1991 QCM peak 52431 240778 389763 174639 119212 69137 135110 77300 33214 15381 27090 109210
1991 QCM  offpeak 44810 205606 259876 140109 104972 51970 136889 59403 30853 23883 25499 178399
1992 QCM peak 58799 258729 389749 160472 130871 69571 129532 73593 30754 16543 27586 115220
1992 QCM offpeak 54861 223630 285697 136313 114759 55554 144090 54010 26616 25184 27388 169788
1993 QCM peak 62956 263798 417357 183552 139666 74957 127876 83276 37857 15877 26666 108691
1993 QCM offpeak 53941 217649 285199 135190 114562 58536 143032 63331 29810 25274 28800 141591
1994 QCM peak 81638 277034 435558 183876 140908 78308 131158 79290 35084 15984 25835 105459
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1994
1995
1995
1996
1996
1997
1997
1998
1998
1999
1999
2000
2000
2001
2001
2002
2002
1990
1990
1991
1991
1992
1992
1993
1993
1994
1994
1995
1995
1996
1996
1997
1997
1998
1998
1999
1999
2000
2000
2001
2001
2002
2002

QcMm
QcMm
QcMm
QCcMm
QcMm
QCcMm
QCcMm
QCcMm
QCcMm
QcMm
QCcMm
QCcMm
QCcMm
QCcMm
QCcMm
QcMm
QCMm
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM
TCM

offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak
peak
offpeak

New
Engl
1
65490
76215
67610
83824
76937
87473
86520
81016
75130
67312
69251
73831
65098
71535
59816
75058
75634
2.805
2.260
2.747
2.265
2.926
1.669
2.760
1.153
3.242
1.437
3.068
1.523
2.639
1.252
2.935
1.616
2.867
1.414
2.782
1.395
2.371
0.931
2.100
2.080
2.670
1.133

Mid
Atlantic
2
216703
276422
237629
314479
243671
310616
323091
315528
297464
337765
329438
343278
370085
305325
314974
294161
335471
2.180
2.031
2.230
2.017
2.365
2.015
2.280
1.968
2.580
2.477
2.579
2.397
2.429
2.057
2.449
0.950
1.978
1.495
1.820
0.747
2.849
0.608
2.215
2.379
1.646
1.302

QCM (mmcf), TCM (1987%$/Mcf)

E.N.
Central
3
266294
435728
304926
472013
318669
430934
318494
377176
271941
417998
272778
441990
294910
426188
264218
397626
315136
1.161
1.468
1.234
1.524
1.225
1.313
1.322
1.576
1.481
1.761
1.275
1.327
0.987
1.474
1.407
1.404
1.381
1.724
1.390
1.520
1.056
1.517
1.117
1.760
1.415
1.546

W.N. S Atl E.S. W.S. Mtn - WA/OR  Florida  AZ/INM
Central - Flor Central Central  AZ/NM
4 5 6 7 8 9 10 11
126431 112212 53954 137169 64075 30858 23951
179209 145806 79210 138754 74353 33617 16417
142354 119431 56768 161711 71496 31371 23967
200780 151006 87212 137639 84529 39155 17000
146941 127337 63481 143813 70399 34581 24811
177182 145460 80716 150581 87895 36259 14767
131697 131570 67458 165891 70364 35892 21933
166757 145491 73844 130092 82480 39040 14952
110654 129274 58078 135423 69963 32508 22707
169394 148959 75417 131484 77295 42363 14996
112787 124067 60743 132241 69662 36882 21273
175689 162458 81862 140374 83227 41697 18964
116302 132343 56719 147225 71213 37355 28941
180938 149404 80867 147748 89825 43635 19509
109827 130139 55292 132939 65419 41410 29775
162390 159426 78731 138814 90643 42855 20358
133814 132127 56484 143005 70367 37545 31595
1.043 2.009 1.537 1.233 1.027 1.969 2.085
0.839 1.886 1.700 1.209 0.837 2.093 2.095
1.098 1.908 1.674 1.253 1.063 1.855 2.147
0.925 1.794 1.749 1.250 0.838 2.024 2.079
1.193 2.038 1.764 1.381 1.092 1.938 2.033
0.892 1.544 1.545 1.087 0.577 2.189 2.003
1.148 1.985 1.678 1.337 1.140 1.877 2.506
1.073 1.668 1.558 1.140 0.884 1.973 2.575
1.356 2.041 1.914 1.307 0.970 2.051 2.072
0.859 1.756 1.864 1.450 0.984 2.020 2.330
1.289 2.033 1.873 1.315 1.220 2.188 2.073
1.064 1.746 1.694 1.183 1.347 2.258 2.067
1.319 1.739 1.152 1.142 0.977 1.914 1.902
1.089 1.825 1.918 1.168 1.020 1.802 2.309
1.239 2.099 1.759 1.190 0.872 1.612 1.950
0.817 2.014 2.005 1.410 1.201 1.622 2.402
1.329 2.082 1.971 1.559 1.325 1.856 2.277
1.196 2.135 1.838 1.661 1.781 1.860 2.243
1.349 1.910 1.911 1.336 1.599 1.793 2.282
1.048 2.078 1.835 1.542 1.653 1.784 2.277
1.286 2.117 1.503 0.940 1.124 1.828 2.007
1.199 1.928 1.879 1.325 1.269 1.391 1.949
1.177 2.079 1.762 0.960 1.282 1.714 2.912
1.608 2.405 2.614 1.589 2.735 2.986 3.755
1.249 2.102 1.952 1.493 1.378 3.158 2.921
1.253 1.912 2.170 1.510 1.664 2.578 2.863
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Calif

12
28315
23874
28271
26293
29160
29733
27802
30173
28821
28226
30178
28800
30677
28138
27132
29521
28360
1.722
1.756
1.785
1.952
1.734
1.636
1.804
1.786
2.023
2.081
2.185
2.140
1.392
1514
1.458
1.709
1.871
2.327
2.006
1.835
1.158
1.168
1.561
2.359
2.415
2.375
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156530
107128
171633
93312
141757
103428
150495
103143
179010
104977
139724
100265
146174
100936
144858
98049
144082
2.420
1.637
2.795
1.972
2.880
1.488
3.074
2.277
4.211
3.338
3.912
2.900
2.943
2.381
2.909
2.386
3.307
2.751
2.954
2.526
2.586
2.290
2.053
2.218
2.307
1.682



Data:

Author:

Sour ces:

Derivation:
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TableF8

Costs associated with producing natural gas for liquefaction at foreign facilities
(SCRV_PPR)

Chetha Phang, EI-83

Gas Technology Institute, “Liquefied Natural Gas (LNG) Methodology
Enhancements in NEMS,” report submitted to Energy Information Administration,
March 31, 2003. Analyst judgment.

Average natural gas supply costs to liquefaction plants are about $0.55 (2001$/Mcf)
depending on location. Upstream investnoasts, the amount of liquids produced in
association with the gas, and host government fiscal policies are major factors in
determining the gas supply costs. For eplenin Qatar, revenues from condensate
produced in association with the gas more than offset the upstream capital and
operating costs, so the actual cost of the gas supplied to the LNG plant is effectively
zero. However, the Qatari governmaiitarges the country’'s two LNG plants
$0.55/Mcf for gas supply. For Algeria, the gas production and liquefaction facilities
are 100 percent owned by Sonatrach, scetieno cost information available on
separate facilities. The gas supply infrastructure is well established and a cost of
$0.55/Mcf is assumed to be a reasonable estimate for supply to the existing LNG
plants. Supply to a new LNG train (4.0 mmtpa), which is under consideration, would
require the development of new gas production facilities. In this case, a higher cost
of $0.88/Mcf accounts for infrastructure demment. The avage supply cost for
existing and new gas production facilities is $0.72/Mcf. For Trinidad, gas supply
comes from a number of license areas, each with its own production costs.
BP/Repsol’s offshore acreage to the eadtrofidad is the main supply source and

has the lowest costs, estimated to be $0.44/Mcf. Other supplies to the plant from
reserves north of Trinidad have higher associated costs and the cost for this gas
supply is estimated as $0.83¢M Therefore, given that the predominant share of gas

is from the BP/Repsol acreage, an averageaf&.55/Mcf is considered realistic.

For Nigeria, an increasing share of the syppthe country’s LNG plants is from gas
produced in association with oil, which uld otherwise be flad. The Nigerian
government is in the process of phasing out flaring. Consequently, the gas has to be
consumed or gathered and piped to an LNG plant. A gas supply cost of $0.33/Mcf
including the cost of gathering and transporting the gas, is estimated. For Oman, the
Omani government owns the gas and charges the liquefaction plant $0.83/Mcf. For
Australia, the existing Northwest Shelf project is fully integrated. The gas is
produced from two large offshore fields thawe relatively higllevelopment costs.
However, the gas has a significant liquids content, providing an additional revenue
stream to offset the high costs, resulting in an estimated supply cost of $0.55/Mcf. A
number of new projects are planned baseda@s reserves offshore northern and
northwestern Australia. These projects will have higher gas supply costs, which are
estimated at $0.88/Mcf. The average supply cost for existing and new projects of
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$0.72/Mcf is assumed. For Peru, an additional $0.39/Mcf pipeline tariff charge is
added to the assumed supply cost of $84¢7/ The Sakhalin 2 LNG project (phase

2) is an integrated project, which includes the design, construction and operation of
the upstream, pipeline and LNG plant under the same tax regime and cost recovery
structure. In July 2005, Sakhalin Energy Investment Company (SEIC) announced
that the phase 2 project could cost up to U.S. $20 billion. The high capital costs
associated with the upstream development in an area subject to adverse climatic
conditions lead to an estimated average suppst of $1.32/Mcf. This supply cost

also includes $0.38/Mcf pipeline tarifharge from the over 500-miles onshore
pipeline from landfall to the LNG plant at Prigorodnoye in the South of Sakhalin
Island. EIA also assumes that the average gas supply cost in Northwest Russia is the
same as that in Sakhalin. For Norway, the Snohvit LNG project is an integrated
project including the design, construction and operation of the upstream, pipeline and
LNG plant under the same tax regime. The current tax rate is 78 percent consisting of
a 28 percent national corporation tax and a 50 percent special tax which is levied on
offshore oil and gas developments. EIA esti®s that the average gas supply cost
including tax and pipeline tariff charge$4.50/Mcf. For all other supply sources,
different supply factors are estimated based on their existing and potential upstream
projects and are applied to the average supply cost of $0.55/Mcf.

LNG Gas Production Costs (2001 dollars per Mcf, assuming 1,100 Btu/cf)

Sour ce Progléguon Sour ce Progggttlon
Algeria 0.72 Indonesia 0.88
Nigeria 0.33 Sakhalin 1.32
Norway 1.50 Egypt 0.88
Venezuela 0.83 Peru 1.16
Trinidad 0.55 Oman 0.83
Qatar 0.55 Angola 0.55
Australia 0.72 Equatorial 0.33
Guinea
Malaysia 0.88 Ngar;‘;"i?t 1.32
Indonesia 0.88 Other 0.78
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Data:

Author:

Sour ces.

Derivation:

F-34

TableF9

Costs associated with liquefying natural gas at foreign facilities (SCRV_PLQ)
Chetha Phang, EI-83

Gas Technology Institute, “Liquefied Natural Gas (LNG) Methodology
Enhancements in NEMS,” report submitted to Energy Information Administration,
March 31, 2003. Bear, Sterns & Co. Wood Mackenzie. Analyst judgment.

Liguefaction is the most technologically advanced and expensive step in the LNG
supply chain. Several sources were condutid¢ind liquefaction facility capital cost

data. The estimates were developed leyuvhrious sources independently of each
other, and very little consistency was found among sources. It was decided to merge
two sources of data: Bear, Sterns & @od Wood Mackenzie. The Bear Sterns
capital cost data were used for thelieatime periods (1972-2000) and the Wood
Mackenzie data were used for thest recent time periods (1995-2009).

The data for greenfield projects show a declining per-unit capital cost (2004 dollars
per ton capacity per year) for liquefaction. In 2004, the capital cost is 276 $/ton (2004
dollars) and cumulative capacity is 150 mm#gest, a regression analysis was used

to estimate capital costs using a log-linear equation as a function of time. When
projected into the future, this econometiguation seemed to provide reasonable
capital cost estimates in the earlier yearthefforecast, up to 2015. After 2015, the
capital cost estimates dropped to 230 $iito2030, much lower than what seemed
reasonable. Therefore, for the latter peaddarning curve equation is used that is
based on two data points (capital cost and cumulative worldwide capacity making up
one data point), one for 2004 and one for 2015. The data point in 2015 is an estimated
data point whose capital cost is determined from the regression equation (252 $/ton in
2004 dollars). The cumulative capacity in 204 estimated to be 310 mmtpa and is
extracted from an EIA liquefaction capaatyreadsheet (based on the trade press and
various sources). This learning cost curve equation is determined as:

Cost =517 * @130

where,
Cost is the per-unit capital cdet liquefaction in 2004%/ton, and
Q is cumulative capacity in mmtpa.

Based on the learning equation, the first liquefaction plant cost is 517 $/ton, with a
learning rate (change in cost with a doubling of capacity) of 8.3 percent. With an
estimated cumulative capacity of 310 mmtpa by 2025, the implication from the
learning curve is that capital costs will drop 10 percent by 2025 from the 2004 level
of $276/ton of liqguefaction capacity. $@nthe model does not generate a world
liquefaction capacity projection, it is preferable to formulate the cost equation as a
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function of time. Such a function was developed to closely approximate the learning
cost curve function, as follows:

Cost = 276 * P34

where,
Cost is the per-unit capital cdet liquefaction in 2004%/ton, and
T=1 when the time period represents 2004.

It follows that the per-unit capital cost declines from $276 per ton in 2004 to $245 per
ton in 2030, a decline of 11 percent from 2004 level. The above equation is used
in the liquefaction routine within the NGTDM.

In 2004, a liquefaction plant of one LNG train capable of producing 3.9 million
metric tons per year (186 Bcf per year) of LNG costs an average of $1,076 million.
This cost is based on a per-uditvelopment cost of $276 per tofre LNG
including interest expenses during theeaw construction period. The plant is
assumed to be amortized over a 20-year period with the cost of debt linked to the AA
utility bond rate, an 18 percent cost of equity, a debt-to-equity ratio of 60/40 percent,
and a 30 percent corporate tax rate. The project is considered turnkey so there are no
interest charges during construction added to the liquefaction plant costs. A capital
recovery method is used to calculate the annual return on capital.

The average per-unit liquefaction plant charge is coded because the cost of debt is
linked to the AA utility bond rate providday the Macroeconomic Activity Module.

If the cost of debt is assumed to be 9.5 percent, the average per-unit liquefaction plant
charge can be computed off-line. Table F9.1 is an example of per-unit liquefaction
plant charge calculation based on a 9.%@etr cost of debt and other parameters
summarized in Table F9.2.

With a 186 Bcf liquefaction capacity, thetwum on capital is $0.74/Mcf. Gas
liquefaction is an energy-intensive process, with typically about 11 percent of the
plant’s input consumed as plant fuel. sBd on a $0.78/Mcf average supply cost,
liquefaction plant fuel cost is $0.09/Mcf of output. Average total taxes are assumed
to be $0.15/Mcf, and administrative anchgeal costs are assumed to be $0.31/Mcf,
falling to $0.28/Mcf. The total per-unit liquefaction plant charge per Mcf (in 2004
dollars) is computed by summing up the return on capital, fuel cost, taxes, and
administrative and general expenditures, as follows:

3A metric ton is equivalent to 2204.62 U.S. pounds.
“Administrative and general expenses are set to a constartfté#million plus 5 percent of the capital costs, all dividgthe
volume of the train size in Bcf.
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Table F9.1. Example of Per-Unit Liquefaction Plant Charge Calculation

(2004 dollars per Mcf) 2004 2030
Return on capital (at 11.2 percent rate of retufr§0.74 $0.65
Fuel cost at 11percent of supply cost $0.09 $0.09
Taxes $0.15 $0.15
Administrative and General $0.31 $0.28
Total per-unit charge at 100 percent $1.28 $1.17
utilization
Planned UtilizatiorRate (fraction) 0.93 0.93
Per-unit liquefaction plant charge $1.38 $1.26

The liquefaction plant utilization rate is assumed to be 93 percent, so the total
liquefaction plant cost from each supply location in 2004 is $1.38/Mcf (in 2004

dollars). This cost declines to $1.26/Mcf in 2030. The cost parameters are
summarized in Table 9.2.

Table F9.2. Gas Liquefaction Plant Costsin 2004 and 2030 (Generic plant design)

Assumptions: 2004 2030

Train capacity (million metric tons per annum)3.9 3.9

Liquefaction plant capacity 509 MMcfd/train | 509
MMcfd/train

186 Bcf/train

186 Bcf/train

Total plant cos$t(2004 dollars) $1,076 $956
million/train million/train
Per-unit capital cost (2004 dollars per ton) | $276/tonne $245/tonne
Depreciation life 20 years 20 years
Debt-to-equity ratio 60 percent 60 percent
Cost of debt 9.5 percent 9.5 percent
Rate of return on equity 18 percent 18 percent
Corporate tax rates 30 percent 30 percent
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Cost of capital (after taxes)

11.2 percent

11.2 perce

Return on capitéal

$137 million $122 million
Total operating coSt $102 million $96 million
lyear lyear
Planned Utilization rate 93 percent 93 percent
Results (2004 dollars per Mcf):
Generic per unit charge $1.38 $1.26

#Includes interest expenses in 3 year construction period
® In the code, the cost of debt is linked to the AA utility bond rate provided by the Macroeconomic
Activity Module. The 9.5 figure is included for illustrative purposes.
¢ Capital recovery over 20-year period (capital recovery factor = 0.1271)

4 ncludes fuel cost, taxes, and administrative and general expenses
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TableF10

Data: Equation for base price on natural gas supply curves

Author: Dana Van Wagener, EI-83, 2005.

Source: Natural gas price data from EIAMatural Gas Annual, DOE/EIA-0131. Dirilling
cost data from the Joint Association Survey of the American Petroleum Institute.
Total reserves data came EIASS Crude Oil, Natural Gas, and Natural Gas
Liquids Reserves, (DOE/EIA-0216), with unconventional reserves from Office of
Integrated Analysis and Forecasting. Heating degree data and international refinery
acquisition prices from EIA’&nnual Energy Review, (DOE/EIA-0384).

PBASE base wellhead price for natugak supply curve (1987 dollars per Mcf)
ZWPRLAG annual lagged value BBASE (1987 dollars per Mcf)
UGRRSSHR share of gas reserves from unconventional sources (fraction)
UGRRESSHRLAG annual lagged value of UGRRESSHR (fraction)
OEXSPEND national average drilling cost per well (1987 dollars)
HDD heating degree-days
ZOGRESNG beginning-of-yeaatural gas reserves (Bcf)
ZOGRESNGLAG annual lagged value of ZOGRESNG (Bcf)
olT_WOP international refinery acquisition price (1987%/bbl)
r, t supply region, year
a estimated parameters
p autocorrelation coefficient

Variables:

Using TSP version 4.5 and data from 1990 through 2003, the following equation was
estimated in log-linear form using ordinary least squares regression, with a correction

for autocorrelation:

Derivation:

INPBASE= CNST+ (g, * INUGRRESSHR) + ¢, * INOEXSPEND.,) + (05 INHDD.) +
(04* INZOGRESNG) + (¢s* INOIT_WOP) + (p* ZWPRLAG, ) + (—p) *{CNST +
(02* INUGRRESSHRLAG) + ¢, * INOEXSPEND.,) + (05 * INHDDyt) +
(04* INZOGRESNGAG, ) + (as* InoIT_WOP_)}

Regression Diagnostics and Parameter Estimates

Dependent variable: INPBASE
Number of observations: 234

Mean of dep. var. = 3.37981 R-squared = .825590

Std. dev. of dep. var. = 28202 Adjusted R-squared = .820980
Sum of squared residuals = 213.886 Durbin-Watson = 1.88835
Variance of residuals = .942230 Schwarz B.l.C. = 340.476
Std. error of regression = .970685 Log likelihood = -321.382
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Parameter
CONST

(01

02

o3

04

Os

p

Estimate
-8.89266
.973800
.064419
552528
-.016237
441199
.239954

Standard

Error
2.40713

.074393
.010580
.289504
.00759097
.075333
.069556
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t-statistic
-3.69430
13.0900
6.08882
1.90853
-2.13896
5.85664
3.44980

P-value
[.000]
[.000]
[.000]
[.056]
[.032]
[.000]
[.001]
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Appendix G

Liquefied Natural Gas Costs






The methodology used to projeaquiefied natural gas imports described in Chapter 2. The
algorithm requires assumptionaddor estimates of the per-umost of producing, liquefying,
shipping, and regasifying natural gas from the coesttihat are anticipated to be the most likely
suppliers of the fuel to the east and west cazste United States. Background information about
the assumptions used for production costs are prowd&able F9, Appendix F. Specifics about
the derivation of the otherrde costs are provided below.

Liquefaction Costs
The regional liquefaction charge is the sum of the per-unit return on capital of a representative

liquefaction plant and the per-unit total operation and maintenance expenses in the region, all divided
by the assumed utilization rate, as follows:

L_PUCHARGE, = (L_PUYR_CCOST, +L_TOTOMEXP,,) / L_UTILRATE  (G-1)

where,
L PUCHARGE = average per-umibharge for liquefaction (2004%/Mcf)
L PUYR_CCOST = average per-unitannualine on capital for juefaction (2004$/Mcf)
L TOTOMEXP = per-unit total operaticand maintenance expeassfor liquefaction
(2004%$/Mcf)
L UTILRATE = average liquefaction plant utilization rate (Appendix E), ratio
S = LNG supply region

y forecast year

While available cost information on construction costs of liquefaction facilities is relatively sparse,
there is a general trend of per unit capital costs declining over time. In order to capture this trend,
per-unit charges for liquefaction are reevaluaadh forecast year for any expansion at existing
facilities or for greenfield facilitiesBecause of the scarcity of dataliquefaction plants by supply
region, only a per-unit annual retusn capital of a representative lidaetion plant is considered.
However, total operation and maintenance expenses still depend on the fuel costs, which vary by
supply region.

Per-Unit Return on Capital

In order to compute the return portion of the-peit charge for a liquefaction plant in a supply
region, the determination of the liquefaction plant per-unit capital cost and its capital recovery factor

is necessary. The capital recovery factor depends on the weighted average cost of capital after taxes
and the depreciation time period fdiquefaction plant. The capital recovery factor is applied to the
per-unit capital cost of the liguedtion plant to determine the peamit annual return on capital, as
follows:

L_PUYR_CCOST, =(L_PUCAPCOST,*L_CAPRECFAC)/L_CONV_FAC (G-2)

where,
L PUYR_CCOST = per-unit annual retwn capital for a liquefaction plant (2004$/Mcf)
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per-unit capital cost for a liquefaction plant (2004%/ton of plant capacity)
capital recovery factor for a representative liquefaction plant (ratio)
capacity conversion factor #tiquefaction plant, from million tons to
Bcf (Bcf per million tons of LNG)
y = forecast year

L PUCAPCOST =
L CAPRECFAC =
L CONV_FAC =

The per-unit capital cost for a greenfield liquefaction project (L_PUCAP@@Sdstimated as a
function of time. It wasleveloped to approximate a capital cost learning cudefined as a
function of the plant's cumulative capacity. The declining capital cost equation is specified as

follows:

L_PUCAPCOST=L_PARM_A* T--PARM.B (G-3)
¥

where,
L PUCAPCOST = per-unit capital cost ofguefaction plant (2004$/ton of plant capacity)
L PARM_A = estimated parameter repragsanthe average per-unit capital cost of a
liquefaction plant in 2004 (2004$/ton of capacity, Table F9, Appendix F)
L PARM_B estimated parameter reflecting the decline rate (Table F9, Appendix F)

T = time trend (XTREND) equals 1 whéme year is 2004, 2 when the year

Is 2005, etc. (if yis less than anel to 2003 then T equals 1, otherwise
T equals y minus 2003)
y = forecast year

The per-unit capital cost for a liquefaction glaxpansion is set to a fraction (L_EXPFAC,
Appendix E) of the per-unit capiteost for a greenfield project.

The capital recovery factor for a representative liquefaction plant, L CAPRECFAC, is a function of
the nominal weighted average cost of capital after taxes, L_ROR, and the depreciation life of the

plant (greenfield or expansion). The capital recovery factor is assigned as follows:

For a greenfield plant:

L_CAPRECFAC=L_ROR/(1.0-(1.0+L_ROR) " ERETRy (G-4)
or for an expansion plant:
L CAPRECFAC=L_ROR/(1.0-(1.0+L_ROR) ~F*F9) (G-5)

where,

L_ROR=L_DEBTRATIO* (L_COST_DEBT /100.)* (1.0-L_CORPTAX)+ -6
(1.0-L_DEBTRATIO)* L_COST_EQUTY

®See detailed description of how this declining liquefaction capital cost equation is derived in Table F9, Appendix F.
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where,

L CAPRECFAC capital recovery factor (ratio)

L ROR = nominal weighted average cost of capital after taxes (ratio)
L DEPREYR = depreciation life for a greesifl liquefaction plant (humber of years,
Appendix E)
L EXPYRS = depreciation life for an exmaon at a liquefaatn plant (number of
years, Appendix E)
L DEBTRATIO = debt-to-equity ratio for a representative liquefaction plant (ratio,
Appendix E)
L COST_DEBT = cost of debt (or interest rate) for a representative liquefaction plant,
assumed to be equal to the Moadyate on industrial BAA bonds
(percent) (set to MC_RMCOR¥A, assigned by the NEMS
Macroeconomic Module)
L CORPTAX = corporate tax rate for a representative liquefaction plant (ratio, Appendix
E)
L COST_EQUITY = costof equity for a repezgative liquefaction plant (ratio, Appendix E)

Per-Unit Operation and M aintenance Expenses

Total operation and maintenance expenses are the sum of three variables: a regional fuel cost for the
plant, administrative and geneeadpenses, and a governmentfi@xa representative liquefaction
plant, as follows:

L_ TOTOMEXPsy =L_FUEL_COST,, +L_ADM_ GEN, +L_AVGTAX, (G-7)
where,
L TOTOMEXP = per unit tolaoperation and maintenancepexses for a liquefaction
plant (2004$/Mcf)
L FUEL COST = regional liqueftion plant fuel costs (2004$/Mcf)
L ADM_GEN = total administrative and general expenses for a representative
liguefaction plant (2004$/Mcf)
L AVGTAX = average government tax for a representative liquefaction plant, held
constant over the forecast period (2004%/Mcf, Appendix E)
y = forecast year

The regional liquefaction plant fuel cost is qmited as a fraction of the regional natural gas
production cost. Currently, a liquettion plant consumes about 11qest of the gas that enters the
plant for liquefaction. The fuel cost is computed as:

L_FUEL_COST., =(L_FUEL_PCI/100.0)* SCRV_PPR,, (G-8)
where,
L FUEL COST = regionalduefaction fuel cost (2004$/Mcf)
L FUEL PCT = percentof natural gas emgthe liquefaction plant that is consumed in

the process of liquefying the gas (Appendix E)
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SCRV_PPR = costs associated wphoducing and deliverg natural gas for
liquefaction at foreign facilities (2004$/Mcf, Table F8, Appendix F)
y = forecast year

Administrative and general expenses for liquefagilants are the sum of annual maintenance costs,
staff salaries, andatility expenses. Staff consists of kers, engineers, operators, accountants,
secretaries, and the chief executive officer. Anmahtenance costs represaifraction (typically 5
percent) of the capital costs of a liquefaction plant. Administrative and general expenses are
computed as follows:

L_ADM_ GEN, = (L_MAINT_PCT*L_CAPCOST,
+L_STAFF_NWM* L_AVG_SALARY,/1,000,000. (G-9)
+L_CEO_FACTY,/1000000.y (CAP* L_CONV_FAQ

where,
L CAPCOST=CAP* L_PUCAPCOS (G-10)
where,
L ADM_GEN = total per-unit adminisitive and general expenses (20043$/Mcf)
L MAINT_PCT = annual maintenance costsapercent of plant capital costs (ratio,
Appendix E)
L CAPCOST = capital cost of the repeasative liquefaction plant (2004 dollars)
L STAFF_NUM = average number of employees operating a liquefaction plant (Appendix E)
L AVG_SALARY = average annual salary of amployee operating a liquefaction plant
(2004 dollars, Appendix E)
L CEO_FACTY = Chief executive officer's annisallary and benefifgus other staff and

facility costs (2004 dollars, Appendix E). This variable’s value is
reduced by a fraction (L_EXPFAC pfiendix E) for an expansion at an
existing facility.

CAP = representative capacity per train at a liquefaction plant (million tons of
LNG per annum, mmtpa, Appendix E)

L PUCAPCOST per-unit capital cost for a liquefaction plant (2004$/ton of plant capacity)

L CONV_FAC liquefaction plant capacitpmversion factor from million tons to Bcf
(Bcf per million tons of LNG, Appendix E)
y = forecast year
Shipping Costs

LNG shipment costs from a supplysce to a receiving terminal azemputed as the sum of three
components: the annual return on invested dapinsportation fuetost, and operation and
maintenance expenses. The anmaadrn on invested capital @omputed based on an assumed
average price for all the newly built tankers and an average rate of return on invested capital
(weighted average cost of capital for the tanker). This average rate of return is a function of debt
fraction, cost of debt, cost of equity, averaggpooate tax rate, and average depreciation life for
LNG ships.
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All three components are also a function ofriienber of round trips per year, distance between a
supply source and an LNG terminal, average tan&pacity, and other paratees such as ship
utilization rate, unloading time, and ship speed. These components are determined as follows.

Annual Return on Capital

The annual return on capital for a tanker geind trip is computed as follows:

RET_ON_CAP, = CAP_COST1000000./6H_CAP_BCF NUM_ROUND,,) (G-11)

where,
SH_CAP_BCKESH_CAP_CMCM_TO_BCF (G-12)
NUM_ROUND,; = SH_AVAIL_DAY/(DAYS_ROUND, ; + SH_LOAD_DAY) (G-13)
DAYS_ROUND,; =SH_MILES ; *2./SH_SPEDB (G-14)

where,

RET_ON_CAP(i,j)) = annual return on é&gb per tanker peround trip (2004$/Mcf)
CAP_COST = annual return on capital (2004 million dollars)

SH_CAP_BCF = average ship capacity (Bcf)

number of round trips per year for each ship from source i to
destination |

average ship capacity (cubic meters) (Appendix E)

conversion factor to conveubic meters of LNG to thousand cubic
feet (Appendix E)
number of days ityear ships operate (Appendix E)

number of days per round trip for each ship from source i to
destination |

number of loading/unloading days per cargo (Appendix E)

NUM_ROUND(j,))

SH CAP.CM =
CM_TO_BCF =

SH_AVAIL_DAY
DAYS_ROUND(i,))

SH_LOAD_DAY

SH_MILES(i,j) miles from a producingpantry i to a U.S. port j (Appendix E)
SH_SPEED = LNG ship spe@dmiles per day (Appendix E)
I = producing country (source)
j = aU.S. port (destination)

The annual return on capital for akar is determined as the prodatthe average ship price times
its capital cost recovery factor. Itexpressed by the following equation:

CAP_COST=CAP_REC _MHH*CAP_REC_FA (G-15)

where,
CAP_COST annual return on capital (2004 million dollars)

CAP_REC_METH = average ship price (2004 million dollars)
CAP_REC_FAC = capital cost recovery factor

The average ship price, which includes interest charges during construction, is computed as follows:
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CAP_REC_MHH = NPV +EQUITY (G-16)

SH_NUMBLD_YR
oMC_RMPUAANS(y)

number of years to build an LNG ship (Appendix E)
AA utility bond rate proded by the Macroeconomic Activity
Module (percent)
average initial LNG ship price per cubic meter (Appendix E)
SH_CAP_CM average LNG ship capacity (cubic meters) (Appendix E)
SH_DEBT_EQTY cost of debt (i,edebt-to-equity ratio) (Appendix E)
y = forecast year

where,
SH_NUMBLD_YR
NPV = Z(DEBT/SH_I\UMBLD_YR) *(1.+ oMC_RMPUAANSylloo.)N (G-17)
N=1
EQUITY =INIT_COST-DEBT (G-18)
where,
INIT_COST=SH_UNIT_CG5T* SH_CAP_CM1000000. (G-19)
DEBT =SH_DEBT_EQY *INIT_COST (G-20)
where,
CAP_REC_METH = average ship price (2004 million dollars)
NPV = annual return on capital (2004 million dollars)
EQUITY = equity (2004 million dollars)
INIT_COST = initial tanker cost (2004 million dollars)
DEBT = debt (2004 million dollars)

SH_UNIT_COST

The capital cost recovery factor is computed by the following equation:

CAP_REC_FA =ROR_AFTTAX/(1.— (1.+ ROR_AFTTAX) SH-HFEYFR) (G-21)
where,
ROR_AFTTAX=(SH_DEBT_EQTY * (oMC_RMPUAAN Sy/100.)* (G-22)
(1.-SH_CORP_TAXRAT)) +((1.-SH_DEBT_EQY)*RET_EQ)
RET_EQ=(oMC_RMG FG\/I_lONSylloo.)+ (SH_RISK_FAC*SH_RISK_SQ@\L) (G-23)
where,

CAP_REC_FAC
ROR_AFTTAX
SH_LIFE_YRS

SH_DEBT_EQTY
oMC_RMPUAANS(Y)

capital cost recovery factor

weighted average rate of return on capital (after-tax)

number of life years for an LNG ship financing

cost of debt (i,edebt-to-equity ratio) (Appendix E)

AA utility bond rate mvided by the Macroeconomic Activity
Module (percent)

average corporate tax rate for LNG ships (Appendix E)

cost of equity (fraction)

SH_CORP_TAXRAT
RET_EQ
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oMC_RMGFCM_10NS 10-year treasury @g@percent), a macroeconomic variable

SH_RISK_FAC = general industry aveeagsk factor on equity (Appendix E)
SH_RISK_SCAL = scalar to set risk factor shipping above average (Appendix E)
y = forecastyear
Fuel Costs

LNG ship transportation fuel costs per round &g estimated based on an average bunker fuel cost,
average daily bunker fuel consumption, boil-off ratG fuel cost, number of days traveled per
round trip per ship for each route, and ship capadityis transportation fuel cost is computed as

follows:

TRAN_FUEL_COST,, = FUEL_COST DAY * DAYS_ROUND,, (G-24)
where,
FUEL_COST DAY =BOILOFF_CGCST_DAY +BUNKER_COS DAY (G-25)
BOILOFF_CGCST_DAY =SH_LNG_COS *SH_BOIL_RATE (G-26)
BUNKER_COS DAY =(SH_BUNKER DAY *1000* SH_BUNKER COST
/(3.785°0.98)) / SH_CAP_BCF (G-27)
SH_BUNKER COST= (0PRSTR , *6.287/42.y oMC_PCWGDP (G-28)

where,
TRAN_FUEL_COST transportationdlicost per round trip (2004$/Mcf)

FUEL_COST_DAY = transportation &licost per day (2004$/Mcf-day)
DAYS ROUND(i,j) = number of days per round trip for each ship from source i to
destination |
boiloff cost per Mcf per day (2004$/Mcf-day)
bunker fuel cost per day ($/Mcf-day)
loss value of LNG (2004$/Mcf) (Appendix E)
boiloff rate on LNG $is (fraction per day, Appendix E)
bunker fuel use by LNGipB per day (tones/day) (Appendix E)
cost of bunker fuel (2004$/gallon)

BOILOFF_COST_DAY
BUNKER_COST_DAY
SH_LNG_COST
SH_BOIL_RATE
SH_BUNKER_DAY
SH_BUNKER_COST

SH _CAP_BCF average ship capacity (Bcf)
3.785 1 U.S. gallon equals 3.785 liters
0.98 bunker fuel density
0PRSTR(c,y) global variable for rdael fuel price (1987 dollars per MMBtu)
6.287 heat rate for residual fuel, @onversion factor to convert 6.287
MMBtu to one barrel
42 42 gallons per barrel

GDP chain-type priceeflator variable (from the Macroeconomic
Activity Module)
producing country (source)
a U.S. port (destination)
census division mapped from an LNG region
forecast year
index, conversion from yealollars (RG_DOLS, Appendix E) for
shipping cost daté=15 if RG_DOLS=2004)

oMC_PCWGDP(iy)

‘2-\< O — —
[ TEETER ||

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 G-7



Operation and Maintenance Expenses

Operation and maintenance expenses are estimated based on a percent of the ship capital cost, the
ship capacity, and the number of round trips travieyetthe ship per year. The equation is specified
as follows:

OP_COST_A#, , =SH_OPC_PER CAP_COST 1000000.

(G-29)
/' (SH_CAP_BG&* NUM_ROUND,))
where,
OP_COST_AAG = operation and mienance expenses excludiiugl cost per round trip
(2004%/Mcf)
SH OPC_PER = LNG ship operation cosagercent of capital cost (fraction, Appendix
E)
CAP_COST = annual retuon capital (2004 million dollars)
SH _CAP_BCF = average ship capacity (Bcf)
NUM_ROUND(,)) = number of round trips per ydar each ship from source i to destination
j
i = producing country (source)
j = aU.S. port (destination)
Per-Unit Cost

Initial LNG shipping costs are estimated as tha s the three cost components computed above
(annual return of capital, transpation fuel cost, and operationdamaintenance expenses) divided
by the ship’s planned utilizatiorate. A port cost at each receaigiterminal is added to these
shipping costs to arrive at the final LNG shipping costs. The costs are estimated as follows:

SCRV_PSH, =(SH_PORT_OST+TOT_TRAN_QOST,)*

(G-30)
oMC_PCWGDR,,/oMC_PCWGIP,
where,
TOT_TRAN_COS'I},j = (RET_ON_CAPLj +TRAN_FUEL_COS'[j _—
+OP_COST_A,,) / SH_UTIL_RATE (G-31)
where,
SCRV_PSH(i,j) LNG shipping cofitom source i to destination j (1987%$/Mcf)

SH_PORT_COST
TOT_TRAN_COST
oMC_PCWGDP

LNG ship port costaal).S. terminal (2004%/Mcf, Appendix E)
initial LNG shipping cost (2004 $/Mcf)
GDP chain-type pricefldéor variable (from the Macroeconomic
Activity Module)
RET_ON_CAP(i,j)) = annual return on dtgb per tanker peround trip (2004$/Mcf)
TRAN_FUEL_COST = transportationdlcost per round trip (2004$/Mcf)

Energy Information Administration
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OP_COST_AAG = operation and maintenancpesmses excluding fuel cost per round
trip (2004$/Mcf)

planned utilization rate of LNG ships (Appendix E)

producing country (source)

a U.S. port (destination)

index, conversion from yealollars (SH_DOLS, Appendix E) for
shipping cost data

(=15 if SH_DOLS=2004)

SH_UTIL_RATE

< . =

Regasification Costs

Regasification costs are computed based omtaim components: annlugturn on capital and

total operation and maintemge expenses. The per-unit regasification charge at each terminal is
obtained by dividing its regasification cost by its terminal capacity. The resulting per-unit charge
is then multiplied by region-spédit parameters to account forgien-specific costs associated

with land purchase, labor, risk premium, site specific permitting, special land and waterway
preparation and/or acquisitiodultipliers that were developleto account for these and other
general construction amaperating cost differences across thnited States range from 1.0 to

1.30.

Annual Return on Capital

The annual return on capital for each terminadsermined based on tapital cost, debt
fraction, cost of debt, cost efjuity, corporate tax rate, atite terminal’s economic life.
Regasification capital cost depends on thescolstorage tanks, parizer units, marine

facilities, site improvements and roads, buildings and services, installation, engineering and
project management, land, contingg, and plant capacity. The cost of debt is tied to the AA
utility bond rate and the cost afj@ty is linked to the 10-yedreasury note yield plus a risk
premium.

The annual return on capital for ayasification terminal is computex$ the product of its capital
cost times its capital recovery factor.

RET_CAP=CAP_COSTREC_CAP_FA (G-32)
where,

CAP_COST= (1.+ RG_CONT_FRC)* (COST_TANKS+COST_MARINE
+COST_VAP+COST _LAND+RG_CST_SIE+RG_CST _BLI5

G-33
+RG_CST_MIE+RG_CST_INFALL +RG_CST_EN®) ( )
where,
RET_CAP = annual return on capital foregas terminal (2004 million dollars)
REC_CAP_FAC = capital cost recovery factor
CAP_COST = capital cost (2004 million dollars)

RE_CONT_FRAC fraction of capital st3 set as contingengy (Appendix E)
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COST_TANKS = cost of storage tanks (2004 million dollars)
COST_MARINE = cost of mane facility (2004 million dollars)
COST_VAP = vaporizorgost (2004 million dollars)
COST_LAND = land cost (2004 million dollars)
RG_CST_SITE site improweent costs (Appenidix E)
RG_CST_BLDS building and service costs (Appendix E)
RG_CST_MISC miscellaneous (piping, controls, utilities) costs (Appendix E)

instéation costs (Appendix E)
engineering andintenance costs (Appendix E)

RG_CST_INSTALL
RG_CST_ENGR

The costs of storage tanks, marine facilities, vaporizers, and land need to be estimated and the capital
cost recovery factor determined.

The cost of storage tanks is gonted as the product of the cost per tank times the number of storage
tanks at each terminal. The number of storage tanks is determined as a function of the terminal’s
capacity. The cost of storage tanks is determined as follows:

COST_TANKS=RG_CST_TAN* (IFIX(CAP/RG_TANK_CAP)+1) (G-34)
where,
COST_TANKS = cost of storage tanks (2004 million dollars)
RG_CST_TANK = cost per tanRQ04 million dollars, Appendix E)
CAP = regasification termal capacity (Bcf per year)

throughput of capacity (Beér year) per needed tank (153,000 cu.m.)
(Appendix E)

RG_TANK_CAP
The cost of marine facilities depends on the regasification capacity. If the capacity is greater than 2
bcf/d, an additional dock will be added. The cost is determined as follows:

COST_MARINE =RG_CST_MARNE +RG_CST 2MARINE  if CAP> 2Bcf/d (G-35)
COST_MARINE =RG_CST_MARNE if CAP< 2Bcf/d (G-36)

where,
COST_MARINE = cost of mane facility (2004 million dollars)
RG_CST_MARINE = cost of marine facility for a regasification capacity less than 2 Bcf/d
(Appendix E)
RG_CST_2MARINE = added cost of addral dock (2004 million dtars, Appendix E)

The cost of vaporizers for a terminal is compub@ded on the cost ofvé vaporizer units (the
number assumed for the smallest generic terminal) and the size of the terminal, as follows:

COST_VAP=(RG_CST_5\AP/5.)* (IFIX(CAP/RG_VAP_CAR+1) (G-37)

Energy Information Administration
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where,

COST_VAP = cost of yaorizers (2004 million dollars)
RG_CST_5VAP = cost per five vaporiaamnits (2004 million dollars, Appendix E)
CAP = gasification terminal capacity (Bcf per year)
RG_VAP_CAP =

throughput of capacity (Bcf per year) per needed vaporizer (Appendix
E)

Land cost is determined as follows:

COST_LAND=RG_CST_ACHE*(RG_ACRE_MN +(CAP/RG_AQRE_CAP))G-38)

where,
COST_LAND = land cost (2004 million dollars)
RG_CST_ACRE = cost per aqi2004 million dollars, Appendix E)
RG_ACRE_MIN = minimum acreage (Appendix E)
CAP = gasification terminal capacity (Bcf per year)
RG_ACRE_CAP = throughput of capacitycfBoer year) per acre above the minimum
acreage (Appendix E)

Finally, the capital cost recovery factor, REC FEAAC, is determined as a function of debt
fraction, cost of debt, cost @fquity, corporate tax rate, and tteeminal’'s economic life. It is
calculated as follows:

(-RG_LIFE_YRS)

REC_CAP_FA& = WACOC/(1-((1.+ WACOC) )

where,

WACOC=(RG_DEBT_EQTY*RET_DEBT*(1.—RG_CORP_TARAT))

(G-39)
+((1.-RG_DEBT_EQY)*RET_EQ)
RET_DEBT= (0MC_RMCORPBAA /100.)+ RG_RISK_DEBT (G-40)
RET_EQ=(oMC_RMGFQM_10NS,/100.)+ (RG_RISK_FAC* RG_RISK_S@\L)
(G-41)

where,
REC_CAP_FAC = capital cost recovery factor
WACOC = weighted average cost of capital (factor) after tax
RG_LIFE_YRS = economic life (in yeardpr regasification terminal financing

(Appendix E)

debt fraction akebt-to-equity ratio (Appendix E)

cost of debt (fraction) agunction of AA utility bond rate and a risk
premium

corporate tax réfte regasification terminal (Appendix E)

cost of equity (fraction)

AA utility bond rate @rcent), a macroeconomic variable

risk premium for theost of debt (fraction, Appendix E)

RG_DEBT_EQTY
RET_DEBT

RG_CORP_TAXRAT
RET_EQ
oMC_RMCORPBAA
RG_RISK_DEBT
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oMC_RMGFCM_10NS
RG_RISK_FAC
RG_RISK_SCAL

y

10-year treasury @@percent), a macroeconomic variable
general industry average fisgtor on cost of equity (Appendix E)
scalar to set risk factor the cost of equity (factor, Appendix E)
forecast year

Operation and Maintenance Expenses

Total operation and maimance expenses are computed as the sum of administrative and general
expenses, operation andintanance expenses, taxes andnasces, electric power cost, and
fuel usage and loss. The equation is as follows:

OM_COSTS= RG_COST WASES+COST_OM+COST_TAX_INSUR

where,

(G-42)
+COST_POWER- COST_FUEL
COST_OM=RG_OM_FRAC CAP_COST
COST_TAX_NSUR=(RG_TAX_FRAC+RG_INSUR_RAC)*
(CAP_COST-RG_INT_CONST) (G-43)
COST_POWER= (RG_KW_MMTONS/RG_BCFMMTONS)* CAP* 365* 24,
*RG_COST_KWH/1000000. (G-44)
RG_COST_KWH = (0PELIN,, *0.3412/100* oMC_PCWGDP (G-45)

COST_FUEL=

where,
OM_COSTS
RG_COST_WAGES

COST_OM
COST_TAX_INSUR
COST_POWER
COST_FUEL
RG_OM_FRAC
CAP_COST
RG_TAX_FRAC
RG_INSUR_FRAC
RG_INT_CONST
RG_KW_MMTONS

RG_BCF_MMTONS
CAP
RG_COST_KWH
OPELIN(c,y)

RG_FUEL_FRA\C* CAP*RG_UTIL_FIN* RG_FUEL_MMBTU (G-46)

total maintenance awpkration expenses (2004 million dollars)

administrative and gehéased on 50 employees per terminal (2004
million dollars) (Appendix E)

operationral maintenance expenses (2004 million dollars)

taxes andsarances (2004 million dollars)

ektric power cost (2004 million dollars)

fuel usage and loss (2004 million dollars)

operations and mainégce as a fraction of capital cost

capital cost (2004 million dollars)

taxes as a fraction of captast minus intereduring construction

insurance as a fractioc@pital cost minus interest during construction
interest charges durimgstruction (2004 million dollars, Appendix E)
kilowatts of electric power per million tons of regas capacity per year
(Appendix E)

conversion factor in Boer million tons of LNG (Appendix E)
regasification terminal capacity (Bcf per year)

average cost per kifatt-hour (2004 dollars per kilowatthour)

global variable for electriciprice to the industrial sector (1987 dollars
per MMBtu)
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conversion factor for elactty consumption (=3,412 Btu per

0.3412 =
kilowatthour)
365 = 365 days per year
24 = 24 hours per day

GDP chain-type priageflator variable (from the Macroeconomic

oMC_PCWGDP(iy)
Activity Module)
fuel use adraction of throughput (Appendix E)

utilization rate for financial purposes (Appendix E)
cost of natural gas (LNGupply as fuel (2004 dollars per MMBtu)

census division mapped from an LNG region

forecast year
index, conversion from yeatollars (RG_DOLS, Appendix E) for

regasification cost dafE15 if RG_DOLS=2004)

RG_FUEL_FRAC
RG_UTIL_FI
RG_FUEL_MMBT

<<oCZ

Per-Unit Charge
The per-unit regasification charge at each terminal is obtained by dividing its regasification cost
by its terminal capacity and utilization rate (for financial purposes). The resulting per-unit charge
is then adjusted based on regparameters to account for regioresflic costs associated with

land purchase, labor, risk premium, site specific permitting, special land and waterway

preparation and/or acquisition.
The per-unit regasification chargecismputed by the following equation:

NGLNG_RGCGST = (RET_CAP+ OM_COSTS)CAP* RG_UTIL_FIN) a7
* RG_REG_ADJ* (0MC_PCWGIP,,,/oMC_PCWGIP, ) (G-47)

where,
NGLNG_RGCOST = per-unit regdication charge (2004 $/Mcf)
RET_CAP = annual returon capital (2004 million dollars)
OM_COSTS = total maintenance amgkration expenses (2004 million dollars)
CAP = regasification terminal capacity (Bcf per year)
RG_UTIL_FIN = utilization rate for financial purposes (Appendix E)

regional adjustmdattor by region (Appendix E)
GDP chain-type priageflator variable (from the Macroeconomic

Activity Module)
index, conversion from yeatollars (RG_DOLS, Appendix E) for

ly =
regasification cost dafE15 if RG_DOLS=2004)

RG_REG_ADJ(r)
oMC_PCWGDP(iy)
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Appendix H

Variable Cross Reference Table






With the exception of the Pipeline Tariff SubmacelfPTS) all of the equations in this model
documentation report are the same as those uieel inodel Fortran code. Table H-1 presents cross
references between model equationalaes defined in this documeand in the Fortran code for the
PTS.

TableH-1. Cross Reference of PTM Variables Between Documentation and Code

Documentation | Code Variable Equation #

Rif Not represented 124

Riv Not represented 125

ALL ¢ AFX_ i, where i=PFEN, CMEN, LTDN, 124
DDA, FSIT, DIT, OTTAX, TOM

ALL, AVA_ i, where i =PFEN, CMEN, LTDN, 125
DDA, FSIT, DIT, OTTAX, TOM

Ri PFEN, CMEN, LTDN, DDA, FSIT, DIT, 124, 125
OTTAX, TOM

FCa Not represented 126

VC. Not represented 127

Rir RFC_ i, where i=PFEN, CMEN, LTDN, 128

DDA, FSIT, DIT, OTTAX, TOM

Rifu UFC_i, where i = PFEN, CMEN, LTDN, 129
DDA, FSIT, DIT, OTTAX, TOM

Riv.r RVC_ i, where i = PFEN, CMEN, LTDN, 130
DDA, FSIT, DIT, OTTAX, TOM

Riv.u UVC_ i, where i = PFEN, CMEN, LTDN, 131
DDA, FSIT, DIT, OTTAX, TOM

ALLj, AFR_ i, where i = PFEN, CMEN, LTDN, 128
DDA, FSIT, DIT, OTTAX, TOM

ALL¢y, AFU_ i, where i = PFEN, CMEN, LTDN, 129
DDA, FSIT, DIT, OTTAX, TOM

ALL,, AVR_ i, where i = PFEN, CMEN, LTDN, 130
DDA, FSIT, DIT, OTTAX, TOM

ALL,, AVU_ i, where i = PFEN, CMEN, LTDN, 131
DDA, FSIT, DIT, OTTAX, TOM

Energy Information Administration
NEMS Natural Gas Transmission and Distribution Module Documentation 2006 H-1



Documentation

CodeVariable

Equation #

AFX_ i, where i = PFEN, CMEN, LTDN,
DDA, FSIT, DIT, OTTAX, TOM

189, 190 192-195

ltem ot PFEN, CMEN, LTDN, DDA, FSIT, DIT, 189, 190, 192-19"1
OTTAX, TOM

FCat Not represented 189

VCai Not represented 190

TCOS; Not represented 191, 196

RFGC,t RFC_i, where i = PFEN, CMEN, LTDN, 192
DDA, FSIT, DIT, OTTAX, TOM

UFCy. UFC i, where i = PFEN, CMEN, LTDN, 193
DDA, FSIT, DIT, OTTAX, TOM

RVCy; RVC_i, where i = PFEN, CMEN, LTDN, 194
DDA, FSIT, DIT, OTTAX, TOM

UVCa; UVC i, where i = PFEN, CMEN, LTDN, 195
DDA, FSIT, DIT, OTTAX, TOM

A AFR_i, where i = PFEN, CMEN, LTDN, 192, 193
DDA, FSIT, DIT, OTTAX, TOM

Wi AVR_i, where i = PFEN, CMEN, LTDN, 194, 195

DDA, FSIT, DIT, OTTAX, TOM

a - arc, t - year, i - costf-service component index

H-2
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